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Abstract

Industry consumes about 40% of the total primary energy used in the United States. Natural gas
and oil, the major industrial fuels, are becoming scarce and expensive; therefore, there is a critical
national need to develop alternative sources of industrial energy based on the more plentiful
domestic fuels—coal and nuclear. This report gives the results of a comparative assessment of
nuclear- and coal-based industrial energy systems which includes technical, environmental,
economic, and resource aspects of industrial energy supply. The nuclear options examined were
large commercial nuclear power plants (light-water reactors or high-temperature gas-cooled reactors)
and a small [~300-MW(t)] special-purpose pressurized-water reactor for industrial applications.
Coal-based systems selected for study were those that appear capable of meeting environmental
standards, especially with respect to sulfur dioxide; these are (1) conventional firing using either low-
or high-sulfur coal with stack-gas scrubbing equipment, (2) fluidized-bed combustion using
high-sulfur coal, (3) low- and intermediate-Btu gas, (4) high-Btu pipeline-quality gas, (5) solvent-
refined coal, (6) liquid boiler fuels, and (7) methanol from coal.

Results of the study indicated that both nuclear and coal fuel can alleviate the industrial energy
deficit resulting from the decline in availability of natural gas and oil. However, because of its
“broader range of application and relative ease of implementation, coal is expected to be the more
important substitute industrial fuel over the next 15 years. In the longer term, nuclear fuels could
assume a major role for supplying industrial steam.







Part I. Executive Summary

1. Introduction

1.1 PURPOSE AND SCOPE

This study was a joint undertaking of the Oak Ridge National Laboratory (ORNL) and eight
industrial firms representing paper, chemical process, and petroleum refining industries. The purpose
of the study was to analyze alternative future sources of energy for industrial uses. The assessment
includes technical, environmental, economic, and resource availability aspects of industrial energy
supply. Since coal and nuclear appear to be the only domestic fuels with the potential for meeting an
increased share of near-term energy demands and with an adequate long-term resource base, these
were the only fuels considered.

1.2 NEED FOR ALTERNATIVES

The industrial sector, the largest energy user in the United States, accounts for about 40% of the
total primary energy consumption (Fig. 1.1). Natural gas and petroleum are the primary fuels
currently used by ihdustry; of the direct fuel uses, 51% is natural gas, 27% is oil, and 22% is coal.
Both natural gas and petroleum are becoming scarce, and the prices are escalating rapidly. Perhaps
an even greater concern to industry is that no longer can a long-term supply of gas or oil be assured
regardless of price. As a consequence, industry will have to rely more and more on the plentiful
domestic fuel resources (i.e., coal and nuclear) in the future. From a national energy viewpoint, the
use of coal or nuclear fuel in industry would release gas and oil for other uses and would move us an
important step toward the national goal of self-sufficiency in energy. Figure 1.2 shows the industrial
consumption of gas and petroleum projected by the Department of Interior for 1980, and, for
comparison, the projected U.S. shortfall by 1980. As will.be noted, the use of substitute domestic
fuels by industry would materially reduce our dependence on foreign supply.

Natural gas and petroleum are consumed in both fuel and nonfuel applications. Nonfuel uses
include chemical feedstocks, lubricants, etc. Less than 7% of the natural gas and nearly 38% of the

1. W. G. Dupree, Jr., and James A. West, United States Energy Through the Year 2000, U.S. Department of the Interior
(December 1972).
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petroleum consumed by industry is used for nonfuel purposes. Although coal may eventually be
converted to forms suitable for chemical feedstocks, the best opportunity for industrial energy
substitutions is in the area of fuels. .

The Department of Interior projections to the year 2000 reported by Dupree and West'
assumed that the rate of increase of industrial energy consumption would average 3.3%/year. The
energy increases were assumed to be borne by natural gas, petroleum, and utility-produced
electricity. Although the projections were quite reasonable in 1972, recent events suggest that the use
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Fig. 1.2. Comparison of industrial consumption and U.S. deficit of natural gas and petroleum in 1980. (Source:[ West and
Dupree.')

of gas as an industrial fuel will decline because reserves are inadequate to meet demands. The
increased use of oil for industrial fuel may, in fact, come about, but this is contrary to the goal of
self-sufficiency in energy. ,

Another possible scenario developed from the Department of Interior projections is shown in
Fig. 1.3. In developing these data, the following assumptions were made.

1. Total industrial energy use and the contributions of coal and electricity to the total are the
same as those reported by Dupree and West.

2. The nonfuel energy sources are the same as those reported by Dupree and West.

3. Natural gas for industrial fuel will be phased out lihearly starting in 1975 and ending in 1985.

4. Oil for industrial fuel will be phased out linearly starting in 1980 and ending in 1990.

The deficit in industrial fuels resulting from the assumed phaseout of oil and gas, illustrated in
Fig. 1.3, would have to be made up by coal, nuclear, and other energy sources. According to this
scenario, the rate of changeover in the decade 1975 to 1985 would need to be very great. For
example, the new capacity of industrial boilers and process heaters added in that period, as shown in
Table 1.1, would be nearly 60% of the thermal energy capacity that will be installed by the electric
utility industry in the same time period. It should be noted that nearly three-fourths of the “new”
industrial energy capacity for the 1975 to 1985 period will be obtained by retrofitting existing
industrial plants. There is serious doubt as to whether the éssumed rate of phaseout of gas and oil is
feasible because (1) some promising methods of utilizing coal or nuclear for industrial fuels are not
sufficiently developed for commercial application, and (2) equipment manufacturers and the fuel
resource industries will be hardpressed to meet both the industrial and electric utility demands.
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Table 1.1. New industrial boiler

and process heater capacity

required to the year 2000

New capacity? [MW(t)}

For period

Period

Annual average

57,800
89,900
44,400
25,200
25,100
48,500

289,000
449,500

1975-1980

1980-1985
1985-1990

1990-1995

222,000
126,000
125,500

1995-2000
Total 1975—-2000

000

el

1,212

%Boilers and process heaters assumed to oper-
ate at 90% plant factor and with a fuel-to-heat

conversion efficiency of 85%.




The present trend in industries that burn natural gas is to convert process heaters and boilers to
oil. Although most industries recognize that this could be a stop-gap measure, there are essentially
no other alternatives at the present time. Thus, there is an urgent need to develop energy options
based on domestic fuels for the industrial sector.

1.3 ENERGY ALTERNATIVES CONSIDERED

There are a number of energy systems options based on either coal or nuclear fuel. The nuclear
options examined were large commercial nuclear power plants [light-water-cooled reactors (LWRs)
or high-temperature gas-cooled reactors (HTGRs)] and a small {~300-MW(t)] special-purpose
pressurized-water reactor (PWR) for industrial applications. Coal-based systems selected for study
were those that appear capable of meeting environmental standards, especially with respect to sulfur
dioxide; these are (1) conventional firing using either low-sulfur coal or high-sulfur coal with
stack-gas scrubbing, (2) fluidized-bed combustion using high-sulfur coal, (3) low- and
intermediate-Btu gas, (4) high-Btu pipeline-quality gas, (5) solvent-refined coal (SRC), (6) liquid
boiler fuels, and (7) methanol from coal.

Although much of the assessment of energy systems is applicable to all regions of the country,
the emphasis of the study was on the Gulf Coast area, since industries in this region are large energy
consumers and the primary fuel is natural gas. Since both technical and economic data on energy
systems are changing rather rapidly, it should be kept in mind that the assessment given in this study
is based on data obtained during the first half of 1974. Furthermore, only those energy systems that
have the potential for significant commercial implementation within the next 15 years were
considered. Thus, energy sources such as breeder reactors, fusion, and solar were not examined.




2. Results

2.1 DESCRIPTION AND STATUS OF ENERGY SYSTEMS
2.1.1 Large Nuclear Systems

Large nuclear power plants commercially available are the boiling-water reactor (BWR), the
PWR, and the HTGR. Both BWRs and PWRs use slightly enriched uranium dioxide pellets as fuel
and demineralized water as coolant and moderator. The fuel of the HTGR is a mixture of uranium
carbide (highly enriched in **U) and thorium oxide, the moderator and core structure is graphite,
and the coolant is helium.

All present reactors were developed to serve the needs of the electric utility industry, and, with
one exception, all existing or planned large reactors are single-purpose electricity-generating plants.
The Consumers Power Midland, Michigan, nuclear station, which will commence operation in 1980,
is designed to produce both electricity for the grid and process steam for the Dow Chemical
Company complex located nearby. _ ;

Commercial nuclear steam supply systems are available in standard sizes, ranging from 1900 to
3800 MW(t) (Table 2.1). Typically, the BWRs and PWRs produce steam at 1000 psia saturated; the
HTGR steam conditions are 2400 psia and 510°C (950°F).

Table 2.1. Commezcial nuclear steam supply systems

Reactor type
BWR PWR HTGR
Number of U.S. manufacturers 1 3 1
Size range, MW(t) 1956—3833 1882-3818 2000-3000
Steam conditions, psia 1040 915-1125 2400
(sat.) (sat.) (950°F)

As of Dec. 31, 1973, there were 42 large reactors operating, 56 under construction, and 101
planned or on order. The large size of the units, coupled with a relatively complex regulatory
process, results in a long period of planning and construction totaling 7 to 10 years. After a
reasonable shakedown period for new plants, it is expected that plant availability factors of ~80%
can be achieved.

2.1.2 Small PWR

The Consolidated Nuclear Steam Generator (CNSG) is a small [~300-MW(t)] PWR developed
by Babcock and Wilcox for nuclear ship propulsion. Part of the developmental work was sponsored
by the U.S. Maritime Administration. Conceptual studies of land-based and barge-mounted
versions of the CNSG were made to assess, in a preliminary way, the potential value of this reactor
for industrial applications.




The basic technology embodied in the CNSG is similar to that for large PWRs, but the CNSG
has some unique features. It is a very compact system; the compactness is accomplished by placing
the once-through steam generator inside the reactor vessel and by using a pressure-suppression
containment system. Primary coolant pumps are placed on the reactor vessel, thus eliminating
external coolant loops. Steam is produced at 700 psia and 237°C (458°F) (50°F superheat).

Some of the unique features of the plant design, including the once-through steam generator,
have already been demonstrated in the German nuclear ship “Otto Hahn™; this 38-MW(t) plant has
operated successfully since 1969. The U.S. Maritime Administration is currently developing plans to
apply the CNSG [313 MW(1)] to a 600,000-ton tanker. Start of construction is planned within | or 2
years. It would appear that only a small amount of development would be required to adapt the
CNSG to industrial uses. '

Since the CNSG design allows a greater degree of shop assembly than large reactors, the
planning and construction period may be reduced. Planning and construction may be about 6 years
for the land-based plant and 4'; years or less for the barge-mounted version. Assuming a mature
technology, the plant availability factor is expected to be on the order of five percentage points
higher than that for large reactors; the difference is attributable to less-frequent refueling and
reduced refueling time.

2.1.3 Direct Coal Firing

Within environmental constraints, there are three methods of directly u_éing coal for boilers.
Low-sulfur coal can be burned in a conventional boiler with precipitators to reduce particulate
emission. High-sulfur coal can be fired in a conventional boiler equipped with stack-gas scrubbers to
remove SO; or in fluidized-bed coal combustors with limestone injection. All these methods appear
to also be applicable to process heaters. Coal-fired process heaters were once common, but they are
not presently being manufactured in the United States; they were displaced by gas- and oil-fired
heaters. Fluidized-bed process heaters would seem feasible, but no development work is currently
being done.

If coal of sulfur content low enough to meet Environmental Protection Agency (EPA)
standards of 1.2 Ib SO; per million Btu heat input is available, a wide selection of coal-fired boilers
is available from U.S. manufacturers. However, particulate-removal equipment, usually an
electrostatic precipitator, will be needed to meet the requirement of 0.1 1b/ 10° Btu heat input set by
EPA. Conventional coal-fired boilers are available to produce steam at temperatures and pressures
suitable for all industrial applications in sizes ranging from a few hundred pounds per hour to
several million pounds per hour. Planning and construction periods are on the order of 2 years, and
plant availability factors of near 90% are achievable.

A conventional boiler or direct coal-fired process heater burning high-sulfur coal would require
stack-gas scrubbing; over 100 such processes have been proposed, and about a dozen have reached
the pilot plant or demonstration phase. The scrubbing systems may be divided into three broad
groups: throwaway, regenerable, and dry processes. The throwaway processes generally dispose of
removed sulfur as a waste sludge of calcium salts. The regenerable and dry processes convert
product solutions or solids to elemental- sulfur or sulfuric acid. Many of the scrubbing processes
remove SO; with an aqueous solution or slurry of alkaline material. The electric utility industry has
placed greatest emphasis on the development and demonstration of lime and limestone slurry
scrubbing, which are throwaway processes. Systems are being planned for over 20 power plants.




However, operating experience to date has not been entirely satisfactory because of scaling,
plugging, erosion, and corrosion.

Fluidized-bed combustion of coal, a relatively new technology, appears to be very promising as
an environmentally acceptable method of burning high-sulfur coal. Combustion is accomplished in
an inert bed, consisting mainly of ash and limestone, which rests on a plate containing nozzles.
Combustion air introduced through the nozzles expands the bed to a level greater than its static
depth. Crushed coal is injected into the bottom of the bed. Bed turbulence aids in transferring heat
to the fuel and also provides intimate mixing of fuel and air, thus promoting rapid combustion. Bed
temperature is controlled at 870 to 982°C (1600 to 1800°F) by removing approximately half of the
heat through heat transfer surfaces immersed in the bed. The relatively low combustion temperature
sharply reduces the formation of nitrogen oxides, and the conditions of temperature and turbulence
in the bed favor the reaction of sulfur oxides and limestone. Thus the injection of limestone is very
effective in reducing SO, emissions. Fluidized-bed boilers are not now commercially available but
are under development. A demonstration boiler that produces 300,000 Ib of steam per hour {~100
MW(t)] is scheduled for completion in mid-1975.

2.1.4 Gas from Coal

There are a number of processes for producing fuel gas from coal, some of which are in the
development stage and others commercially available. The fuel gases produced are classified
according to the higher heating value of the gas as follows: (1) low-Btu gas, 120 to 200 Btu/ scf, (2)
intermediate-Btu gas, 300 to 600 Btu/scf, and (3) high-Btu gas, 900 to 1000 Btu/scf. The high-Btu
gas is similar to natural gas both in composition and heating value. Table 2.2 gives a comparison of
compositions and heating values of the coal-derived gases. .

Low-Btu gasification is achieved by reacting coal with steam and air. Partial combustion of the
coal provides the heat necessary to cause steam to react with carbon, producing hydrogen, carbon
monoxide, and small amounts of methane and other hydrocarbons. In addition to combustible
gases, the fuel also contains significant quantities of CO; and nitrogen as shown in Table 2.2, Sulfur
contained in the coal appears in the gas principally as hydrogen sulfide (H:S), which can be
scrubbed from the fuel gas.

Table 2.2, Representative properties of low-,
intermediate-, and high-Btu gas

Gas composition (% by volume)
Low Btu Intermediate Btu High Btu

Carbon dioxide 15 4-6 1
Carbon monoxide 15 30-41

Hydrogen 23 37-49 5
Methane 4 1-14 92
Nitrogen 42 4-6 2
Other hydrocarbons 1 0-7

Approx. higher heating 170 300-500 1000

value, Btu/scf

C




The production of intermediate-Btu gas from coal is similar to the production of low-Btu gas,
except that oxygen or oxygen-enriched air is used in partially oxidizing the coal. Thus, the nitrogen
content of the product gas is substantially reduced.

There are a number of developmental processes for producing high-Btu gas from coal, but the
process that is considered current technology is based on additional processing of intermediate-Btu
gas. Two major steps are required. A shift conversion step reacts some of the carbon monoxide in
the intermediate-Btu gas with steam to produce additional hydrogen. A methanation step reacts
hydrogen with carbon monoxide to produce methane (CH,). El Paso Natural Gas Company is
planning a coal gasification plant to produce 288 million ft’/day of pipeline-quality gas in the
northwest corner of New Mexico; plans are for the plant to be completed in 1978. [Combustion of
this gas would produce energy at the rate of about 3000 MW(t).]

2.1.5 Liquid Fuels from Coal

A number of processes are under development for the production of liquid fuels from coal. One
point of emphasis in this program is the production of synthetic crude oil which could be refined
into various products much like natural crude oil. The main problem in the conversion of coal to
liquids is the transformation of a low-hydrogen-content solid into a liquid containing a large
amount of hydrogen. The differences among the various processes are related primarily to the
method of hydrogenation. Some hydrogen can be added without a catalyst, but a catalyst is
generally required to make light fuel products. The Office of Coal Research is pursuing three
processes for coal liquefaction, and it is expected that a commercial process will be developed by the
early 1980s.

2.1.6 Solvent-Refined Coal (SRC)

The solvent refining process was developed to produce a low-ash, low-sulfur boiler fuel from
coal with a minimum of hydrogenation. The product is a solid at room temperature. In the SRC
process, crushed coal is slurried with anthracene-oil solvent and hydrogen, the mixture is heated to
~427°C (~800°F) to dissolve the coal, and the resulting solution is filtered to remove the mineral
residue. The product, which is low in sulfur, can be burned as a hot liquid or can be solidified
(cooled) for shipment and use as a solid fuel. Although there is some question about remelting,
limited tests suggest that the product can be remelted and fired much as a heavy residual oil.

A 50-ton/day SRC pilot plant, sponsored by the Office of Coal Research, is scheduled for
startup in the fall of 1974. The plant would have a coal feed rate equivalent to about 14 MW(t). A
smaller 6-ton/day pilot plant, built by the Southern Company and Edison Electric Institute, was
completed in September 1973. This unit, operating on Kentucky No. 14 coal with 3.9% sulfur,
produces a product with :about 0.6% sulfur and a heating value near 16,000 Btu/lb.

2.2 ASSESSMENT

2.2.1 Resources

Both coal and uranium are relatively abundant, but there are limitations to exploitation for
each. Uranium, which is widely distributed in the earth’s crust, is more abundant than gold or silver
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and about the same as molybdenum or tin, However, the average concentration in the earth’s crust is
rather low (2 to 4 ppm), and extraction from dilute sources would be expensive. The present source
of uranium ore in the United States is contained in sedimentary strata, particularly those found in
the Colorado Plateau and in the Wyoming basin. The average concentration of uranium in presently
mined ore is about 2100 ppm, and the market price is $6 to $10 per pound of U;Os. Known and
estimated reserves in conventional uranium ore deposits are expected to be depleted by the end of
the century. Assuming no new mining regions are discovered, the uranium supply will then shift to
more dilute sources.

The Chattanooga shales contain 25 to 80 ppm of U3Os, and the cost of extraction is expected to
be $50 to $100 per pound of U30;. Other sources of uranium include western lignite deposits (50 to
200 ppm), Conway granites (10 to 20 ppm), and the sea (0.003 to 0.004 ppm). The Chattanooga
shales alone contain enough uranium to last over a century. Thus, the problem is not that we will
run out of uranium but that its price and the environmental effects of mining low-grade ore will
gradually increase until alternatives to present-day converter reactors may become more desirable.
The expected trend in nuclear energy production cost based on converter reactors is illustrated in
Fig. 2.1. However, studies by the U.S. Atomic Energy Commission (AEC) indicate that even to the
year 2000, converter reactors will still be more economical than coal for base-load central-station

ORNL-DWG 7412798
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Fig. 2.1. Relative levelized cost of steam production with a light-water reactor as a function of startup date (utility financing).
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power applications. The AEC expects that the breeder reactor, which is presently under
development, will begin to relieve the stress on uranium resources by the early 1990s.

The in-place reserves of coal that is minable with present technology amounts to about 394
billion tons. Assuming present mining recovery factors, the recoverable reserves amount to 220
billion tons, with 175 billion tons deep minable and 45 billion tons strippable. Of the strippable coal,
25 billion tons are low in sulfur and are located in the Rocky Mountain states. The total recoverable
coal reserves are equivalent to about a 65-year supply at a rate of consumption equal to our total
national energy use in 1970. It is evident that the coal reserves are adequate to meet almost any
demand in the foreseeable future. The limitations on the exploitation of this resource are (I)
environmental constraints on mining, (2) coal-industry development, and (3) transportation.

Most of the present concern about environmental effects is related to strip mining. Because of
low capital and operating costs and reduced time for mine development relative to deep mines, strip
mining is on the increase and presently accounts for about half of our total coal production. Some
form of national legislation to reduce the adverse effects of stripping seems inevitable. The nature of
this legislation could have a strong bearing on the rate at which coal resources can be exploited,
especially in the west. Aside from the environmental constraints, there are other limitations to coal
industry expansion. Large deep mines require about 5 years and substantial capital for development.
Much of the financing will need to come from outside the coal industry.

The transportation industry is also an important element of the coal energy supply system. Rail
transportation is particularly important, and limitations on the rate of modernization and expansion
of this industry will affect the rate of coal resource development. When all factors are taken into
consideration, the National Petroleum Council believes that coal production can
increase at 5%)jyear. However, it appears that a rate of over 6% will be required over the next
decade to simply hold the rates of oil and gas consumption in the utility and industrial sectors at
their present levels. If the goal is to displace present uses of oil and gas, the coal expansion rate must
be even higher. It appears that coal supply will be hard pressed to meet demand, at least over the
next decade.

2.2.2 General Applicability

Industrial needs for energy include steam, process heat, electricity, and chemical feedstocks.
Blocks of energy vary in size from a few to several hundred thermal megawatts. Much of the current
need for new energy systems is for retrofitting existing industrial plants that are presently burning
gas or oil, but there is also a need for energy systems for expansion of present plants and for new
“grass roots” industrial plants. The energy alternatives considered in this study exhibit different
degrees of flexibility relative to meeting the various requirements for industrial energy systems.

Size

The question of how well the output of individual supply systems match the consumption of
energy is of significance only for the nuclear systems. Generally, the commercial nuclear power
plants produce more energy than individual industrial plants. can use. Even for large petroleum
refineries, which are among the most energy-intensive industrial operations, there is a mismatch
between the output of commercial reactors and refinery energy needs. For example, a
500,000-bbl/day refinery would require approximately 4000 MW(t) of energy input; 2000 to 3000
MW(t) of this would be based on purchased fuels, and the remainder would be supplied by
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internally generated fuels. Thus, a refinery slightly larger than any presently operating in the United
States could take the output of one commercial reactor. However, a single unit would not provide
the reliability required; at least two or possibly three units would be needed. This leads to one
important result concerning the use of large nuclear power plants for industrial energy: a multiunit
station will be needed, and the output will be shared by a group of industrial plants or by one or
more industrial plants and an electric utility. The latter situation is illustrated by.the arrangement
between Dow and Consumers Power at Midland, Mich. Another consideration in supplying energy
from a nuclear power station to outlying industries is that thermal energy, whether it be steam or
process heat, may need to be transported over a considerable distance. ‘

In contrast to large commercial nuclear power plants, the output of small special-purpose
reactors, such as the CNSG, could be consumed by some individual industrial plants in some cases.
A two- or three-unit station would provide 600 to 1000 MW(t) of steam.

Application by energy form

Depending on the type of industrial plant, energy consumption may be in the form of
electricity, steam, process heat, and chemical feedstocks. Table 2.3 shows the ranking of systems
relative to the four potential energy needs. All energy sources could be used to produce electricity
and steam, and all except the LWRs appear to be capable of providing process heat. Both the
HTGR and the fluidized-bed combustor would require additional development before they could be
applied to process heating. High- and intermediate-Btu gas and synthetic crude oil from coal could

be used as sources of chemical feedstocks.

Table 2.3. Ranking of industrial systems by range of application

System Electricity Steam Process Chemical

heat feedstock
High-Btu gas X X X X
Intermediate-Btu gas X X X X
Liquid fuels X X X x4
Low-Btu gas X X X
Solvent-refined coal X X X
Fluidized-bed combustor X X xb
Conventional firing X X x¢
HIGR X X xb
Small LWR X X
Large LWR X X

4Synthetic crude oil can be processed in a petrochemical refinery much the
same as natural. Heavy boiler fuels from coal would not be a source of chemical
feedstocks. ‘

b Additional development required for process heating applications.

Direct coalfired process heaters have been used but are nof presently
manufactured in the U.S. )
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Ease of retrofitting

Existing industrial plants, esbecially those that presently use natural gas, may need to be
switched to another fuel in the future. The ranking of the energy sources by the ease of retrofitting
existing gas-fired installations is as follows:

. high-Btu gas,

. intermediate-Btu gas,

. liquid fuels,

. solvent-refined coal,

low-Btu gas,

fluidized-bed combustor,

conventional firing with low-sulfur coal,
conventional firing with stack-gas cleanup,
. HTGR,

10 small LWR,

11. large LWR.

© N e s W

High- and intermediate-Btu gas from coal would require the least change in existing boilers and
heaters. Liquid boiler fuels or synthetic crude oil would require about the same modifications as
would residual oil. Solvent-refined coal might also be fired in a modified gas boiler or heater if
remelting of the solid fuel product proves practicable. Low-Btu gas appears to be questionable as a
fuel for retrofitted systems because of derating and loss of efficiency; however, these factors have not
been thoroughly evaluated by test. The remaining energy systems (i.e., the fluidized-bed and
conventional coal systems and the nuclear systems) would require the installation of new equipment.
Light-water reactors would probably be the most difficult to retrofit because in some plants
industrial turbine drives would have to be changed to use the saturated steam produced by LWRs.

Energy acquisition

If an industry desires to obtain a new energy system, an important consideration is the number
of options available in making the acquisition. Can the equipment be purchased independently or is
the energy supply of such a nature that a joint undertaking with others is required? Table 2.4 shows
the options for each of the energy systems. Generally, large reactors ‘and the mine-mouth
coal-conversion processes offer the fewest options. The output of large reactors must be shared
because of their size. Mine-mouth coal-conversion plants would probably be owned by an energy
company selling fuels. :

When an energy system will be available is another important factor. Table 2.5 ranks the energy
systems by year of availability. The only option available in 2 years or less that is based on proven
technology is conventional firing using low-sulfur coal.
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Table 2.4. Ranking of industrial energy systems
by user’s options for action

Purchase Cooperate  Purchase

System equipment with fuel or

others energy
Low- and intermediate-Btu gas X X X
Small reactors X X X
Fluidized-bed combustor X X X
Conventional firing X X X
Large reactors X X
Liquid fuels X X
Solvent-refined coal X X
High-Btu gas X

Table 2.5. Ranking of industrial energy systems by date
of earliest commercialization or application

System Date

Conventional firing, low-sulfur coal 1976
Conventional firing, stack-gas cleaning?® 1976
Low-Btu gas 1976-78
Intermediate-Btu gas 197678
Fluidized-bed combustor? 1977-79
Solvent-refined coal® 1979-81
Liquid fuels? 1981-83
Large nuclear power plants 1981-84
Small nuclear power plants? 1981-84
High-Btu gas? 19780

2Not commercially demonstrated.

YEasliest commercialization date is 1978; however, the
capacity will not be large enough to have any impact on total
gas supply.

2.3 ENVIRONMENTAL CONSIDERATIONS

2.3.1 Nuclear

The environmental consideration of greatest concern with nuclear power is health and safety of
the public. This issue is complex, but it basically involves protection of people against any harmful
exposure to ionizing radiation. In the safety review of nuclear plants, the AEC considers both plant
design features and environmental characteristics that could adversely affect the plant’s safety
performance or the radiological consequences of accidents. Without exception, nuclear power plants
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have been judged by the AEC on a case-by-case basis; thus, no general assessment can determine the
acceptability of a given reactor at a given site. Nevertheless, this study addressed one general aspect
of nuclear plant siting that is particularly important—the size of the proximate population. The
prospect of using nuclear power for industrial energy raises the question as to whether it is
reasonable to expect that such plants could be located in typical industrial areas. To provide some
guidance on this question, population-risk estimates were made for several industrialized areas in
Texas and Louisiana. The acceptability of the calculated population-risk factors was judged by
comparison with risk factors estimated for existing approved reactor sites. It was found that all of
the industrialized areas studied, with the exception of the central city regions, would be quite
favorable as nuclear sites, at least on the basis of population risk.

2.3.2 Coal-Based Systems

All the coal-based energy systems examined in this study have the capability of meeting EPA
emission standards. However, this does not mean that all systems are equal with respect to
environmental impacts. Typical types and quantities of wastes resulting from the use of coal or
coal-derived fuels are shown in Table 2.6. For direct-fired systems employing eastern coal, the use of
lime or limestone slurry stack-gas scrubbing would result in the greatest environmental insult
because the sludge produced is not even suitable as land fill unless it is subjected to further treatment
for stabilization, provided some acceptable economical method can be found. Regenerable systems
for stack-gas scrubbing are also commercially available or will be in the near future. Generally, these
systems recover sulfur in the form of sulfuric acid or elemental sulfur, the latter being more
acceptable from an environmental standpoint. Fluidized-bed combustion systems produce a solid,
readily handled residue which would be suitable as land fill or possibly for road or masonry
construction. The processes for coal-derived fuels produce some solid waste in the form of ash, char,
or slag and elemental sulfur along with relatively small waste streams which can be renovated by
biological treatment. On-site coal gasification plants will generate ash in amounts equivalent to
direct-fired systems, and the ash can be handled in a conventional manner. For mine-mouth plants
the solid wastes, including the inert elemental sulfur if it cannot be marketed, will be returned to the
mine for fill. ,

The coal-conversion processes examined in this study require varying amounts of water’ as
shown in Table 2.7, which also lists water consumption rates for nuclear fuel processing and oil
refining for comparison. The higher values of water consumption shown include that required for
process or utility cooling, most of which is once-through. While the general trend is toward closed
evaporation systems to reduce thermal pollution, these systems have a greater evaporation loss than
once-through systems, and, consequently, cooling water will continue to be the largest increment of
water usage. Excluding cooling requirements, the water consumption for the coal-conversion
systems is modest. Typically in a liquefaction plant for producing fuel oil from coal, about 4% of the
total water requirement is consumed in hydrogen production. About 25% is used for scrubbing or
washing the gaseous and liquid product stream. All but a small fraction of this can be
subjected to biological treatment ‘and recovered for reuse. By comparison, the solvent-refined coal
process requires only about one-fifth of the water needed for coal liquefaction processes.

2. Chem. Eng. News 52(30), 17 (July 24, 1974).




Table 2.6. Typical wastes generated when using coal or coal-derived fuels for boiler or process heat fuel

Method of coal utilization

Characteristics of waste product

‘Approximate quantity of waste
available in fuel (Ib/ 1,06, Btu)

Conventional firing

Low-sulfur (western) coal
(<0.5% S, 4-8% ash)

High-sulfur (eastern) coal
(3-12% S, 8-20% ash)

Lime or limestone slurry
SO, removal for stack gas

Regenerable scrubbing to
remove SO, from stack gas

Fluidized-bed combustion using
limestone injection for SO,
abatement

Coal-derived fuels

Low- and intermediate-Btu gas from
eastern coal

No. 4 and No. 6 type fuel oils

Solvent-refined coal

High-Btu gas

On-site ytilization

Dry ash, gaseous SO,

Thixotropic sludge (30—-60% water) mixture
of lime, CaSO3, and ash

H,504 or elemental sulfur? and small waste
stream of Na;804, CaSO4, or catalyst
which can be recovered

Dry residue composed of ash and CaSO,

" Dry ash, elemental sulfur, acid wash water

(which must be treated before disposal)
Mine-mouth production (eastern coal)
Elemental sulfur, waste gas (CO3,), char,

waste water

Ash, waste water (treated), elemental
sulfur

Elemental sulfur, waste gas and water, slag

5-101bash; <11b SO,

13-140 Ib sludge (300 ft>/ton sludge)

2-10 1b elemental sulfur; »2 Ib Na,SO4,
CaSOyg, or spent catalyst; 13—32 1b ash

9-30 Ib of dry solids

13-321b ash, 2—10 Ib sulfur, 1 Ib wash water

2-10 1b sulfur, ~107 Ib waste gas, ~7 1b char

1-5 1b sulfur, 13-190 1b ash, ~60 Ib waste water

260 1b waste gas, 2—10 Ib sulfur, ~10 Ib slag, ~88 Ib

waste water

4Sulfuric acid is less desirable, since it has limited commercial value and cannot be transported economically except for short distances. Elemental

sulfur has commercial value and will therefore not necessarily be discarded as other waste products.

91
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Table 2.7. Water usage for
energy-conversion processes

Process Usage (gal/ 10° Btu)

Uranium reactor fuel (including 14
power plant consumption for
electricity used in processing)

Oil refining 7
Pipeline gas from coal (Lurgi )
process)

Water cooling 72-158
Partial (85% of demand) air cooling 37-79
Qil from coal 31-200
Solvent-refined coal 6—40

2.4 ECONOMICS

To provide a uniform basis for comparison, costs were estimated for producing steam with each
of the energy systems considered.

2.4.1 Capital Investments

The capital investments that must be made at the industrial site, shown in Table 2.8, range from
$48 to $192/kW(t). The mine-mouth/coal-conversion processes (high-Btu gas,|liquid fuels, and SRC)
require the least investment at the industrial plant, but, as will be discussed later, fuel costs are
relatively high. Of the coal-based systems, low- and intermediate-Btu gas processes require the

Table 2.8. On-site capital investments required per unit
of steam production (early 1974 dollars)

System Unit investment
: [$/kW(D)]
" High-Btu gas : T ' 484
Solvent-refined coal or liquid fuels 489
Conventional firing with low-sulfur coal 58
Fluidized-bed boiler 61
Conventional firing with high-sulfur coal 78
and stack-gas scrubbing )
Commercial LWR, 2-unit station, 93
1875 MW(t) each .
Commercial HTGR, 2-unit station, 105
2000 MW(t) each v ’ '
Intermediate-Btu gas 129
- Low-Btu gas 141
Barge-mounted CNSG, 2-unit station, 314 MW(t) each 154
Land-based CNSG, 2-unit station, 314 MW(t) each 192

“Does not include off-site investments required for mine-mouth coal-conver-
sion processes.
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largest on-site investment because the costs of the gasification equipment and boilers are both
included. The nuclear plant investments do not include reboilers; these may be required to isolate the
nuclear steam supply system from the industrial steam system. As will be noted, the CNSG requires
the largest investment per unit of output. The barge-mounted version of the CNSG is expected to
cost about 20% less than the land-based system because it is assumed that barge-mounted units
would be factory constructed.

2.4.2 Fuel Costs

The prediction of future prices of energy resources is difficult because of the current state of
uncertainty concerning fossil fuels. In this study, levelized nuclear fuel cycle costs were estimated for
reactor startup dates to 1991 for both utility and industrial financing conditions. The estimates of
nuclear fuel costs were based on what seem to be reasonable projections of uranium ore resources and
uses and expected trends in the cost of **U separation (separative work), fuel fabrication, and fuel
reprocessing. Since the electric utility industry is a major consumer of both coal and nuclear fuel, it was
assumed that the long-term price of coal will stabilize ata level that will make it competitive with nuclear
fuel for some types of electricity generation.

The estimated nuclear fuel-cycle costs are summarized in Table 2.9. Depending on the type of
reactor, the startup date, and the financing assumptions, estimated costs range from 27¢ to 68¢/10°
Btu.

Two sources of coal were considered in this study: eastern bituminous coal of high-sulfur
content from southern Illinois or western Kentuckyland western subbituminous coal of low-sulfur
content from Wyoming. Estimates were made for the costs of coal at the mine and delivered to the
Gulf Coast area (specifically to Houston and New Orleans). The estimates are summarized in Table
2.10. Mine-mouth values of coal were selected so that coal would be competitive with nuclear energy
for producing non-base-load electricity. The reference coal values are 50¢/10° Btu for eastern
high-sulfur bituminous coal and 30¢/10° Btu for western low-sulfur subbituminous coal. These
values are somewhat lower than present market prices, especially for eastern coal, but it was
assumed that present prices represent a response to a relatively short-term supply and demand
situation.

Table 2.9. Reference fuel-cycle costs (early 1974 dollars)

Startup date
System - 1981 1986 1991
Utility Industrial ~ Utility Industrial Utility Industrial

LWR
¢/10° Btu 27.3 32.7 31.0 38.0 34.6 43.4
mills/kWhr(e) 2.91 3.49 3.31 4.05 3.69 463

HTGR
¢/10° Btu 30.2 38.7 33.0 43.0 359 473
mills/kWhr(e) 2.67 3.42 2.91 3.80 3.17 4.17

CNSG
¢/10° Btu 41.4 52.4 46.7 60.3 51.8 68.1
mills/kWhr(e) 4.86 6.15 5.48 7.07 6.08 7.99
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Table 2.10. Cost of coal delivered to New Orleans
and Houston areas (early 1974 dollars)

Cost (¢/10° Btu)
Coal Total delivered cost

Transportation :
Sp (f.0.b. mine) ~p— Range
Eastern high-sulfur coal
To New Oreleans 18 50 68 55-81
area
To Houston area 24 50 74 60-88
Eastern low-sulfur coal
To New Orleans 18. 80 98 85-110
area
To Houston area 24 80 104 90-118
Western subbituminous coal
To New Orleans 57 30 87 71-103
area
To Houston area .
Via New Orleans 66 30 96 178-114
Direct unit train 45 30 75 60-89

2.4.3 Energy Production Costs

The estimated costs of producing steam with new installations in the Houston, Tex., area are
shown in Fig. 2.2. The steam production costs include capital charges, operation and maintenance,
and fuel costs. The capital charges depend on the financing assumptions. The assumptions made in
this study, shown in Table 2.11, are intended to be a representative set of conditions but not
necessarily applicable to any particular industry.

The results given in Fig. 2.2 show that large nuclear plants offer steam at the lowest cost of any
energy system investigated; steam costs from large nuclear plants range from 78¢ to 144¢/10° Btu,
depending on reactor type, size, and method of financing. The nuclear plants are followed by the
direct coal-fired systems—conventional firing and fluidized-bed combustion; steam costs range from
154¢ to 184¢/10° Btu. Solvent-refined coal is the most economical of the fuels derived from coal,
with an estimated steam production cost of 215¢/10° Btu. The land-based version of the CNSG
would produce steam for about 242¢/10° Btu. A factory-built, barge-mounted CNSG would be
somewhat less expensive, but no overall energy cost estimates were made for this concept. The most
_expensive energy systems are those based on liquid and gaseous fuels derived from coal; steam
production costs range from 266¢ to 345¢/10° Btu for liquid fuels and pipeline-quality gas
respectively. Methanol derived from coal (not shown in Fig. 2.2), the most expensive of all boiler
fuels, would result in a steam production cost of about 400¢/10° Btu.

The results discussed above are for new installations, but the largest near-term market for
alternative energy sources is for retrofitting existing plants. Intuitively, it would seem that the
coal-derived fuels, especially low- or intermediate-Btu gas, would make a better showing for the
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Table 2.11. Financial assumptions

Financial parameters (%)

Utility Industrial
Fraction of investment in bonds 55 30
Interest rate on bonds 8 8
Return on equify : 10 15
Federal income tax rate 48 48
State income tax rate 3 3
Gross revenues tax rate ' 0 0
Local property tax rate 3 3
Interim replacements rate 0.35 0.35
Property insurance rate 0.25 0.25
. Plant lifetime, years 30 20

retrofitting case than for a new installation, since existing gas-fired heaters and boilers could be
retained. Nevertheless, the analysis of this case showed that it will be more economical in most
circumstances to replace existing gas-fired boilers with new direct coal-fired boilers. A comparison
of selected energy systems for retrofitting is shown in Fig. 2.3.

In interpreting the economic results, it should be kept in mind that the comparisons are on the
basis of steam production. As discussed previously, there are marked differences among the energy
systems relative to the potential for supplying other energy needs. All the coal systems might be
useful for supplying process heat, whereas none of the present nuclear systems have that capability.
However, the HTGR could be adapted to moderate-temperature (1000 to 1400°F) process heating.
It should also be noted that the LWRs (including the CNSG) produce steam at a lower temperature
than either the HTGR or coal-based systems. Although the large LWRs have low thermal energy
costs, the thermodynamic availability of the thermal energy is less than that of most other steam
sources. If the comparison were on the basis of cost per unit of shaft work capability, the large LWR
cost would be near that of the HTGR.

Another factor in comparing the economics of large reactors with the other alternatives is that
the cost to transport thermal energy will probably be higher than for alternative steam systems. The
reason is that, since large nuclear plants are expected to serve as dual-purpose, central station electricity
and industrial steam plants, the nuclear station would likely occupy a site separate from that of the
industrial plant. This study indicated that steam transportation would cost 6¢ to 8¢ / 10° Btu per mile of
transport.

2.4.4 Effects of Cost Variables on Economic Results

There are a number of cost uncertainties that could affect the absolute values of estimated
energy costs as well as the relative ranking of the various energy systems investigated.

Estimated capital investments are most certain for large nuclear stations and conventional
coal-fired boilers and least certain for developmental systems such as ﬂuidized-bed boilers, small
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Fig. 2.3. Selected comparison of steam cost for retrofit vs new coal-fired boiler.

reactors, and coal-derived fuels. Whether the actual costs of these systems will be more or less than
the estimates given in this study cannot be determined at the present time.

The cost of money is another important economic variable, and the effects of changes in the
effective cost of money on steam production costs were investigated. The higher the cost of money,
the more pronounced the gap between the least expensive (direct fired) and most expensive
(coal-derived fuels) coal-based systems. The economic position of utility-owned large nuclear plants
relative to coal systems in not substantially altered by changes in the cost of money up to 50%
greater than the reference values given in Table 2.11. The cost of energy production for the small
CNSG reactor is relatively sensitive to the cost of money, since the CNSG is capital intensive. Even
so the ranking of all energy systems by cost is unchanged from that shown in Fig. 2.2 for changes in
the cost of money up to 50% greater than the reference values.
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Current coal prices are substantially higher than the base values used in the present study. As
discussed previously, the reference coal prices were selected on the assumption that coal prices will,
in the long run, readjust to a competitive position with nuclear for some central station power
applications. If coal prices do not decline, (1) the cost differential between the direct-fired systems
and the coal-derived fuels will become even larger, because the direct-fired systems are more

efficient converters of coal to thermal energy, and (2) the relative economic position of nuclear will
be substantially improved.
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3. Conclusions

3.1 THE ENERGY NEED

Industry is faced with a period of transition in fuel sources. Presently, natural gas provides over
half the on-site-produced industrial energy, but this resource is becoming scarce and is expected to
be phased out as an industrial fuel within the next few years. The present trend is to substitute oil for
natural gas in process heaters and boilers. Although the increased use of oil is contrary to the goal of
national self-sufficiency in energy, industry has few other alternatives at the present time. Therefore,
there is an urgent need to develop energy options for the industrial sector based on plentiful
domestic fuels. This is especially important when it is considered that industry consumes more
energy than any other economic sector.

Coal and uranium are the only major domestic fuel resources that have a reasonable long-term
resource base. The technologies required to use these fuels in an economical, environmentally
acceptable way are under development and in some instances being applied. However, the
motivation for such development has been primarily for applications other than industrial energy:
the major emphasis by both the Federal Government and the energy equipment industry has been on
central station power generation. Yet, relative to central station (utility) power generation, industry
consumes nearly twice the petroleum and about three times the natural gés. Thus, a stronger
national emphasis on the industrial fuel need is justified.

3.2 THE ENERGY RESOURCES

The domestic uranium and coal resources are both sufficiently large to make either fuel a
reasonable long-term alternative for industrial applications. Coal reserves are particularly large, and
it is likely that a major portion of the deficit in oil and gas for industry will be made up by coal.
Nevertheless, there are major intermediate-term problems in exploiting our coal resources. These
problems relate to environmental constraints on mining and utilization, coal-industry capitalization,
and transportation. When all factors are considered, it appears that the supply of coal will be hard
pressed to meet demand, at least over the next decade. The current inflated price structure appears
to be a consequence of the supply-demand imbalance, but in the long term it is likely that coal will
stabilize at prices lower than the present values because of competition with other fuels, particularly
nuclear.

The high-grade reserves of uranium may be depleted by the end of the century. Assuming no
new mining regions are discovered, the uranium supply will then shift to more dilute sources such as
the Chattanooga shales. Even so, it is concluded that the total cost of nuclear energy will be
relatively stable over at least the next two decades because the cost of energy production is not a
strong function of uranium ore cost.

3.3 THE ENERGY SYSTEM CHOICES

Coal and nuclear fuel can each serve as a basis for a number of potentially attractive industrial
energy system choices. Both fuels can and probably will help alleviate the energy deficit resulting
from the decline in availability of natural gas and oil. Because of its broader range of application
and relative ease of implementation, coal is expected to be the more important substitute industrial
fuel over the period of interest in this study (the next 15 years). In the longer term, nuclear fuels
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could assume a major role for supplying industrial steam. Timing and extent of use of nuclear will
depend, in part, on efforts expended to resolve institutional problems. Conclusions about specific
coal and nuclear energy systems are given below.

3.3.1 Direct Firing of Coal

Generally, the direct firing of coal in industrial boilers and process heaters will be more
economical than the use of coal-derived fuels (gases, liquids, and solids). There are three methods for
directly using coal to generate steam or process heat in an environmentally acceptable manner: (1)
low-sulfur coal, (2) fluidized-bed combustion, and (3) high-sulfur coal with stack-gas scrubbing.

The most realistic coal-based alternative at the present time is low-sulfur coal fired in a
conventional boiler. If low-sulfur coal becomes available in sufficient quantities, this is the
lowest-cost coal alternative in the Gulf Coast area.

The most promising method of using high-sulfur coal is the fluidized-bed boiler. If development
goals are achieved, the process offers flexibility in fuel supply as well as low cost. Fluidized-bed
combustion may also hold promise for process heating, but no development work is being done on
fluidized-bed process heaters. ,

Wet limestone scrubbing appears to be the least expensive and best developed of the stack-gas
cleanup systems. With additional development, these systems will, no doubt, become workable, but
overall operating experience has been poor. Wet limestone scrubbing and other throwaway processes
have one distinct disadvantage for industrial applications: the large volume of waste sludge will be
difficult to dispose of in many industrial areas. For this reason, it appears that widespread industrial
use of stack-gas scrubbing must await the development of economical regenerable systems.

3.3.2 On-Site Coal Gasification

Air-blown gasifiers producing low-Btu gas (~150 Btu/scf) and oxygen-blown gasifiers
producing intermediate-Btu gas (~300 Btu/scf) are commercially available. Low-Btu gas is
marginally lower in cost, but intermediate-Btu gas is a better choice for industry because (1) it can be
used as a retrofit fuel for existing gas-fired boilers and process heaters and (2) it is more readily
usable as a chemical feedstock. As fuels, however, low- and intermediate-Btu gases are more
expensive than direct-fired coal. Extensive industrial applications of on-site coal gasifiers will require
the development of a low-cost intermediate-Btu gas process.

3.3.3 Mine-Mouth Coal-Conversion Processes

Methods are under development for converting coal to high-quality fuels at the mine mouth; the
fuels to be produced include (1) solvent-refined coal; (2) liquid fuels, including synthetic crude, boiler
fuels, and methanol; and (3) pipeline-quality (high-Btu) gas.

Solvent-refined coal is potentially the least expensive of the coal-derived fuels and looks
especially promising if it can be remelted and used in the same manner as residual oil.

Liquid boiler fuels may have promise for the future, but the cost is likely to exceed that of
SRC.

The technology for producing methanol from coal is well developed, but the cost is too high for
its use as an industrial fuel. Methanol is presently an important chemical feedstock, and this is the
most likely use for coal-derived methanol.
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Although high-Btu (pipeline-quality) gas from coal may find limited application in small
industries, the large industrial energy user has several coal-based options that are less expensive.
3.3.4 ‘Nuclear Energy

With present technology, nuclear energy can supply industrial steam and electricity. The
commercially available nuclear systems are very large, ranging from about 1800 to 3800 MW(t).

"With further development, nuclear energy may have the capability to match most of the

higher-temperature process heat applications of industry. Another developmental possibility is a
smaller reactor that more nearly matches the energy demand of industrial plants. One important
advantage of nuclear energy is the low fuel cost. The major drawbacks to nuclear are (1) the long
lead times required in the planning and construction of power plants and (2) the difficulties in
gaining site approvals and the administrative burden associated with regulatory requirements.
Conclusions concerning specific nuclear alternatives are given below.

Large commercial nuclear power plants offer industrial steam and electricity at the lowest cost
of the energy systems investigated. The mismatch in output of currently marketed nuclear plants and
the consumption rate of individual industrial plants, coupled with the need for multiple units to
provide reliability, will limit applications to joint uses of a nuclear power station. One desirable
arrangement is for an electric utility to generate both electrical energy for the grid and thermal
energy for local industries. This arrangement would require steam transport for a few miles in most
areas.

Process heat at 1000 to 1400°F might be economically supplied from large HTGRs, but process
heat HTGRs are not commercially available. Such units could be developed, if warranted by market
potential, using essentially current technology. A related area of technological development that

‘would be required is an economical means of transporting high-temperature thermal energy from the

nuclear plant to the processes.

If fully developed, small [~300-MW(1)] land-based PWRs could become competitive with oil (at
$10/bbl) and most coal-derived fuels for producing industrial steam and electricity. To be
competitive with the lowest-cost coal systems, the capital costs of small reactors need to be reduced
below present estimates. The development of factory-assembled barge-mounted units has the
potential for reducing capital costs. Justification for this development by reactor manufacturers will
depend on their perception of market potential. Another question that requires serious consideration
is whether a large number of small reactors would be more difficult to regulate to assure the same
high level of safety expected with current reactors.
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4. Recommendations

It is recommended that both government and industry reexamine their existing programs on the
development and implementation of new energy technology in light of the critical national need for
substitute fuels in industry. The existing programs should be supplemented, where
necessary, to assure adequate consideration of industrial requirements. As a general guideline, the
recommended priorities on industrial energy systems are as follows:

Coal systems Nuclear systems
1. First priority 1. First priority
Fluidized bed combustion Dual-purpose utility-industrial nuclear power plants

Solvent refined coal

2. Second priority 2. Second priority
Regenerable stack-gas scrubbing Small reactors for industrial uses
Low-cost process for intermediate-Btu Process heat HTGRs

gas from coal

Some specific recomendations are given below.

4.1 COAL SYSTEMS

@ Implement a program to demonstrate fluidized-bed boilers for industrial uses. This
demonstration program should be a joint effort between the government and industry and should
include two or more projects with unit outputs in the range of 50,000 to 500,000 1b/hr of steam.,

® Perform design and cost studies to determine the feasibility and benefits of developing
fluidized-bed process heaters.

® Conduct analyses and tests on typical industrial boilers and process heaters to determine the
feasibility of retrofitting these devices to burn solvent-refined coal.

4.2 NUCLEAR SYSTEMS

® Undertake a study to examine one or more realistic applications of commercial nuclear plants
for the supply of industrial steam in the Gulf Coast area. The purpose of the investigation would be
to determine the desirability of undertaking actual projects at specific sites. The applications
envisioned would be similar to the Dow-Consumers Power arrangement at Midland, Mich. The
study should be a cooperative undertaking involving the government, a power company, and one or
more industrial groups. _

® Undertake a market survey of the geographical distribution of the industrial steam demand in
the U.S. Estimate what fraction of the demand could be supplied in 1975 by hypothetical steam
utilities. If nuclear plants were built in the 1980s for this market, determine what fraction of industry
might be served by 1990 and by 2000. ‘

@ Make a more detailed design and cost study of a factory—assémbled, barge-mounted small LWR
for industrial applications. This work should be oriented toward resolving the question of whether
expected benefits justify a development program. A similar study should be made for a small
HTGR.
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® Undertake a broad assessment of the costs, benefits, and market potential of advanced
gas-cooled reactors for producing high-temperature process heat.

@ Make a study to determine the feasibility and extent of potential application of central station
generated electricity for process heating. Although this alternative was not examined in the present
study, it is another means by which both coal and nuclear energy could be applied in industry.
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Part II. Energy Systems

This part of the report presents the characteristics of both nuclear and coal-based systems which
were considered in the study. (Technologies and costs are based on data for the first half of 1974.)
Chapter 5, on nuclear systems, is comprised of an assessment of uranium resources, descriptive and
economic information on commercial nuclear plants and a smaller reactor that is under development,a
study of thermal energy (steam) transport from nuclear plants, and a brief treatise on nuclear licensing
and regulation procedures ‘and siting considerations. Chapter 6, on coal-based systems, contains an
assessment of coal resources and includes technical and economic data on conventional coal firing with
and without stack-gas cleaning; fluidized-bed combustion; low-Btu, intermediate-Btu, and pipeline-
quality gases; and liquid boiler fuels and methanol from coal.

An assessment of how these various systems might be suitably employed as industrial energy
sources is presented in Part III.

5. Nuclear Energy Systems

5.1 ASSESSMENT OF URANIUM RESOURCES

The nuclear fuel cycle consists of several steps from the extraction of uranium ore to the disposal of
radioactive wastes. The question to be covered in this section is whether an expansion of the nuclear
industry to meet an increased industrial process heat load will cause any serious dislocations, due to
limitations in the ability to increase the load on any of the fuel cycle items. Of particular concern is the
availability and pfiée of uranium, possible problems in acquiring the needed enrichment capacities, and
the ability of the capital market to furnish the needed money for expansion.

5.1.1 Uranium Availability

Uranium is widely distributed, with an average concentration of 2 to 4 ppm in the continental crusts
and 0.003 to 0.004 ppm in the oceans.' It is more abundant than gold or silver and about the same as
molybdenum or tin and is scattered in small deposits or in low concentrations. The chief present source
of ore in the United States is in sedimentary strata (“conventional” deposits), particularly those found in

1. J. A. DeCarlo and}C. E. Short, “Uranium,” pp. 21942 in Mineral Facts and Problems, Bureau of Mines Bull. 650, 1970.
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the Colorado Plateau and in the Wyoming basin geologic regions. Most of our known low-cost reserves
are located in these areas.’

Table 5.1 is an estimate of the cumulative uranium resource up to various cost-cutoff levels.
Information is provided as to the reasonably assured reserves and for the estimated additional or
potential reserves. This latter category refers to additional uranium which is believed to exist in
favorable geologic regions primarily adjacent to areas of known reserves. It does not account for
possible discoveries of new mining areas or districts.

Table 5.1. U.S. uranium resource (10> tons U303)

Cost cutoff Reserves Estimated Total
($/1b U30g) additional reserves resource
8 273 - 450 . 723
10 340 770 1,110
15 520 1090 1,610
30 780 1650 2,430
50 7,400
100 15,400

Uranium below the $30/1b UsOs cutoff for the most part comes from conventional deposits. The
$10 and $15/1b cutoff potential reserve figures include 70,000 and 90,000 tons, respectively, of U3Os
available from phosphate and copper production through the year 2000. The estimated resource at
cutoffs of less than $15/1b is based on Jan. 1, 1973, AEC estimates.”’ These values change yearly as more
exploration is done. .

The $50 and $100/1b cutoffs* include uranium in Chattanooga shales. One layer of this shale
contains 60 to 80 ppm U305 ($50/1b), and another layer contains 25 to 60 ppm U;O0s ($100/1b). This shale
may also contain up to 15 gal of oil' per ton of shale. If we are reduced to mining this substance for its
uranium upon exhaustion of the lower-cost resources, the possibility of an interesting by-product
relationship may be achieved with oil production. In 2000, we may need about 150,000 tons of U3Os per
year. If this comes entirely from 80-ppm uranium, 15-gal/ ton oil Chattanooga shale, 670 million barrels
of oil per year (1.8 million barrels per day) could be produced.

The reliability of the resource estimates shown in Table 5.1 decreases with higher price levels. This is
because there is both uncertainty as to extraction costs for lower grade ores and a lack of incentive on the
part of the mining industry to explore for, and to develop information about, reserves costing several
times the current uranium market value.

Other potential sources include uranium in the lignite deposits in the western Dakotas and eastern
Montana, which have an estimated 5 million tons of recoverable uranium’ with concentrations ranging
from 50 to 200 ppm and at least one deposit averaging 0.7% uranium.® There has been a small amount of
commercial development’ of high-grade uranium deposits, but no reserve cost estimates have been

. Statistical Data of the Uranium Industry, GJO-100, Grand Junction Office (Jan. I, 1973).

. Nuclear Fuel Supply, WASH-1242 (May 1973).

R. D. Nininger, “Uranium Reserves and Requirements,” WASH-1243, pp. 10-27 (April 1973).
. -Hydrogen and Other Synthetic Fuels, TID-26136, pp. 61-63 (September 1972).

. Uranium from Coal in the Western United States, U.S. Geological Survey Bulletin 1055, 1959.
. Coal Resources of the United States, U.S. Geological Survey Bulletin 1225, Jan. 1, 1967.-

NowmesEwN
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found. Here also, some co-product economics might be beneficial. The possibility of using the lignite ina
gasification, liquefaction, or hydrogen’® production process and extracting uranium from the residue
may be economically feasible at some point. :

There are also Conway granites* (10 to 20 ppm) containing about 8 million tons of U;Os which may
be extracted at about $200/1b. The ultimate source of uranium is, however, the ocean, which contains a
resource of about 4000 million tons. Cost estimates for recovery of this uranium are in excess of $200/Ib.

5.1.2 Uranium Demand

The most detailed information on the growth of nuclear power generation and its effect on uranium
resource use can be obtained from AEC nuclear power demand estimations. The results of a recent
study® are summarized in WASH-1139 (72). In this discussion, the reference case is the “most likely” case
projection used in that study. This case projects an installed nuclear-electric capacity of 1200 million
kW(e) by the year 2000. An effective 0.29% enrichment plant tails will also be used.

The use of 0.2% tails instead of the present 0.3% will reduce ore requirements but, at the same time,
raise the separative work requirements. There are several reasons for making this choice. Because of the
present split tails policy, the 0.2% figure is the effective tails currently seen by the enrichment customer,
the difference in ore requirements being made up from government surplus. Also, if the conservative
assumption is made that little or no additional low-cost uranium resources will be found, it follows that
the price of uranium ore must rise. This in turn will lead to a lower tails enrichment, both from an
economic and a resource conservation standpoint. Any assumption of a continued 0.3% tails would
include with it an expanding reserve picture.

The cumulative U3Os requirements for the reference case are shown in Fig. 5.1. Along with the
cumulative U3Os requirement for an assumption of enhanced industry growth. This enhanced growth
was assumed to be caused by the impact of industrial brocess heat. Starting in 1981, uranium
requirements are assumed to increase cumulatively by 19%/year over the reference case uranium
requirements. This means that by 2000, the yearly ore requirements will be 209 higher than the reference
rate.

'5.1.3 Uranium Price Projections

The question now is what effect the enhanced uranium demand will have on the market price of
uranium and on the fuel cycle costs of reactors. In making any projections as to future price of a
commodity material, one is necessanly on shaky ground. When the recent price changes in other energy
resources (coal, oil, and gas) are factored in, the uncertainties mcrease

In makmg these estimations, several assumptions were made regarding resource avallablhty and
prnce response as the resource is depleted An attempt was ‘made to be conservative in the assumptions,
resulting in prices which should be considered on the high side. It wasassumed that the ultimate resource
availability is as given in Table 5.1, which means that the discovery rate is only sufficient to balance
mining losses such as would be encountered by leavmg low-grade ores behmd because they are not
economic.’ : _ ‘ _

An orderly conversion of potential to assured reserves was also postulated. This conversion rate
was assumed to be price sensitive, since as prices rise the incentives to explore alsorise. At$10 /1b U30s,
5% of the potential reserves was assumed converted to assured reserves; at $15/1b, 25%; at $20/1b, 50%;

8. Nuclear Power 1973-2000, WASH-1139 (Dec. 1, 1972).
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Fig. 5.1. Cumulative uranium requirements.

at $25/1b, 75%; and at $30/1b, 100%. Figure 5.2 shows the present assured and total reserves as a
function of price level. Also shown is the assumed behavior of the available reserves as a function of price
level. For example, the latter curve shows that when the price of uranium reaches $20/1b (U;0Os), there
will be an accumulative availability of about 1.25 X 10° Ib extractable at this price or less.

The available reserve vs price curve, however, does not determine what the market price will be.
First, this curve is for cost of extraction and does not include any profits. Second, since it takes a finite
time to deplete a given mining operation, not all of the lower-cost reserves will be used up before mining
of the higher-cost reserves is begun. Also it takes about 8 years from the start of exploratory drilling until
production of the uranium concentrate begins.” Before a mining company will undertake the
development of a high-cost reserve, it must have reasonable assurance that the venture will be economic,
which usually means competitive at current prices. It is postulated that an 8-year forward reserve of
uranium at current prices is needed to assure adequate production.*

In this analysis, an 8-year forward reserve was assumed to exist. The ore price at a given time was
assumed to be the cost cutoff at the cumulative use 8 years in the future. For instance, for 1980, based on
the reference demand curve, the cumulative uranium use from 1973 to 1988 is about 610,000 tons of
U30s. The price from Fig. 5.2 is about $13.20/1b for this cumulative use, which is our projected U;Os
price at the end of 1980.

9. “Future Structure of the Uranium Enrichment Industry,” Part |, Phase |, Hearing Before the Joint Committee on Atomic
Energy, Congress of the U.S., July 31 and Aug. 1, 1973.
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Figure 5.3 shows projected U;O;s prices through the year 2000. Included are our estimates for the
reference case, AEC base and high projections for our reference ore use,'® a projection made for
Northeast Utilities,'' and some recently reported sale and asked prices.'>" All figures except those for
the Northeast Utilities are in 1973 dollars. '

A * Figure 5.4 shows our projected ore costs as a function of time for the reference case along with the
enhanced-demand case. The discontinuity in the curves at $30/1b results from the transition to mining
the Chattanooga shale. In the year 2000, based on our projections, the impact of increasing electrical
capacity by 209% over the base case is about $1.70/1b U30s. This amounts to $2.4 billion per year in added
ore costs when the increased sales at the higher price are factored in. The relative effect of uranium price
on the fuel cycle costs for PWR, HTGR, and CNSG systems is shown in Fig. 5.5. These costs are based
on a constant uranium price over the reactor lifetime, a 0.2% tails enrichment, and the utility economic
ground rules (see Table 5.15). These curves indicate thata $1/1b ore price increase will cost 0.96¢/ 10° Btu
for a CNSG system, 0.71¢ for a PWR system, and 0.49¢ for an HTGR system.

5.1.4 Uranium Enrichment

* The reactors considered in this study use uranium enriched in the ***U isotope. Only 0.71% of
natural uranium is ***Uj; the balance is mainly of the ***U isotope. Currently, this enrichment is done at
three government-owned plants that use the gaseous diffusion enrichment process.'* These plants take
uranium in the form of UFs and return uranium of the desired enrichment in the same form.

The enrichment capacity of the present plants is 17.2 million separative work units (SWUs) per
year. These plants are expected to be updated’ to a capacity of 27.7 million SWU/ year by 1982, which
will be adequate to supply projected U.S. enrichment needs until the early 1980s. If no disruption in
nuclear power is to occur, new enrichment capacity must come on line no later than May 1983 if present
“most likely” projections hold. Current plans are to add enrichment capacity in units of 8.75 million
SWU/year. If May 1983 is the startup date of a new enrichment plant, a second plant will be needed
about 5 months later. Two plants so close together could cause procurement problems due to the
industrial impact of two nearly simultaneous large orders. To assure an orderly development of
enrichment capacity, it is estimated that approximately 18 months spacing is needed between plants.
Therefore, the first enrichment plant should come on line by mid-1982.

It will take from 6 to 8 years from the time a new enrichment plant is approved until startup. A
decision is therefore needed sometime in 1974. If a present diffusion plant site is to be used, the decision
could be delayed for about a year. Any reduction in the nuclear plant lead times or increases in orders
above projections would hasten the time at which new enrichment capacity will be needed. Any increase
in lead time or drop in orders below projections would delay this time. Therefore, there is stilladequate
time, but decisions will have to be made in the near future if no disruption is to occur in the nuclear
business. )

Two major decisions (one technological and one political) will have to be made before the next
enrichment plant is authorized. The technological decision is the type of enrichment process to use,and
the political question is whether this plant will be publicly or privately owned.

10. J. A. Patterson, Chief, Supply Evaluation Branch, Division of Production Material Management, USAEC, personal
communication, Jan. 8, 1974,

M. A Study of Base Load Alternatives for the Northeast Utilities System, report prepared for Northeast Utilities by A. D.
Little, Inc. (July 5, 1973).

12. Nucleonics Week 14(48) (Nov. 29, 1973).

13. Nucleonics Week 14(47) (Nov. 22, 1973).

14. R. G. Jordan, The Oak Ridge Gaseous Diffusion Plant, K-C-922 (Sept. 15, 1967).
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Fig. 5.3. Comparative uranium price projections.
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There are two types of enrichment processes under active consideration: the gaseous diffusion
process and the gas centrifuge process. A third process, laser separation, has recently been suggested;"’
however, many technological obstacles will have to be overcome before it can be used to obtain large
commercial quantities of enriched uranium. Its major advantage, besides yet undefined costs, is the
possibility of extending uranium reserves by reducing the tails enrichment.

The major advantage of the gaseous diffusion process is that the technology is already well
developed. The chief disadvantage is that it uses a great deal of electric power. An 8.75 million
SWU/year plant needs 2400 MW of electricity-generating capacity to satisfy its needs.

15. Nucleonics Week 15(2) (Jan. 10, 1974).
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The principal advantage of the gas centrifuge process is that it uses about 10% of the electrical
power used by the diffusion process. As the price of power rises, this will be of increasing importance. Its
principal disadvantage is that it is an unproven technology except in the laboratory. Before a large-scale
plant is built, there is need for assurance that the laboratory technology can be converted into a
commercial manufacturing technology. '

The question now relates to future separative work prices. Currently, the charge for separative
work is $36/SWU; however, indications'® are that this will rise to about $41 to $42 by mid-1974 due
mainly to the recent increase in TVA power costs. :

The estimated separative work costs for a new gaseous diffusion plant range from $51 to $65/SWU,
depending on financial assumptions and ownership of the facility, public or private. These prices
contain a $24/ SWU power cost based on 10-mill power. The estimated separative work charge for a new
centrifuge plant ranges from $30 to $45/SWU for government ownership and $40 to $60/SWU for
private ownership. - .

In analyses of future price trends, we assume that, at most, one more diffusion process plant will be
built. This, as well as the first centrifuge plant, will be government owned. All subsequent plants will be
centrifuge plants and will be privately owned. Our reference price schedule is for an increase to
$41/SWU in 1974, followed by a $1/year increase until 1983, and constant at $50/SWU thereafter. The
price range of uncertainty is from $40 to $60/ SWU, which is the expected private ownership price range

for the centrifuge process. Figure 5.6 shows the effect of variations in the separative work charge on fuel

cycle cost for PWR, CNSG, and HTGR systems. These costs are based on the utility economic ground
rules and a 0.2% tails enrichment.

5.1.5 Fuel Cycle Capital Requirements

The capital requirements for the projected expansion of nuclear power are large. By 2000, the 1.2
million MW reference “most likely” nuclear electric capacity will have cost about $600 billion
[$500/kW(e)], not counting transmission line expansion. A 20% increase in nuclear capacity by 2000, as
used in this report for the impact of industrial process heat, willadd another $120 billion to this total. In
addition to this, capital must be expended to expand mining, milling, and enrichment capacity and to
provide the necessary fuel preparation, fabrication, and recovery capacities.

The largest capital expenditures in the fuel cycle will probably be in the mining and milling
industries. Estimates of these capital requirements, which cover a period from present until 1990, range
from $8 to $10 billion.”"""'? One estimate® for the period until 2000 is $18 billion. For the most part, these
estimates assume that adequate quantities of $8/1b ore will be available and that a 0.3% tails enrichment
will be used at the enrichment plants.

Based on assumptions of no new increase in reserves and 0.29% tails, the capital requirements will be
substantially larger than previously estimated. We estimate $6.5 to $9.5 billion for exploration, $7.5 to
$12.5 billion for mine and mill development for the conventional uranium deposits, and another $25 to
$35 billion for the development of the Chattanooga shales. The total mining and milling capital
requirements to meet the reference nuclear capacity are therefore from $40 to $60 billion. The 20%
additional nuclear demand case will add from $6 to $12 billion to these figures.

16. Nucleonics Week 14(52) (Dec. 27, 1973).

17. Resource Needs for Nuclear Growth, Atomic Industrial Forum, 1973.

18. D. F. Shaw, “Fuel Cycle Capital Requirements,” AIF Seminar on Nuclear Fuel, Chicago, 1., May 24, 1973.

19. J. M. Valance, “Nuclear Fuel Capital Requirements 1973-1990,” AIF Seminar on Nuclear Power—Financial
Considerations, Monterey, Calif., Sept. 19, 1973.
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Fig. 5.6. Effect of separé.tive work charge on fuel cycle cost.

The second largest fuel cycle capital cost component is new enrichment plants. By the year 2000,
eight additional 8.75 million SWU/year plants will be needed to satisfy the U.S. reference projection
demands at 0.29 tails. The cost of a new 8.75 million SWU/year diffusion plant will be $1.2 to $1.4
billion.’ In addition, 2400 MW(e) of generating capacity will be needed for this process. The capital cost
estimates for the centrifuge process range from $1.1 to $1.7 bllhon for an 8.75 million SWU/ year plant.
In addition, the capital cost of the necessary electric capacity is about $0.1 billion.

The total enrichment plant capital cost for the reference nuclear demand is from $10 to $20 billion,
dependmg on the process used. An additional $2 to $3 billion will be needed for the 20% additional
nuclear capacity by the year 2000.

The other fuel cycle items include the conversion, fabrication, reprocessing, shipping, and waste
disposal steps. Capital costs per unit of throughput and scale factors may be extracted from several
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references.'” The capital requirements through the year 2000 for those items are estimated as $8 billion
for the reference demand case and another $1.5 billion for the 20% additional demand case. The
estimated capital requirements are summarized in Table 5.2. The additional capital required for the 20%
additional capacity case (89 to $16 billion) is considered to be small when compared with the $120 billion
which may be needed to build the nuclear systems.

Table 5.2. Capital requxxements through the year 2000

(8 x 10°)
Addition for
Item : Base case .
20% expansion
Exploration, mining, mﬂlmg 40-60 6-12
Enrichment 10-20 2-3
Others ' 8 1-1.5

Total 58-88 9-16

5.2 COMMERCIAL NUCLEAR PLANTS

5.2.1 Introduction

Commercial nuclear plants presently available are BWRs, PWRs, and HTGRs. Both BWRs
and PWRs use slightly enriched uranium dioxide pellets as fuel and demineralized water as coolant
and moderator. The HTGR fuel is a mixture of uranium carbide highly enriched in ***U and
thorium oxide. The moderator and core structural material is graphite, and the coolant is helium.

With one exception, all large nuclear plants in the United States are .single-purpose
electricity-generating plants. Unit 1 of the Consumers Power Midland Plant is designed both to
generate electricity and to produce process steam for the Dow Chemical Company at Midland,
Michigan. The reactor plant for -unit ! will generate 10,200,000 Ib/hr of prime steam. Of this
amount, 400,000 1b/hr will be used to generate high-pressure process steam at 600 psi and 9,800,000
Ib/hr will be delivered to the turbine throttle. Turbine extraction steam will be used to generate
3,650,000 1b/hr of low-pressure extraction steam at 125 psi. Unit 2 will be a single-purpose
electricity-generating plant.

Standard sizes available range from about 660 MW(e) [1956 MW(t)] to 1320 MW(e) [3818
MW(t)] ‘Overall plant efﬁcncnmes are about 33% for the PWR and the BWR and about 389, for the
HTGR.

The commercial BWR was developed and is marketed by the General Electric Company.
Dresden 1, the forerunner of the large BWR, is owned and operated by Commonwealth Edison
Company. Commercial service began in August 1960 and the rated capability of 200 MW(e) was
reached in 1962.

20. Simcha Golan and R. Salmon, “Nuclear Fuel Logistics,” Nuclear News (February 1973).
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As shown in Table 5.3, General Electric is currently marketing the BWR-6 nuclear steam system
in five standard sizes. : : '

The first commercial PWR nuclear steam system was developed and marketed by Westinghouse
Electric Corporation. Westinghouse and Duquesne Light Company started construction of the
demonstration PWR power plant (Shippingport) in March 1955. This plant reached its full rated
power of 150 MW(e) in December 1957. Combustion Engineering, Inc., and Babcock and Wilcox
Company are now also marketing commercial PWR nuclear steam systems. Both the Westinghouse
and Combusiion Engineering systems produce saturated steam using U-tube steam generators, while
Babcock and Wilcox systems produce slightly superheated steam using a once-through steam
generator. '

The Babcock and Wilcox nuclear steam system utilizes two coolant loops, each of which
contains a steam generator and two primary coolant pumps. Table 5.4 lists the three sizes of these
units presently being marketed.

Combustion Engineering manufactures the nuclear steam system with two coolant loops, each
with a steam generator and two reactor coolant pumps. Four sizes are given in Table 5.5.

Westinghouse offers standard nuclear steam system designs with two, three, and four coolant
loops. Current ratings are given in Table 5.6. The two-loop system is not available in the United
States but is marketed abroad.

Table 5.3. General Electric nominal plant ratings

Fuel assemblies 580 560 592 732 784

Thermal power, MW(1) 1956 2444 2894 3579 3833
Electrical power, MW(e) 660 830 985 1220 1290
Steam pressure, psia 1040 1040 1040 1040 1040

Table §.4. Babcock and Wilcox nominal plant ratings

Fuel assemblies 145 205 241

Thermal power, MW(t) 2643 3621 3818
Electrical power, MW(e) 880 1244 1320
Steam pressure, psia 925 1060 112§

Table 5.5. Combustion Engineering nominal plant ratings

Fuel assemblies 177 - 217 217 - 241

' Thermal power, MW(t) 2825 3410 3473 3817
Electrical power, MW(e) 980 1160 1190 1305
Steam pressure, psig 900 900 1000 1100
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The HTGR plant is relatively new_to the electric utility industry in this country. The first
HTGR constructed in the United States was the 40-MW(e) prototype Peach Bottom unit I, which is
“owned and operated by the Philadelphia Electric Company. General Atomic Company was
responsible for the design of the nuclear steam system associated with this plant and for
the research and development on both the plant and the nuclear fuel; they also supplied the major
components of the nuclear steam system.

General Atomic Company is also serving as prime contractor to Public Service Company of
Colorado to construct the 330-MW(e) HTGR Fort St. Vrain Nuclear Generating Station. Like the
Peach Bottom reactor, it was built under the USAEC Power Reactor Demonstration Program. Fort
St. Vrain is the first plant in this country to use a prestressed concrete reactor vessel (PCRYV).

The HTGR nuclear steam system built by General Atomic Company is available in two
standard sizes, as shown in Table 5.7.

Table 5.6, Westinghouse nominal plant ratings

Number of loops ' 2 3 4 4
Fuel assemblies ) 121 157 193 193
Thermal power, MW(t) 1882 2785 3425 3817
Electrical power, MW(e) 600 900 1150 1300
Steam pressure, psig 920 984 1000 1100

Table 5.7. General Atomic nominal plant ratings

Number of loops - 4 6
Thermal power, MW(t) 2000 3000
Electrical power, MW(e) 770 1160 -
Steam pressure, psia 2415 2515

5.2.2 The BWR Power Plant

The nuclear steam system

The nuclear steam system includes a direct-cycle, forced-circulation BWR that produces steam
in the core for direct use in the steam turbine. A diagram showing the major parameters of the
nuclear system for the rated power conditions of 3579 MW(t) is shown in Fig. 5.7. Des:gn
characteristics of the system are shown in Table 5.8.

Fuel for the reactor core consists of slightly enriched uranium dioxide pellets sealed in Zircaloy
tubes. These tubes (or fuel rods) are assembled into individual fuel assemblies. Gross control of the
core is achieved by movable bottom-entry control rods which are cruciform in shape and are

dispersed throughout the lattice of fuel assemblies. The control rods are positioned by mdxv1dual
contro!l rod drives.
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Table 5.8. Design characteristics [3579-MW(t) BWR]

Thermal and hydraulic design
Rated power, MW(t) 3579
Steam flow rate, 10° Ib/hr 15
Core coolant flow rate, 10° Ib/hr 105
Feedwater flow rate, 10° Ib/hr 15
System pressure, nominal in steam dome, psia 1040
Feedwater temperature,°C CF) 216 (420)
Reactor vessel design
Material Low-alloy steel/partially clad
Design pressure, psig 1250
Design temperature,°C CF) 302 (575)
Inside diameter, ft-in. 19-10
Inside height, ft-in. : 70-10

Each fuel assembly has several fuel rods with gadolinia (Gd»0;) mixed in solid solution with the
UQ,. The Gd,0; is a'burnable poison which diminishes the reactivity of the fresh fuel. It is depleted
as the fuel reaches the end of its first cycle.

The reactor vessel contains the core and supportmg structures; the steam separators and dryers;
the jet pumps; the control rod guide tubes; the distribution lines for the feedwater, core sprays, and
liquid control; the in-core instrumentation; and other components. The main connections to the

" vessel include steam lines, coolant recirculation lines, feedwater lines, control rod drive and in-core

nuclear instrument housings, high- and low-pressure core spray lines, residual heat removal lines,
standby liquid control line, core differential pressure line, jet pump pressure sensing lines, water level
instrumentation, and control rod drive system return lines.

The reactor vessel is designed and fabricated in accordance with applicable codes for a pressure
of 1250 psig. The nominal operating pressure in the steam space above the separators is 1040 psia.
The vessel is fabricated of low-alloy steel and is clad internally with stainless steel (except for the top
head, nozzles, and nozzle weld zones, which are unclad).

The reactor core is cooled by demineralized water that enters the lower portion of the core and
boils as it flows upward around the fuel rods. The steam leaving the core is dried by steam
separators and dryers located in the upper portion of the reactor vessel. The steam is then directed to
the turbine through the main steam lines. Each steam line is provided with two isolation valves in
series, one on each side of the containment barrier. ;

The reactor recirculation system pumps reactor coolant through the core. This is accomphshed
by two recirculation loops external to the reactor vessel but inside the containment. Each external

loop contains four motor-operated valves and -one hydraulically operated valve. Two of the
motor-operated valves are used as- pump suction and pump discharge shutoff valves.

The third motor-o;)erated valve is a small shutoff valve used to bypass the large discharge valve to
warm the pipeline during hot standby. The fourth motor-operated valve is in a Bypass line that
bypasses both the flow control valve and the discharge shutoff valve; this valve is manually set in a
fixed position to adjust the bypass flow. The variable-position flow control valve in the main
recirculation pipe allows control of reactor power level through the effects of coolant flow rate on
moderator void content. .

The internal portion of the loop consists of jet pumps which contain no moving parts. These
pumps provide a continuous internal circulation path for the major portion of the core coolant flow
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and are located in the annular region between the core shroud and the vessel inner wall. A
recirculation line break will still allow core flooding to approximately two-thirds of the core
height—the level of the inlet of the jet pumps.

Load following is normally accomplished by varying the recirculation flow to the reactor. This
method of power level control takes advantage of the reactor negative void coefficient. To increase
reactor power, it is necessary only to increase the recirculation flow rate, which sweeps some of the
voids from the moderator and causes an increase in core reactivity. As the reactor power increases,
more steam is formed, and the reactor stabilizes at a new power level with the transient excess
reactivity balanced by the new void formation. No control rods are moved to accomplish this power
level change. Conversely, when a power reduction is required, it is necessary to reduce the
recirculation flow rate. When this is done, more voids are formed in the moderator, and the reactor
power level stabilizes commensurate with the new recirculation flow rate. No control rods are moved
to accomplish the power reduction. : ,

A power range of control of approximately 35% can be achieved through the recirculation flow
control system. For power ranges beyond this level of control, the control rods are moved. Ramp
load changes up to 30%/ min are available through use of the recirculation flow control.

Correct distribution of core coolant flow among the fuel assemblies is accomplished by the use
of an accurately calibrated fixed orifice at the inlet of each fuel assembly. Each orifice is located in
the fuel support piece. They serve to control the flow distribution and hence the coolant conditions
within prescribed bounds throughout the design range of core operation.

The core is divided into two orificed flow zones. The outer zone is a narrow, reduced power
region around the periphery of the core, and the inner zone consists of the core center region.

Refueling is accomplished by removing the pressure vessel head and flooding the volume above
the pressure vessel, thus providing for underwater handling of fuel and other reactor internals.
Underwater storage of the irradiated fuel and reactor internal parts is accommodated by special pool
storage facilities. _ ‘

The fuel loading is based on a 4-year cycle. Approximately one-fourth of the core is replaced
each year. The minimum downtime required for depressurization, cooldown, refueling,
repressurization, and reactor startup is estimated to be 8 to 10 days.

Auxiliary systems are provided to perform the following functions:

1. purify reactor coolant water;

2. cool system components; . ~ o | K ~
3. remove residual heat when the reacfor is shut down;

. cool the spent-fuel storage poolg

sample reactor coolant water;

provide for emergency core cooling;

collect reactor containment drains;

. provide containment spray;

© ® N o v oA

. provide containment ventilation and cooling;

10. process liquid, gaseous, and solid wastes;
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11. provide seal water for pipes penetrating containment following a loss-of-coolant accident
(LOCA);

12. provide redundant means of removing hydrogen from the confainment following an LOCA;
13. provide primary coolant leak-detection system;

14. inject borated water by a standby emergency liquid control system.

Balance of plant

The turbine-generator system design is subject to some variation. A typical 1000-MW(e) plant
would have a tandem-compound 1800-rpm turbine with one high-pressure and three low-pressure
sections. Six combination moisture separator-reheater units are used to dry and superheat the steam
between the high- and low-pressure sections. A typical heat balance diagram for a 1000-MW(e) plant
is shown in Fig. 5.8. :

The containment structure completely encloses the entire reactor and reactor coolant system
and ensures that essentially no uncontrolled leakage of radioactive materials to the environs would
result even on gross failure of the reactor coolant system. The structure provides biological shielding
for normal and accident situations and is designed to maintain its integrity under tornado wind
loading, impact from tornado-generated missiles, storm winds, floods, earthquakes, tsunamis, and
other natural forces at their worst foreseeable intensity within conservatively established recurrence
intervals. ‘

General Electric Company is currently marketing a containment and nuclear design designated
the Mark 111, which is a complex of three buildings—the reactor building, the auxiliary building,
and the refueling building. The Mark III containment, shown in Fig. 5.9, uses pressure suppression
with the dry containment layout. The dry well, which surrounds the reactor and primary coolant
system, is a pressure boundary that channels steam from the blowdown following a postulated
LOCA through the suppression pool. This pool is located in the bottom of a dry containment. A
weir wall and three rows of horizontal vents are used to distribute steam flowing into the
suppression pool. The entire volume of the containment is open to the suppression pool. The Mark
111 concept features an upper pool which provides shielding during normal operation and refueling
and is used with the suppression pool for dry-well flooding following an LOCA.

The containment structure is similar to that of a standard dry containment and can be designed
either as a free-standing steel containment surrounded by a concrete shield building or as a concrete
pressure vessel with a liner. The dry well is not lined, since it is a pressure barrier used to
channel steam from an LOCA through the suppression pool and is not a primary leakage barrier.
Auxiliary buildings are provided to house the spent-fuel storage and handling facility, the core
standby cooling system, and other reactor auxiliary equipment.

The turbine-generator building requires radiation shielding because of the direct cycle of the
BWR. Steam generated in the reactor core conveys some fission products to the turbine. Fission
product gases, '°N, and some radioisotopes enter the turbine and turbine condenser. Approximately
80% of the activity is discharged via the air ejector on the main condenser to a system utilizing
catalytic recombination and low-temperature charcoal adsorption. The catalytic recombiner
recombines radiolytically dissociated hydrogen and oxygen, and charcoal adsorption beds selectively
adsorb and delay xenon and krypton from the bulk of the carrier gas, which is principally air. After
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Fig. 5.8. Typical 1000-MW(e) BWR turbine cycle heat balance diagram (from WASH-1230, Vol. II).
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the delay, the gas is passed through a filter and discharged to the atmosphere. The other 20% of the

Radiation shielding is provided around the following areas:
1. main steam lines,
2. primary and extraction steam piping,

3. high- and low-pressure turbines,

‘activity follows the condensate and is treated by the condensate filter~-demineralizers.

/—counmmem
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feedwater pumps and turbines,

. moisture separators,

reactor feedwater system heaters,
main condenser and hot well,

air ejectors and steam packing exhauster,

I S I

condensate demineralizer,

10. off-gas lines.

Some of the equipment, such as the air ejectors, feedwater pumps, and heaters, are in individual

.rooms, thus allowing part of the system to be shut down without interrupting plant operation.

The control room building houses the instrumentation and controls for reactor and

‘turbine-generator controls. It is designed according to seismic, tornado, and flooding criteria and

contains all the necessary instrumentation and control for plant operation under normal and
accident conditions.

The diesel-generator building is designed to withstand short-term tornado loading, including
tornado-generated missiles. This building houses the diesel génerators that provide standby power.

Miscellaneous structures are required for mainténance shops, chemicals storage, water-intake
equipment housing, etc. Other balance-of-plant equipment and systems are similar to those required
for a conventional fossil-fired plant. Included are condensers, feedwater pumps, makeup water
treatment systems, circulating water systems, electric plant equipment, etc.

5.2.3 The PWR Power Plant

The nuclear steam system

A PWR nuclear steam system is made up of closed loops in which heat is transported from the
reactor core to the steam generators by circulating pressurized water. The system consists of a
reactor pressure vessel containing the reactor core, the steam generator, pumps for circulating the

.pressurized water, and a pressurizer that maintains and controls system pressure. A typical PWR

coolant system schematic flow diagram is shown in Fig. 5.10. Characteristics typical of a PWR
nuclear steam system (Babcock and Wilcox plant) are given in Table 5.9. '

Fuel for the PWR core is contained in sealed tubes (fuel rods) which are mounted vertically.
The fuel is cylindrical pellets of sintered, low-enriched uranium dioxide. The pellets are clad in
Zircaloy tubing and sealed by welded Zxrcaloy end caps. The basic fuel assembly is composed of fuel
rods, control rod gulde tubes, one mstrumentatlon tube assembly, segmented spacer sleeves, spacer
grids, and end fittings. The guide -tubes, spacer grids, and end fittings form a structural cage to
arrange the rods and tubes in an array.

Core reactivity is controlled by control rod assemblies and soluble boron dissolved in the
primary reactor coolant. The control rods, which move vertically, are actuated by electrically driven
control rod drive mechanisms mounted on top of the reactor pressure vessel.

The reactor vessel contains the core and supporting structures, thermal shield, in-core
instrumentation, and other components. The main connections to the reactor vessel are the main
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Fig. 5.10. Typical PWR reactor coolant systeni (from Westinghouse Electric Corporation).
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Table 5.9. Design characteristics [3413-MW(t) PWR]

Thermal and hydraulic design
-Design core heat output, MW(t) 3413
Nominal system pressure, psia 2250
Total reactor coolant flow, 10 Ib/hr 139
Vessel coolant inlet temperature, °C CF) 301 (573)
Vessel coolant outlet temperature, °C CF) 332 (630)
Reactor vessel design )
Material SA-508, class 2 forging,
SA-533, grade B, class 1 plate
Design pressure, psig 2500
Design temperature, °C CF) 670
Inside diameter, ft-in. - 15-2
Overall height of vessel and closure head 23-317/8
cover, control rod drives, and instrument nozzles, ft-in.
Steam generator design
Steam conditions at full load
Flow, 10% Ib/hr 14.86
Temperature, °C CF) 318 (603)
Pressure, psia 1075
Feedwater temperature, °C CF) 245 (473)
Reactor coolant side
Flow, 10° Ib/hr 139
Inlet temperature, °C CF) 332 (630)
Outlet temperature, °C CF) 301 (573)

coolant lines on the side, control rod drive mechanisms on the top, and instrument lines on the
bottom. The vessel is fabricated of low-alloy steel and is clad internally with stainless steel.

The reactor core is cooled by demineralized water that enters the side of the vessel, flows
downward to the lower end of the vessel, upward through the core, around the fuel rods, and out the
pipe connections on the side of the vessel. The coolant is piped to the steam generator, to the main
circulating pumps, and back to the reactor vessel in a closed loop. It is necessary to maintain the
primary coolant system pressure high enough to prevent boiling. This is done by an electrically
heated pressurizer tied into the system that serves to control the coolant pressure and absorb some
volume variations of the primary coolant. Steam generated in the steam generators is piped to the
steam turbine, passed through the turbine, condensed, and returned by a boiler feedwater system in
the same manner as in a conventional fossil-fired plant. '

The reactor vessel, main coolant piping, steam generators, pressurizer, and coolant circulating
pumps are all located inside the containment structure. Steam lines penetrate the containment and.
convey the steam to the turbine building, which is not a containment structure.

-Refueling of the reactor is accomplished by removing the pressure vessel head and flooding the
volume above the vessel. Underwater handling of fuel and other reactor components is then possible.
Underwater storage of the irradiated fuel and reactor internals is accommodated by pool storage
facilities. ‘

The fuel loading of the large PWR core is generally based on a 3-year cycle. Approximately
one-third of the core is replaced annually. The minimum downtime required for depressurization,
cooldown, refueling, repressurization and startup is about 10 days.
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Auxiliary systems are provided to perform the following functions:
1. charge the reactor coolant system;
add makeup water;
. purify reactor coolant water;
. provide chemicals for corrosion inhibition and reactor control;

. cool system components;

remove residual heat when the reactor is shut down;
7. cool the spent-fuel storage;

8. sample reactor coolant water;

9. provide for emergency core cooling;

10. collect reactor coolant drains;

11. provide containment spray;

12. provide containment ventilation and cooling;

13. dispose of liquid, gaseous, and solid wastes;

14. provide seal water for pipes peﬁetrating containment following an LOCA,;

15. provide cooling for containment penetrations with hot pipes;

16. provide redundant means of removing hydrogen from containment following an LOCA;

17. provide main coolant leak-detection system.

Balance of plant

The turbine-generator system design is subject to some variation. A typical 1000-MW(e) plant
would have a tandem-compound 1800-rpm turbine with one high-pressure and three low-pressure
sections. Six combination moisture separator-reheater units are employed to dry and superheat
steam between the high- and low-pressure turbine sections. A typical heat balance for a 1000-MW(e)
plant is shown in Fig. 5.11. : '

The containment structure completely encloses the entire reactor and reactor coolant system to
ensure that essentially no leakage of radioactive materials to the environment would result even on
gross failure of the reactor coolant system. The structure provides biological shielding for normal
accident conditions and is designed to maintain its integrity under tornado wind loading; impact
from tornado-generated missiles, storm winds, floods, earthquakes, tsunamis, and other natural
forces at their worst foreseeable intensity within conservatively established recurrence intervals. The
containment building is a concrete structure with a steel liner to ensure leak tightness. A typical
1000-MW(e) plant has a concrete containment structure with an inside diameter of approximately
135 ft and an overall inside height of approximately 67 ft. A typical PWR containment building and
nuclear steam system are shown in Fig. 5.12.




53

188,049#

13,780,631 = 960P 285%
& 539.7F ]
1191.3H] 1062
0.47%M

13,163=

2000=

1280.0H t53pP

B.F.P.T.
15,142kW.

188,949

8
2.0 in, Hg ABS 1086.(:'»HC

TOTAL TURBINE QUTPUT
FIXED LOSSES .
GENERATOR LOSSES
STATOR COOLER

GENERATOR OUTPUT
AUXILIARY POWER AT 6.00%
NET SENT OUT i
NET STATION STEAM RATE
NET STATION HEAT RATE

1,127,017 kW

" ORNL—DWG 74—-5673A

3563 kW
13,920 kW -
13,100 kW

1,096,434 kW
65,786 kW

1,030,648 kW -
©13.34 Ih/kWhr

- 10,383 Btu/kWhr

i e
I =) -
<: )‘_—-'.‘(:) ""’. 2 QPERATING EFFICIENCY 98%
1191.3H g|® Btu/kWhr SENT OUT 10,595 Btu/kWhr
o] THERMAL EFFICIENCY 32.21%
8 158P
L -
~ls "
e 5
T b # o
(3
HIGH-PRESSURE LOW-PRESSURE § LOW—-PRES!
xx 8 — SURE LOW-PRESSURE
TURBINE " TURBINE ";g T TURBINE TURBINE GENERATOR
-2® .
3 e |
Lﬁa T B //’\ 2 } /\
s&° P 1 T T T N
« C== 3= Jd=a N =
o et - 4# 3 B o] = S8
1= - 288 Mo [
P : Ol — wy] - <
g = A A A AA 7,048,165=
w N
: 5
o 955P  1191.5H ‘ 4
= i 7N A\ 686,7527 2
g AP LI N S 10-25F7 | & b Y1062
- ) 438 ﬁz.‘.‘ﬂﬂ.w Reheater | ™,
ta3saa2=_azmen . f a2 o256 | P05V
[ 10,572.147:7 .’:‘.;.f’;.?.!&'_._ ; I E 120.699=  109.3H {Lep o66.am
i i 541055 1052. :
| A _rossen 1191.3H 3 £ — — 052.34 UEEP 996.5H
' \- 14,225: A\ A\ 98 240 [ 141.9H CONDENSER
- " 1195.7H
: _ 26,704% 430.3H D?::“K ¢ MOISTURE 361,086% 1116.7H 15 H
" ! 1.201,089% 1141.8H 1z ' SEPARATOR 57,132% 184.0H > Ho ABS
< . < 11,347,897 ‘ 2
@ ' S 340.5h 169P! ‘ MAKEUP -1
8 \ - 1 992= ]
@
ol =~y - 5015+ 91.7F i
O 59 7h ]
I
101.9F 1
| i : 69.9h 9,242,719 :
)
.1 h ! GLAND STEAM| SJ.A.E.; STATOR |
6 1 PUMP i HTR. \ | HTR. ALY AL b S0 AE CONDENSATE \
{ 4h=3.75Buu/b ! 5 o 4 /,»{" 3 1 & 4 HIR': CONDENSER 12103 | COoOLER pPUMP 1
' «~1200P H \\ | ‘le 1 v / A [} ll? ) P ‘3’ 1 1178.4h ] |
a ' N 1% 272875 2182640 U76.5E/ o :
1 i NN ) 241.6h V 186.5n" 1346n ¥ t‘_”_gf_- ___1 L 1,826,757= |
: : K / LEGEND Y
SI44F _3a7sh o237 HEATER DRAIN —
¢ TANK Hh ENTHALPY (Btu/Ib)
: & FLOW (ib/hr)
GEv9% as70n Y P PRESSURE (psia)
"@- EEL R F TEMPERATURE (°F)
STEAM
HEATE{!’“‘?;AIN mc=smees FEED WATER
~——— DRAINS

Fig. 5.11. Typical 1000-MW(e) PWR turbine cycle heat balance diagram (from WASH-1230, Vol. I).
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The control building houses the control room, auxiliary equipment, ventilation equipment, and
the reactor plant cooling water system. It is a missile-protected building, since: it houses
safety-related equipment. The diesel-generator building is designed to withstand short-term tornado
loading, including tornado-generated missiles. It houses the diesel generators that provide standby
power. The turbine-generator building contains the turbine generator and other equipment related to
the conventional portion of the plant. Building design is based on the same criteria that are used for
a fossil-fired plant turbine-generator building.

Miscellaneous structures are required for fuel storage, chemicals storage, maintenance shops,
water-intake equipment housing, etc. Other balance-of-plant equipment and systems are similar to
those required for a conventional fossil-fired plant. Included are items such as the condensers,
feedwater pumps, makeup water treatment system, circulating water systems, and electric plant
equipment.

5.2.4 The HTGR Power Plant
The nuclear steam system

The HTGR plants use helium gas as the reactor coolant and graphite as the moderator and core
structural material. The fuel is a mixture of enriched uranium carbide and thorium oxide used in the
form of particles individually clad with ceramic coatings.

All major nuclear steam system components, including the steam generators, are housed in a
steel-lined, prestressed concrete reactor vessel (PCRV) which also provides the necessary biological
shielding. The PCRYV, in turn, is housed in a conventional reinforced concrete secondary
containment building. The design of the large HTGR was based on information developed in the
course of designing and constructing the Peach Bottom and the Fort St. Vrain plants.

The nuclear steam system of the 1160-MW(e) plant produces main superheated steam at 515°C
(955°F) and 2500 psig and reheat steam at 540°C (1002°F) and 571 psig. Overall performance data
for an HTGR plant are shown in Table 5.10. The nuclear steam system contains six independent
primary coolant loops, each with a helium circulator and steam generator. Helium, at a pressure of
about 710 psig, is circulated by means of steam-turbine-driven axial-flow helium circulators. The
helium flows downward through the reactor core and through the single-pass steam generators,
located in the PCRY in separate cavities around the main core cavity, before returning to the helium
circulators. The main superheated steam produced in the steam generators at 515°C (955°F) and
2500 psig passes to the high-pressure element of the steam turbine. The steam from the high-pressure
turbine exhaust is used to drive the helium circulators before passing to the reheat section of the
steam generator and on to the intermediate- and low-préssure sections of the steam turbine.

The, reactor core is made up of hexagonally shaped graphite fuel elements approximately 14 in.
across the flats and 31 in. high. Each graphite block has a central pickup hole for handling purposes,
coolant channels, and holes to accommodate fuel rods. Dowel pins in each block maintain
alignment. The fuel, in the form of coated particles of highly enriched uranium carbide as the fissile
material and thorium oxide as the fertile material, is contained in bonded graphite rods. The fuel
clements are stacked in columns eight blocks high to form the core. This assémbly is surrounded by
replaceable and permanent graphite reflector blocks. :

Reactor control is by control rods suspended from cables driven by electrically operated drive

mechanisms. The control rods move in vertical passages in the central column of
elements in each refueling region. Emergency shutdown is accomplished by injecting
neutron-absorbing balls into the core cavities.
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Table 5.10. Overall performance data for an HTGR plant

3000 MW(t) 2000 MW(t)
General
Net plant output, MW(e) 1160 770
Net nuclear steam system output, MW(t) 2979 1982
Net plant efficiency, % 39 39
Net plant heat rate, Btu/kWhr 8843 8900
Turbine back pressure, in. Hg (abs) 225 225
Main steam flow, 10° Ib/hr 8.1 54
Reheat steam flow, 10¢ Ib/hr 8.0 53
Primary coolant system ‘
Primary coolant Helium Helium
Helium pressure at circulator 710 710
discharge, psig
Core inlet temperature, °C CF) 320 (607) 320 (607)
Steam generator inlet duct 741 (1366) 741 (1366)
temperature, °C (°F)
Total helium flow rate to steam 11.2 7.5
generators, 108 Ib/hr
Number of steam generators 6 4
Number of circulators 6 4
System helium pressure drop, psig 20.7 20.7
Reactor core
Number of fuel elements 3944 2744
Fuel residence time, years 4 4

-Average burnup, MWd/metric ton 98,000 98,000

Core fuel elements and reflector blocks are removed and replaced through access holes in the
top of the PCRV. The fuel loading is based on a 4-year cycle. Approximately one-fourth of the core
is replaced each year. The minimum downtime required for depressurization, cooldown, refueling,
repressurization, and reactor startup is estimated to be 14 days. Figure 5.13 illustrates the
arrangement of the core and other parts of the nuclear steam system within the PCRV. Dimensions
of the PCRYV are shown in Table 5.11. t

Table 5.11. PCRYV dimensions

3000 MW(t) 2000 MW(t)
Overall height 91 ft 6 in. 91 ft 6 in.
Outside diameter 100 ft 94 ft
Central cavity diameter 371t : 32 ft8in.
Central cavity height 47 ft4 in. 47 ft4in. -
Number of steam generator/circulator cavities . 6 4
Diameter of steam generator/circulator cavities 14 ft 2 in. 14 ft 2 in.
Number of auxiliary cooling cavities 3 2

Diameter of auxiliary cooling cavities 7 ft 8 ft 2in.
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The intermediate cooling water system supplies the reactor systems with cooling water, which,
for safety reasons, is in turn cooled in a closed circuit loop. This system serves to cool the PCRV
lines, main and auxiliary helium circulators, fuel element storage systems, and helium treatment
systems.

The helium treatment system is ptovided for the removal of contaminants from the helium
coolant. The purification process takes place in a series arrangement of a high-temperature absorber,
dryer, low~temperature absorber, and hydrogen absorber.

Balance of plant

The reactor containment building provides a barrier against fission product release to the
atmosphere in case of an accident. It is a concrete cylindrical structure with a total height of 125 ft
and an inside diameter of 126 ft for the 1160-MW(e) nuclear steam system. The inner surface is lined
with carbon steel to ensure leak tightness.

The reactor service building houses new and used fuel storage wells and reactor auxiliary
systems that are not located inside the containment building. Provisions are also made for storage of
reactor moderator parts in this building, which is a multistory structure adjacent to the containment
building. ) _

The control building houses the control room, auxiliary equipment, ventilation équipment, and
reactor plant cooling water system. It is a missile-protected building since it houses safety-related
equipment.

The diesel-generator building is designed to withstand short-term tornado loading, including
tornado-generated missiles. This building houses the diesel generators that provide standby power.

The turbine-generator building contains the turbine generator and other equipment related to
the conventional portion of the plant. Building design is based on the criteria used for a fossil-fired
plant turbine-generator building.

Miscellaneous structures are required for storage of helium bottles, chemicals storage,
water-intake equipment housing, etc. ’

The turbine generator and its controls act integrally with the nuclear steam system for turbine
load control. The type of turbine selected is subject to variations; however, a typical heat balance
diagram for a 3600-rpm tandem-compound turbine using four feedwater heaters is shown in Fig.
5.14. The circulating water system provides the major means of plant heat rejection.

Other balance-of-plant equipment and systems are similar to those required for a conventional
fossil-fired plant. Included are items such as the condensers, feedwater pumps, makeup water
treatment system, circulating water systems, and electric plant equipment.

5.2.5 Environmental Parameters

The construction of a power plant, nuclear or fossil fueled, will inevitably affect the
environment, and some of the effects will be adverse. Effects are considered adverse if environmental
change causes some biotic population or nonviable resource to be less safe, less abundant, or less
aesthetically pleasing; if the change reduces the diversity and variety of individual choice or the
standard of living; or if the change tends to lower the quality of renewable resources or to impair the

recycling of depletable resources. The severity of adverse effects should be reduced to minimum
practicable levels.




Fig. 5.14. Typical 1160-MW(s) HTGR turbine cycle heat balance diagram (from General Atomic Company).
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Prior to the issuance of a construction permit or operating license for a nuclear power plant, the
utility must submit a report on the potential environmental impacts of the proposed plant and
associated facilities.”’ Some of the environmental parameters considered in an environmental report
are as follows:

1. the site,

2. the plant,

3. effects of site preparation and plant and transmission facilities construction,
. effects of plant operation,

. efﬂuént measurement and monitoring,

. effects of accidents,

. economic and social effects of plant construction and operation,

0 NN b

. alternative energy sources and sites.

In this study, attention is confined to the environmental effects of plant operation. The two principal
impacts are due to waste heat and radioactivity, although chemical effluents and others are
important.

Waste heat

Regardless of the thermal source in a power plant, about 60 to 70% of the heat produced is
rejected to the environment. Figure 5.15 shows heat balances for three types of plants, each
producing 1000 MW(e). The LWR plant is assumed to have an efficiency of 33%, while the HTGR
and the fossil-fuel plants have efficiencies of 38%. It is assumed that 85% of the waste heat is carried
off by the condenser cooling water for the fossil-fuel plant and 95% for the nuclear-fuel plant. The
LWR plant deposits about 50% more waste heat in the condenser water than the fossil-fuel plant
and about 35% more than the HTGR plant. HTGR plants have about the same steam conditions as
fossil-fuel plants and are therefore given the same efficiency, but their miscellaneous losses are more
like those of the LWR plants.

The two major types of cooling systems in use are the open cycle and the closed cycle. The open
cycle is generally referred to as the “once-through” system, since the cooling water from the river,
lake, ocean, or other source is pumped through the condenser and then returned to the source. In

-the closed cycle, water is recirculated through the condenser after it has been cooled in a cooling
tower or pond. Cooling towers may be either wet or dry, natural draft or mechanical draft. Cooling

ponds may use large acreage (about 1 to 2 acres per megawatt of installed capacity) or sprays
to ensure the desired degree of cooling.

Cooling ponds and wet towers may cause objectionable fogs, icing, or plumes. In addition, the

size of the pond or tower may be objectlonable

21. Guide to the Preparation of Environmental Reports for Nuclear Power Plants, US. Atomic Energy Commission,
Directorate of Regulatory Standards, August 1972.
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The plume of the wet tower can be reduced or eliminated by using wet/dry towers.” In these
towers, only part of the heat is removed with water; enough heat is removed with the air-water vapor
mixture so that the relative humidity is much reduced. Such towers also reduce water consumption.

Radiological

During the operation of a nuclear power plant, radioactive gases are produced by activation of
such materials as argon, nitrogen, and oxygen; iodine, krypton, and xenon are produced in the fuel
by fission. The amount of the latter three in the reactor coolant depends on the integrity of the fuel
elements. With the passage of time, the fuel cladding develops pinhole leaks, and the fission product
gas escapes into the coolant.

The plants are designed™ to operate with fuel element leakage up to about 1%. In the BWR, the
gases released to the primary coolant are carried to the turbine and to the condenser along with the
steam. Steam is condensed back to water, but the noncondensable gases, including the very small
volume of radioactive gases, are vented to a cleanup system. After some time for decay the gases are
filtered and released to the environment through the stack. In the PWR, most of the radioactive
gases remain in the coolant water. When the system is opened for maintenance or refueling, the
gases are vented to a cleanup system from which they may be released to the atmosphere.

Also radioactive materials build up in the cooling water during reactor operation. Some of these
result from activation of elements in the water itself—the naturally occurring trace elements. Others
are generated by neutrons absorbed by the metals, mainly stainless steel or Zircaloy in the reactor
system. Other radioactive products leak out of the fuel elements. In addition, tritium is produced in
the coolant and fuel elements. ' .

Liquids leaking into and recovered from various plant systems are collected and sent through a
special liquid-waste system where the radioactivity is concentrated and put in a form suitable for
shipping to disposal grounds. The effluent liquids left over are collected in monitoring tanks,
checked for radioactivity, and released at a controlled rate in the plant condenser cooling water.

Solid wastes are generally disposed of off site.

For an HTGR,™ the sources of radioactive gaseous waste that result in release to the
atmosphere are 19/year PCRYV leakage to the reactor containment and subsequent release to the
atmosphere and losses from the turbine steam system to the atmosphere. The gaseous activity
discharged to the atmosphere from the station during normal operation is (excluding tritium) about
4.4 Ci/year. The activity released from the station to the atmosphere due to losses from the turbine
steam system during normal operation is 180 Ci of tritium per year.

Radioactive liquids and solids are collected in drums and disposed of off site.

5.2.6 Operating and Maintenance Manpower Needs

The staffing of a commercial nuclear power plant with operating and maintenance personnel
requires careful selection and training of personnel as well as careful timing in the hiring of the staff.
The complexity and newness of the work, the problems caused by radiation, and the high cost of

outage justify more than ordinary planning in the hiring and training of a staff.

22. K. A. Olesen and R. J. Budenholzer, “Economics of Wet/Dry Cooling Tower Show Progress,” Electrical World,
Dec. 15, 1972,

23. J. P. Davis, “The Regulation of the Environmental Effects of Nuclear Power Plants,” Nucl. Safety 14(3), 165-81
(May-June 1973).

24. Fulton Generating Station, Applicants Environmental Report, vol. 1, sect. 3.5.2.4,

O
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The staff of a large utility may be divided into two large groups: the home office (or
headquarters staff) and the operating staff. It is assumed that the headquarters staff is already
functioning, and the emphasis is on the operating and maintenance staff. The following general
discussion can be applied to all types of reactors.

Operations and maintenance staff

Although plant staff organizations can reflect variations in company policies and practices, the
representative organization shown m Fig. 5 16 can be satisfactorily employed to operate a
current-generation single-unit station.”

Each operating shift crew consists of a senior licensed shift supervisor, two licensed control
operators, and two auxiliary operators. Five such crews should be trained to handle all normal and
abnormal operating procedures. At least one replacement for each of the three categories should be
trained and available to maintain crew strength when job shifts, res1gnat10ns or retirements occur
and to accommodate on-site fuel handling procedures.

Direct day-to-day technical support for plant operations is a necessity. The vital technical areas
are radiation protection, plant chemistry, instrumentation and controls, reactor, turbine generator,

25. Utility Staffing and Training for Nuclear Power, WASH-1130 (Rev.).
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and balance-of-plant equipment. Functions include routine monitoring, surveys, sampling, analyses,
instrument checking and maintenance, performance analysis, test preparations, and evaluation of
results. : : :

Electrical and mechanical maintenance requirements noted are largely aimed toward the
preventive maintenance program but will allow for some repair and corrective maintenance. Certain
specialized craft skills not routinely needed at the plant site may come from a more centralized
systemwide maintenance staff or from outside organizations. :

A plant security force of 11 provides for a supervisor and 5 shift crews of 2 men each for
round-the-clock coverage. Due to the specialized training required for security force personnel, they
may be administratively attached to a separate organization reporting to headquarters.

The timing of the selection and appointment of personnel to a plant staff is an important
consideration to assure that full qualifications requirements are met by the staff when the plant is
ready. Management and key supervisory personnel should be on board not later than 4 years before
initial fuel loading. Operating crew personnel should be selected at least 3 years in advance of fuel
loading so that they will have completed virtually all formal and experience training requirements by
the time the preoperational test program begins. Technical support personnel should be selected and
assigned within the 2- or 3-year period ahead of fuel loading for training and familiarization
assignments. Security personnel may be required to protect property early in the construction period
but should be fully trained and on the job during preoperational testing.

The staffing of multiple-unit stations must provide for the performance of essentially the same
functions as are required for single units. There are considerations, however, which may make it
unnecessary to duplicate single-unit staff entirely. Some of these are (1) the degree of similarity in
design features and operating characteristics and the reflection of these in operability and
maintainability, (2) the extent to which some systems (e.g., waste management) are common, and (3)
the absence of overlapping startup and break-in periods for successive units during which manpower
demands may be heavier.

Tables 5.12 and 5.13 display the organizational breakdown for representative multiple-unit
stations. Study of the comparison shown with a single-unit station staff structure demonstrates the
potential applicability of the above factors, viz., identical units with a common control room and
some shared systems.

It will be noted that it also reflects an opportunity for more effective use of manpower through
specialization of the operational fuel management function on site. A fuel handling team should be
considered in lieu of additional “regular” operating personnel for multiple-unit stations. The team’s
responsibilities would cover all phases of fuel handling on site, from receipt, inspection, storage,
inventory control, refueling and unloading the core, spent fuel handling, cask loading, and shipment
of spent fuel. The lead fuel handlers (or foremen) of this team would be expected to qualify for
senior operator licenses which can be restricted to cover the scope of their activities.

Staff training

Concurrently with the obtaining of a staff so that the plant may be put in operation upon
completion, a training program must be in operation. Various standards have been prepared
describing the qualification requirements for a variety of positions. The ANSI N18.1-1971 standard,
Selection and Training of Nuclear Power Plant Personnel, specifies minimum general qualifications
and specific education, training, and experience for all functional levels within an operating
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Table 5.12. Staffing requirements for muitiple-unit nuclear steam-electric power plants

Plant size.
1 unit - 2 units 3 units 4 units

Plant management

Superintendent® 1 1 1 1

Assistant? 1 1 1 1

Clerks 5 5 5
Operations

Operations supervisors® 1 2 3 4

Shift supervisors” 6 6 12 12

Lead operators/foremen” 5 5 5

Control operators? - - 11 16 26 31

Auxiliary operators 11 16 26 31

Lead fuel handlers/foremen® 3 3 3

Fuel handlers 6 9 9
Technical

Technical supervisor 1 1 1 1

Professionals ' 6 9 12 12

Technicians 9 16 25 32
Maintenance

Maintenance supervisors 1 2 3 ’ 3

Crafts and repairmen 18 28 44 55
Security 11 16 16 16

Total 82 133 192 221

@Senior licensed operator qualifications.
bLicensed operator qualifications.
€Special senior licensed operator qualifications.

Table 5.13. Staffing requiremients for multiple-unit nuclear process steam plants

Plant size

1 unit 2 units 3 units 4 units
Plant management
Superintendent? 1 1 1 1
Assistant® 1 1 1 1
Clerks s 5 5 5
Operations
Operations supervisors® 1 2 3 4
Shift supervisors® 6 6 12 12
Lead opemtors/foremen‘l 5 S s
Control operatorsb' 11 16 26 31
Auxiliary operators 8 13 18 23
Lead fuel handlers/foremen® 3 3 3
Fuel handlers 6 9 9
Technical C
Technical supervisor 1 1 1 1
Professionals 6 9 12 12
Technicians 7 11 15 19
Maintenance ) :
" Maintenance supervisors 1 2 3 3
Crafts and repairmen ) 12 18 24 30
Security . 11 16 16 16
Total 1 11§ 154 175

aSenior licensed operator qualifications.
L jcensed operator qualifications.
©Special senior licensed operator qualifications.
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organization that have a direct relationship to technical operational and maintenance aspects of a
nuclear plant. .

Figure 5.17 is a schedule for training senior operators and operators at the appropriate time.”
Other plant staff members new to the nuclear industry can benefit by participation in these programs
even though they will not need licenses.

Part of the training may be provided by reactor manufacturers, government agencies,
universities, or consultants. In general, most utilities provide their own design familiarization and

on-the-job training just prior to the initial fuel loading and power escalation program.

The typical schedule given in Fig. 5.17 assumes the individual has no prior knowledge of reactor
operations but has pertinent experience in steam plant operations. Trainees who already have or are
acquiring enough nuclear experience to qualify for the AEC license examinations prior to initial
operation of the station usually join the station staff group for further training and experience.

The training (for operators and staff) indicated in Fig. 5.17 is keyed to several different phases
considered standard.

Phase 1—Introduction to Nuclear Power. Participants receive instruction in basic nuclear
physics and mathematics refresher, reactor physics concepts (flux, reactivity, cross section), and
characteristics and operating behavior of power reactors.

Phase la—Demonstrations of Reactor Properties. A low-power research reactor is used in
conjunction with or immediately following phase 1.

Phase 2—On-Shift Participation. Extensive operative experience at a similar power reactor or a
combination of experience at a power reactor and a power reactor simulator serves both to give
experience and show the practical applications of theory learned.

Phase 3-—Design Familiarization. Lectures, together with study of plant systems and discussion
with various design groups at the nuclear steam supply system designer’s location, provide
familiarity with systems purpose and function.

Phase 4—On-the-Job Training. Details of the individual plant operation are learned by assisting
in the initial check-out, writing procedures, and operaﬁng the various plant systems. In addition,

-regularly scheduled training sessions should be directed toward design, nuclear characteristics,

operating procedures, and administrative controls.
Phase 5—Specialty Training. Specific job functions (e.g., radiation monitoring or instrument
maintenance) are generally taught at the appropriate time.

5.2.7 Downtime for Refueling and Other Maintenance

Most operating power reactors are refueled approximately once every year, with the first
refueling within 1 or 2 years after the start of commercial operation. Refueling is not necessarily, but
is invariably, accompanied by major maintenance outage.

A survey of the operating experience of ten reactors® for the first half of 1973 shows that the
average downtime” during refueling was about 62 days. The actual refueling time was
approximately 31 days. ’

26. The reactors are Big Rock Point 1, Dresden 3, LaCrosse, Millstone Point I, Monticello, Nine Mile Point, Oyster
Creek, Point Beach 1, Robinson 2, and San Onofre.
27. T. R. Silson, M. S. Hildreth, Jr., and G. C. Gower, Evaluation of Nuclear Power Plant Availability, OOE-ES-001

(January 1974).
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During refueling, there is generally a radial reshuffling of the old fuel, and about one-third of
the fuel is replaced. Sometimes the utility does the refueling, and other times a vendor refueling crew
under contract to the utility performs the service. '

The amount of operating experience data for LWR plants that is representative of current plant
designs and power levels is still somewhat limited. Although 27 nuclear plants were licensed to
operate by the end of 1972, only 8 of these plants had operated 4 years or longer. Five of these eight
had a design power rating of 200 MW(e) or less, and they were in effect one-of-a-kind plants.

A study of the 1972 operating records of 19 licensed nuclear power plants was conducted to
examine plant availability and to assess the nature, cause, and significance of plant shutdowns.”’” In
addition, the operating records for 4 of these plants were studied for the total period of commercial
operation to provide a broader time base for comparison.

The average nuclear plant availability during 1972 was 73%, where plant availability is defined
as the time the generator was in operation divided by the total time during the period. Of the 19
plants studied, 7 achieved availabilities of 80% or above.

The 4 plants for which operating records were analyzed over the total period of commercial
operation had an average plant availability of 72%. These plants had been in operation from 2 to 3
years. Analysis indicates that, on the average, a break-in period of from 3 to 4 years is required for a
nuclear plant to achieve an availability factor of 80% or above.

The average percent of forced and scheduled outage for the 19 plants during 1972 was 11 and
16% respectively. For the 4 plants with longer service time, forced outages accounted for 12% of the
time and scheduled outages for 169 of the time since they began operation.

Five of the 19 nuclear plants had forced outage factors exceeding 15% in 1972. Equipment
malfunctions and failures were the cause of 96% of the forced outages, while operator errors were
responsible for 4%. \

Identification of the portions of the plant causing forced outages revealed that 42% of the total
was attributable to nuclear-related systems and components. However, the nuclear-related
equipment accounted for about 56% of the downtime, indicating that the time required to repair
nuclear equipment was somewhat greater than the time required to repair conventional equipment.

The major equipment items contributing to forced outages were valves, pump seals, turbines
and their associated auxiliaries, control rod drives and associated controls, main electrical
generators, steam generators, condensers, and feedwater system pumps and controls.

Each of the forced outages was classified with respect to its actual or potential safety
significance. Outages resulting in the release of radioactive effluents from the primary coolant
pressure boundary and those resulting in the actual or potential violation of the technical
specifications were considered to be of potential significance to public health and safety. Evaluation
of the forced outages on this basis indicated that about 46% might be construed to be related to
safety. However, none of the forced outages resulted in any injury to a member of the public or a
release of radioactive materials in excess of permissible levels.

Scheduled outages for the 19 plants were responsible for the plants being shut down an average
- of 16% of the time. In 6 of the 19 plants, the operating time lost because of scheduled outages was
well in excess of this average value. Operating reports indicate that a significant amount of time was
devoted to overhaul and repair of control rod drives, steam generators, valves, and turbines. In
addition, a considerable amount of time was devoted to examination of reactor fuel.
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5.2.8 Construction Schedule

Figure 5.18 shows in schematic form the major elements of lead time for a multiple-unit nuclear
power plant project from “commitment” to commercial operation. This schedule is modeled after
single-unit plant schedules developed by the Atomic Industrial Forum.”® The time allowances are
typical of the present generation of custom-designed plants but include no provision for major
delays caused by strikes, contested hearings, or design revisions.

Line 1 shows a 4Y; year on-site construction period for the first unit, followed by a 6-month
period of test operation before commercial operation. Normally, on-site construction cannot
commence until issuance of an AEC construction permit. The second, third, and fourth units are
placed in operation at l-year intervals. )

Line 2 shows the related time scale for fabrication and delivery of long lead-time items of
equipment, such as the pressure vessels, steam generators, main coolant pumps, and the turbine
generators. Shop space must be reserved at least 6 months in advance of fabrication,
which in turn is estimated to require 3 years for the first unit. These major items of equipment are
usually scheduled for on-site delivery about 2 years before completion of construction. To meet this
schedule, major financial commitments must be incurred about a year before the completion of
administrative reviews and the issuance of an AEC construction permit.

Line 3 shows the two phases of the AEC safety review leading to the issuance of a construction
permit and an operating license respectively. The preliminary safety analysis report should be filed 2
years prior to the issuance of a construction permit, allowing 1 year for internal AEC staff review,
and 1 year for the hearing required at the construction permit stage. The final safety analysis report
should be filed 1Y, years prior to the estimated date for completion of construction, when an
operating license will be required to permit core loading and initial operation. This allows 1 year for
the internal AEC staff review and 6 months for a supplementary hearing.

Line 4 shows the antitrust review proceeding in parallel with the AEC safety review at the
construction permit stage.

Line 5 shows that all necessary environmental approvals, state and federal, must be obtained
through concurrent proceedings before all interested agencies, and that this process will proceed in
parallel with the AEC safety review over a 2-year period. Allowance is made for an additional 2
years of intensive effort prior to the filing of formal applications. It is assumed that the first year will
be devoted to obtaining and evaluating preliminary environmental data on several candidate sites
and the second will be devoted to an in-depth study concentrated on the principal site selected.

Line 6 shows the contractual arrangements necessary to support this schedule. It is assumed
that an architect-engineer will be selected at the outset to assist in the preparation of invitations for
bids and in the preliminary evaluation of potential sites. This permits selection of a manufacturer
and identification of the size and characteristics of the plant during the year while alternative sites
are being evaluated and allows an additional year for detailed engineering and preparation of the
PSAR and other permit applications.

‘The total lead time for the selection-licensing~construction process, as shown in Figs. 5.18 and
5.19 for a single-unit custom-designed plant, requires about 9 years, divided roughly as follows: 2
years for site and plant design selection, preapplication site reviews, and preparation of the

28. Resource Needs for Nuclear Power Growth, A Report of an Ad Hoc Forum Committee Atomic Industrial Forum,
Inc., 1973.
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Fig. 5.18. Estimated lead time for multiple-unit nuclear power plant project.
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application; 2 years for construction permit reviews and hearings; and 5 years for construction,
operating license review, and operational testing.

As also shown in Fig. 5.19, standardization of plant designs in the next 3 to 4 years might make
possible a reduction of about 2 years in the total lead time.” It is anticipated that about a year can
be saved from the time required for AEC review of the construction permit application, and, as

experience is gained in duplicating major portions of plants, it should be possible to reduce the
required construction time by a year.
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5.2.9 Economic Analysis

Productlon costs were estimated for large- and mtermed1ate-s1ze commercial nuclear electric
plants and process steam plants in accordance with the economic ground rules shown in Tables 5.14
and 5.15. The estimates for large plants are for single units only, while the estimates for the
intermediate-size plants are for one-, two-, three-, and four-unit plants. In all cases the length of the
design and construction period was held constant, although it could be argued that the construction
period for the smaller plants might be somewhat shorter. The fuel cycle costs for the
intermediate-size plants were assumed to be about l¢ to 2¢/10° Btu higher than
those for the large plants.

Table 5.16 shows a breakdown of the levelized fixed charge rates used in estimating the annual

fixed charges on capital investment. The POWERCO code®® was used to perform the discounted

29. Meeting the Challenge to Nuclear Energy Head-On, Remarks by William O. Doub, Commissioner, U.S. Atomic
Energy Commission, Atomic Industrial Forum Annual Conf., San Francisco, Calif., Nov. 12, 1973.

30. Royes Salmon, A Revision of Computer Code POWERCO (Cost of Electricity Produced by Nuclear Power
Stations) to Include Breakdowns of Power Cost and Fixed Charge Rates, ORNL-4116 (August 1969).
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_ Table 5.14. Economic ground rules for large commercial nuclear plants

Type

Environmental system

Size (single unit)

PWR,BWR, and HTGR

All electric power plants use mechanical
. draft evaporative cooling towers

1200 MW(e), 3750 MW(t)

LWR _

HTGR 1200 MW(e), 3140 MW(t)
Net efficiency

LWR 32% (10,660 Btu/kWhr)

HTGR 38.2% (8930 Btu/kWhr)
Capacity factor 80%
Location Texas

Design and construction period

81/2 years from purchase of nuclear steam system

Workweek 40 hr
Cost basis Early 1974 dollars; interest during construction
included in capital costs”

Fuel cycle costs (mid-1982) (¢/10° Btu) Utility Industrial
LWR 28 34
HTGR . 31 40

Financial parameters, % Utility Industrial
Fraction of investment in bonds 55 30
Interest rate on bonds 8 8
Return on equity 10 15
Federal income tax rate 48 48
State income tax rate 3 3
Gross revenues tax rate 0 0
Local property tax rate 3 3
Interim replacements rate 0.35 0.35
Property insurance rate 0.25 0.25
Plant lifetime, years 30 20

“No allowance for escalation during construction.

cash flow and levelizing calculations for the fixed charge rates. The higher fixed charge rate for
industrial ownership results from (1) the shorter lifetime, 20 years compared with 30 years for utility
ownership; (2) the lower bond fraction, 30% compared with 55%; and (3) the higher return on
equity, 15% compared with 10%. For property tax purposes the investment is depreciated uniformly
and for income tax purposes by the sum-of-years digits method.

A different set of economic ground rules, especially the financial parameters, would result in a
different set of production costs and a different set of relative costs.

Large nuclear plants

Production costs for large commercial nuclear electric plants are summarized in Table 5.17 for
typical utility and industrial financing assumptions. For the three types of reactors (PWR, BWR,
and HTGR), total production costs are about equal—slightly over 11 mills/kWhr for utility
ownership and just under 17 mills/ kWhr for industrial ownership. N

Production costs for large commercial nuclear plants producing only process steam are
summarized in Table 5.18 for typical utility and industrial financing. Total prime steam production
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Table 5.15. Economic ground rules for intermediate-size commercial nuclear plants

Type PWR and HTGR

Environmental system All steam-electric plants use mechanical draft
evaporative cooling towers

Unit size

PWR - 600 MW(e), 1875 MW(t)
HTGR 382 MW(e), 1000 MW(t)
764 MW(e), 2000 MW(t)

Net efficiency

PWR 32% (10,660 Btu/kWhr)
HTGR 38.2% (8930 Btu/kWhr)

Capacity factor 80%

Location Texas .

Design and construction period 81/2 years from purchase of nuclear steam
systems to commercial operation of first unit;
additional units to be placed in operation
at 1-year intervals

Workweek 40 hr

Cost basis Early 1974 dollars; interest during construction
included in capital costs; no allowance for
escalation during construction

Fuel cycle costs (mid-1982) Utility Industrial

(¢/10° Btu) — -

PWR 29 36

HTGR 36 46 [1000 MW(1)]
’ 33 42 [2000 MW(1)]

Financial parameters, % Utility Industrial

Fraction of investment in bonds 55 30
Interest rate on bonds 8 8
Return on equity 10 15
Federal income tax rate 48 48
State income tax rate 3 3
Gross revenues tax rate 0 0
Local property tax rate 3 3
Interim replacements rate 0.35 0.35
Property insurance rate 0.25 0.25
Plant lifetime, years 30 20

Table 5.16. Breakdown of levelized fixed charge rates (%)

Utility Industrial

Recovery of capital )

Average interest rate 8.90 12.90

Sinking fund depreciation 0.75 1.25
Federal income tax 1.42 . 5.04
State income tax 0.09 - 0.32
‘Local property tax - o213 2.13
Interim replacements 0.35 : 0.35
Property insurance 0.25 0.25

Total fixed charge rate 139 222
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Table 5.17. Summary of levelized production costs for large
commercial nuclear electric power plants

PWR ' BWR HTGR
10° $/year  mills/’kWhr  10° $/year  mills/kWhr  10° $/year  mills/kWhr

Utility ownership
Fixed charges 65.9 7.84 65.9 7.84 66.6 7.92
O&M costs 5.2 0.62 5.2 0.62 54 0.64
Fuel costs 25.1 2.99 25.1 299 23.2 2.76
Total 96.2 114 96.2 114 95.2 11.3
Industrial ownership
Fixed charges 105.2 12.51 105.2 12.51 106.3 12.64
O&M costs 52 0.62 5.2 0.62 54 0.64
Fuel costs 30.5 3.63 30.5 3.63 30.0 357
Total 140.9 16.8 140.9 16.8 141.7 16.8
Table 5.18. Summary of levelized production costs for large
commercial nuclear process steam plants
3750 MW(1) PWR 3750 MW(t) BWR 3140 MW(t) HTGR
10° $/year  ¢/10°Btu  10° $/year  ¢/10°Btu  10° $/year  ¢/10° Btu
Utility ownership
Fixed charges 37.2 42 359 40 399 53
O&M costs 3.7 4 3.7 4 3.8 s
Fuel costs 25.1 28 25.1 28 23.2 31
Total 66.0 74 66.0 72 66.9 89
Industrial ownership
Fixed charges 59.5 66 57.3 64 63.7 85
O&M costs 3.7 4 3.7 4 38 5
Fuel costs 30.5 34 305 34 30.0 40
Total 93.7 104 91.5 102 97.5 130

costs are about equal for PWR and BWR plants, just over 70¢/ 10° Btu for utility ownership and just
over $1.00/10° Btu for industrial ownership. Total prime steam production costs are about 25%
higher for the HTGR plant, almost 90¢/10° Btu for utility ownership and almost $1.30/10° Btu for
industrial ownership. These higher costs for the HTGR reflect the higher capital cost of the HTGR
nuclear steam system. However, it should be kept in mind that the steam is of higher quality, 2500
psi and 515°C (955°F), when compared with ~1000 psi saturated steam for LWRs.

The capital cost breakdowns are summarized in Tables.5.19 through 5.21. Total capital costs for
the three electric plants are essentially equal, about $400/kW(e). As shown in Table 5.21, the higher
cost of the HTGR nuclear steam plant is balanced by the lower cost of its turbine plant. The process
steam plant costs do not include costs for reboilers and other equipment required for steam
distribution. Reboilers would most likely be required for all types of reactor plants, especially for the
BWR plant, to protect the steam distribution system from possible radioactive contamination and
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Table 5.19. Capital cost estimate for 1200-MW(e) PWR steam-electric plants

Steam plant Turbine plant Total

. Direct costs (10° $)

Land and land rights 1 0 1

Physical plant
Structures and site facilities 39 8 47
Reactor plant equipment 87 0 87
Turbine plant equipment 0 88 88
Electric plant equipment 15 14 29
Miscellaneous plant equipment 3 2 5

Subtotal (physical plant) 144 112 256
Spare parts allowance 1 1 1
Contingency allowance _E __7 ﬂ
Subtotal (total physical plant) 155 120 275
Indirect costs (10° §)

Construction facilities, equipment, and services 10 8 18

Engineering and construction management services 25 19 44

Other costs 8 6 14

Interest during construction 69 53 122
Subtotal (indirect costs) 112 86 198

Total costs

Total plant capital cost at start of project
Millions of dollars 268 206 474
Dollars/kW(e) 395
Dollars/103 Btu/hr : 21

also to protect the nuclear system from industrial contamination. Capital costs for LWR
steam-electric plants were estimated with an updated version of the CONCEPT code.” This
updated version includes costs of all environmental and safety-related equipment and systems
required as of early 1973. Capital costs for HTGR steam-electric plants were extrapolated from
those reported in WASH-1230 for a 770-MW(e) plant.*? Capital costs for the nuclear process steam
plants were developed by appropriate modification of the electric plant estimates.

Tables 5.22 and 5.23 show estimated annual operation and maintenance expenses, not including
fuel, for nuclear electric plants and process steam plants respectively. The costs for electric plants
were estimated using the methods outlined by Myers,” and the process steam plant costs were
estimated by appropriate modification of the electric plant estimates.

Intermediate-size nuclear plants

Production costs for intermediate-size commercial nuclear electric plants are summarized in
Tables 5.24 through 5.26 for single- and multiple-unit stations operating at 80% plant capacity

31. H. 1. Bowers et al., CONCEPT—Computerized Conceptual Cost Estimates for Steam-Electric Power Plants— Phase
I User's Manual, ORNL-4809 (April 1973).

32. 770-MW(e) Central Station Power Plants Investment Cost Study— High Temperature Gas-Cooled Reactor Plant,
WASH-1230, vol. VI (1974). )

33. M. L. Myers and L. C. Fuller, Operating and Maintenance Cost Estimating Procedure for Steam-Electric Power Plants
(to be published).
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Table 5.20. Capital cost estimate for 1200-MW(e) BWR steam-electric plants

Steam plant Turbine plant Total

Direct costs (106 s

Land and land rights 1 0 1
Physical plant
Structures and site facilities 35 12 47
Reactor plant equipment 86 0 86
Turbine plant equipment 0 88 88
Electric plant equipment 15 » 15 30
Miscellaneous plant equipment _3 _2 _5
Subtotal (physical plant) : 139 117 256
Spare parts allowance 1 1 2
Contingency allowance 9 _8 17
Subtotal (total physical plant) 149 126 275
Indirect costs (10° $)
Construction facilities, equipment, and services 10 8 18
Engineering and construction management services 24 20 44
Other costs 8 6 14
Interest during construction 66 56 122
Subtotal (indirect costs) 108 90 198
Total costs
Total plant capital cost at start of project
Millions of dollars 258 216 474
Dollars/kW(e) 395
Dollars/103 Btu/hr 20

factor. Single-unit plants show a cost of about 1 mill/kWhr higher than multiple-unit plants for the
same type of reactor. Total unit costs for the 764-MW(e) HTGRs are estimated to be about !
mill/ kWhr lower than those for comparable 600-MW(e) PWRs, and the 382-MW(e) HTGRs have
total production costs about 3 mills/ kWhr higher than comparable 765-MW(e) HTGRs.

Production costs for intermediate-size nuclear plants producing only process steam are
summarized in Tables 5.27 through 5.29. Total prime steam production costs for PWRs are
estimated to range from 82¢ to 89¢/10° Btu for utility ownership and $1.19 to $1.28/10° Btu for
industrial ownership, which compares with 94¢ to $1.03/10° Btu and $1.37 to $1.50/ 10° Btu for the
2000-MW(t) HTGRs and $1.16 to $1.34/10° Btu and $1.71 to $1.96/10° Btu for the 1000-MW(t)
HTGRs. Again the higher costs of process steam from the HTGR reflect the higher capital cost of
the HTGR nuclear steam system. The unit costs for the intermediate-size systems are 20 to 30%
higher than those for the large nuclear systems, mainly because of the unfavorable scaling effects in
capital costs and operation and maintenance costs for the smaller reactors.

The estimated capital cost breakdowns are summarized in Tables 5.30 to 5.32 for nuclear
electric plants and in Tables 5.33 to 5.35 for nuclear process steam plants. It is estimated that a
four-unit electric plant would cost in the neighborhood of $1 billion not including escalation during
construction, which at present rates would add another 30% to the plant capital cost. Estimated
capital costs for the four-unit process steam plants range from $500 million to almost $800 million.

u
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Table 5.21. Capital cost estimate for 1200-MW(e) HTGR steam-electric plants

Steam plant Turbine plant Total

Direct costs (10° §)

Land and land rights 1 0 1
Physical plant
Structures and site facilities 49 6 55
Reactor plant equipment 91 0 91
Turbine plant equipment 0 81 81
Electric plant equipment 13 13 26
Miscellaneous plant equipment 3 _3 _6
Subtotal (physical plant) 156 103 259
Spare parts allowance 1 1 2
Contingency allowance _10 ' _1 1
Subtotal (total physical plant) ' 167 111 278
Indirect costs (10° §)
Construction facilities, equipment, and services 11 7 18
Engineering and construction management services 26 18 44
Other costs 8 6 14
Interest during construction 14 50 124
Subtotal (indirect costs) 119 81 200
Total costs
Total plant capital cost at start of project
Millions of doHlars 287 192 479
Dollars/kW(e) 399
Dollars/103 Btu/hr 27

Table 5.22. Annual operation and maintenance costs for
large nuclear electric plants (10° $)

LWR HTGR

Fixed costs

Staff 1.66 : 1.66

Maintenance ' 1.32 1.34

Supplies and expenses . 0.26 0.35

Insurance and fees 0.59 0.55

Administrative and general ‘ 042 044

Total fixed costs 425 434

_ Variable costs? :

Maintenance : 0.53 0.51

Supplies and expenses 045 - 0.50

Total variable costs 098 1.01
Total annual O&M costs 5.2 54

480% plant capacity factor.
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Table 5.23. Annual operation and maintenance costs for : \ 7
large nuclear process steam plants (10° §)
LWR HTGR

Fixed costs

Staff 1.50 1.50

Maintenance 0.75 0.77

Supplies and expenses 0.16 021

Insurance and fees 0.59 0.55

Administrative and general 0.28 0.30

Total fixed costs 3.28 3.33
Variable costs?

Maintenance 0.25 0.26

Supplies and expenses 0.16 0.21

Total variable costs 0.41 047
Total annual O&M costs 3.7 3.8

“80% plant capacity factor.

Table 5.24. Summary of levelized production costs for multiple-unit [600-MW(e)] PWR steam-electric plants

1-Unit station 2-Unit station 3-Unit station 4-Unit station
10% $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr

Utility ownership

Fixed charges 421 10.0 79.1 9.4 117.5 9.3 157.3 9.3
O&M costs 4.1 1.0 6.5 08 8.9 0.7 11.2 0.7
Fuel costs 13.2 3.1 264 3.1 39.6 3.1 52.8 3.1

Total 594 14.1 112.0 133 166.0 13.1 221.3 13.1

Industrial ownership

Fixed charges 67.3 16.0 126.3 15.0 187.6 14.9 251.3 149
O&M costs 4.1 1.0 6.5 0.8 8.9 0.7 11.2 0.7
Fuel costs 15.9 3.8 31.8 3.8 47.7 3.8 63.6 38

Total 87.3 20.8 164.6 19.6 2442 194 326.1 194

Table 5.25. Summary of levelized production costs for multiple-unit [764-MW(e)] HTGR steam-electric plants

1-Unit station 2-Unit station 3-Unit station 4-Unit station
10° $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr

Utility ownership
Fixed charges 49.5 9.2 919 8.5 136.1 8.5 182.1 8.5
O&M costs 49 0.9 1.5 0.7 10.2 0.6 12.8 0.6
Fuel costs 15.6 29 31.2 2.9 46.8 2.9 62.4 29
Total 70.0 13.0 130.6 121 193.1 120 257.3 120
Industrial ownership
Fixed charges 79.0 14.8 146.7 13.7 217.3 13.5 290.8 13.8
O&M costs 49 0.9 1.5 0.7 10.2 0.6 12.8 0.6
Fuel costs 20.1 3.8 40.2 3.8 60.3 3.8 80.4 3.8 —

Total 104.0 195 194.4 18.2 287.8 17.9 384.0 182 g




79

Table 5.26. Summary of levelized production costs for ‘multiple-unit [382-MW(e)] HTGR steam-electric plants?

1-Unit station 2-Unit station 3-Unit station 4.Unit station
10° $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr 10° $/year mills/kWhr

Utilify ownerslﬁp . :
Fixed charges 324 12.1 58.7 110 85.8 - 109 1129 10.5
O&M costs 36 1.3 53 1.0 71 09 8.9 0.8
Fuel costs 86 3.2 17.2 3.2 25.8 3.2 344 32
Total 446 16.6 81.2 15.2 118.7. 14.8 156.2 14.5
Industrial ownership . '
Fixed charges 51.7 19.3 93.7 17.5 137.0 17.1 180.3 16.8
O&M costs 3.6 1.3 53 1.0 7.1 0.9 8.9 0.8
Fuel costs 11.0 . 4.1 22.0 4.1 33.0 4.1 440 4.1
Total 66.3 24.7 121.0 22,6 177.1 221 266.2 217

9Extrapolated from 770-MW(e) commercial plants.

Table 5.27. Summary of levelized production costs for multiple-unit [1875-MW(e)] PWR process plants

1-Unit station 2-Unit station 3-Unit station 4-Unit station

10° §/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu

Utility ownership
Fixed charges 24.2 54 453 51 673 50 89.8 50
O&M costs 2.8 6 4.2 5 5.0 4 6.1 3
Fuel costs B2 29 264 29 396 2 28 2
Total 40.2 89 75.9 85 1119 83 148.7 82
Industrial ownership ) :
Fixed charges 38.6 86 724 81 1074 80 1434 80
O&M costs 2.8 6 42 5 50 4 6.1 3
Fuel costs 159 36 318 3 417 36 66 36
Total 573 128 108.4 122 160.1 120 213.1 119

)

’

Table 5.28. Summary of levelized production costs for multiple-unit [2000-MW(t)] HTGR process steam plants

1-Unit station 2-Unit stationt 3-Unit station _ 4-Unit station
10% $/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu

Utility ownership , '
Fixed charges 30.2 63 55.3 58 "81.6 57 109.1 57
O&M costs . 33 7 4.8 5 64 4 79 4
Fuel costs 15.6 ' _§§ 31.2 33 46.8 33 624 33
Total 49.1 103 -91.3 96 134.8 94 1794 9
Industrial ownership - - : : :
Fixed charges 48.2 101 884 92 130.3 91 1743 91
O&M costs 33 7 4.8 -5 64 4 79 4
Fuel costs 20.1 _4 40.2 60.3 _42 80.4 42

Total 71.6 150 1334 139 197.0 137 262.6 137
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Table 5.29. Summary of levelized production costs for multiple-unit [1000-MW(t)] HTGR process steam plants

1-Unit station 2-Unit station 3-Unit station 4-Unit station

10° $/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu 10° $/year ¢/10° Btu

Utility ownership
Fixed charges 20.6 86 36.2 76 53.2 74 71.2 74
O&M costs 2.8 12 3.7 8 4.8 7 6.1 6
Fuel costs 8.6 36 17.2 i 258 36 344 36
Total 32.0 134 571 120 83.8 117 111.7 116
Industrial ownership
Fixed charges 329 138 579 121 85.0 119 113.7 119
O&M costs 2.8 12 - 37 8 438 7 6.1 6
Fuel costs 11.0 46 22.0 46 330 46 440 _ﬁ
Total 46.7 196 83.6 175 112.8 172 163.8 171
Table 5.30. Capital cost estimates for 600-MW(e) PWR steam-electric plants
1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Direct costs (106 $)
Land and land rights 1 1 1 1
Physical plant
Structures and site facilities 27 50 72 94
Reactor plant equipment 57 113 170 226
Turbine plant equipment 51 100 150 200
Electric plant equipment 19 36 52 68
Miscellaneous plant equipment _8 17 10 12
Subtotal (physical plant) 158 306 454 600
Spare parts allowance 1 2 3 4
Contingency allowance _10 20 29 39
Subtotal (total physical plant) 169 328 486 643
Indirect costs (106 $)
Construction facilities, equipment, and services 13 - 20 27 35
Engineering and construction management services 31 50 70 90
Other costs 10 7 16 22 28
Interest during construction _2 154 239 335
Subtotal (indirect costs) 133 240 358 488
Total costs
Total plant capital cost at start of project
Miltions of dollars 303 569 845 1132
Dollars/kW 505 474 469 472
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Table 5.31. Capital cost estimates for 764-MW(e) HTGR steam-electric plants

1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Direct costs (106 $)
Land and land rights i 1 1 1
Physical plant
Structures and site facilities 38 67 96 126
Reactor plant equipment 69 133 197 261
Turbine plant equipment : 56 111 166 220
Electric plant equipment 20 38 54 70
Miscellaneous plant equipment ) 6 8 _14 _18
Subtotal (physical plant) 189 357 527 695
Spare parts allowance 1 2 4 5
Contingency allowance 13 __21 _31 45
Subtotal (total physical plant) 203 383 565 745
Indirect costs (10° $)
Construction facilities, equipment, and services 14 23 31 40
Engineering and construction management services 34 51 80 104
Other costs 11 18 25 32
Interest during construction _S_’}_ 1:7_9_ 277 _3_8_8_
Subtotal (indirect costs) 152 277 4 13 564
Total costs
Total plant capital cost at start of project
Millions of dollars 356 661 979 1310
Dollars/kW ‘ . 465 432 427 429
Table §,32. Capital cost estimates for 382-MW(e) HTGR steam-electric plants
1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Direct costs (10° §)
Land and land rights . 1 1 1 1
Physical plant
Structures and site facilities 22 38 - 55 73
Reactor plant equipment . 46 88 ‘130 172
Turbine plant equipment 32 64 95 116
Electric plant equipment 13 24 - 36 47
Miscellaneous plant equipment 4 8 10 14
Subtotal (physical plant) : 117 222 - 326 422
Spare parts allowance 1 2 2 3
Contingency allowance . 8 15 _21_ 28
Subtotal (total physical plant) : 126 239 349 453
Indirect costs (10° §)
Construction facilities, equipment, and services 11 16 21 26
Engineering and construction management services 25 39 53 67
Other costs 8 12 17 21
Interest during construction . 62 115 176 244
Subtotal (indirect costs) 106 182 267 358
Total costs
Total plant capital cost at start of project
Millions of dollars 233 422 617 812
Dollars/kW 610 552 538 531
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Table 5§.33. Capital cost estimates for 1875-MW(t) PWR process steam plants

1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Direct costs (106 $)
Land and land rights 1 1 1 1
Physical plant
Structures and site facilities 22 41 59 77
Reactor plant equipment 57 113 170 226
Turbine plant equipment 0 0 0 0
Electric plant equipment 9 18 26 34
Miscellaneous plant equipment 2 4 S 6
Subtotal (physical plant) 90 176 260 343
Spare parts allowance 1 1 2 2
Contingency allowance 6 1t 17 ﬁ
Subtotal (total physical plant) 97 188 279 367
Indirect costs (10° §) .
Construction facilities, equipment, and services 7 11 15 20
Engineering and construction management services 18 29 40 51
Other costs - 6 9 13 16
Interest during construction 45 88 136 191
Subtotal (indirect costs) 76 137 204 278
Total costs
Total plant capital cost at start of project .
Millions of dollars 174 326 484 646
Dollars/10® Btu/hr 27 25 25 25
Table 5.34. Capital cost estimates for 2000-MW(t) HTGR process steam plants
1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Direct costs (10° $)
Land and land rights 1 1 1 1
Physical plant
Structures and site facilities 34 60 85 111
Reactor plant equipment 69 133 197 261
Turbine plant equipment 0 0 0 0
Electric plant equipment 10 19 27 35
Miscellaneous plant equipment _3 _4 _1 _9
Subtotal (physical plant) 116 216 316 416
Spare parts allowance 1 1 2 3
Contingency allowance 8 14 20 _27
Subtotal (total physical plant) 125 231 338 446
Indirect costs (10° $)
Construction facilities, equipment, and services 8 14 19 24
Engineering and construction management services 20 34 48 62
Qther costs 7 11 15 19
Interest during construction 56 107 166 233
Subtotal (indirect costs) 91 166 248 338
Total costs
Total plant capital cost at start of project
Millions of dollars 217 398 587 785
Dollars/10% Btu/hr 32 29 29 29
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Table 5.35. Capital cost estimates for 1000-MW(t) HTGR process steam plants

1-Unit 2-Unit 3-Unit 4-Unit
station station station station

Direct costs (10° $)

Land and land rights 1 1 1 1
Physical plant .
Structures and site facilities 20 34 49 64
Reactor plant equipment o 46 - . 88 130 172
Turbine plant equipment 0 0 0 0
Electric plant equipment 6 12 18 23
Miscellaneous plant equipment 2 _4 _3 _1
Subtotal (physical plant) 74 138 202 266
Spare parts allowance 1 1 1 2
Contingency allowance 3 9 _13 _18
Subtotal (total physical plant) 80 148 216 286
Indirect costs (10° §)
Construction facilities, equipment, and services 7 10 13 16
Engineering and construction management services 16 24 33 42
Other costs : 5 7 11 13
Interest during construction . 4 _Q _1_1_ 109 _lit_
Subtotal (indirect costs) 67 112 166 225
Total costs
Total plant capital cost at start of project
Millions of dollars 148 261 383 512
Dollars/10% Btu/hr 43 38 37 38

The process steam plant costs do not include costs for reboilers and other equipment required for
steam distribution. Capital costs for PWR steam-electric plants were estimated with the updated
version of the CONCEPT code.”’ Capital costs for HTGR steam-electric plants are based on those
reported in WASH-1230 for a 770-MW(e) plant.** Capital costs for the nuclear process steam plants
were developed by appropriate modification of the electric plant estimates. Since a 1000-MW(t)
HTGR is not commercially available, costs were extrapolated from the 2000-MW(t) HTGR
estimates.

Tables 5.36 to 5.41 show the estimated annual operation and maintenance expenses, not
including fuel, for both nuclear electric plants and process steam plants. The costs for electric plants
were estimated using the methods outlined by Myers,”® and the process steam plant costs were

estimated by modification of the electric plant estimates.

Prime steam for process applications from LWRs and HTGRs

Producing prime stéam for process applications or extracting steam for process applications
from an LWR is a matter of providing a reboiler and adjusting the turbine-generator size (or
eliminating it for total steam to process heat). Prime steara is approximately 1000 to 1050 psi and
288°C (550°F). Process steam can be generated at 850 psi and 274°C (525°F).

The HTGR is a more complex system. Figure 5.20 illustrates the current HTGR concept and
the limits of steam extraction conditions which can be achieved [approximately 500 psi and 399°C
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Table 5.36. Annual operation and maintenance costs for 660-MW(e)
PWR steam-electric plants (105 $)

1-Unit 2-Unit 3-Unit 4-Unit

station station station station

Fixed costs ) :

Staff 139 1.85 231 2.77-

Fixed maintenance 0.95 1.69 2.30 3.06

Supplies and expenses 0.17 0.27 0.35 0.44

Insurance and fees 0.44 0.73 1.02 131

Administrative and general 0.25 } 0.38 0.51 0.63

Total fixed costs 3.20 492 6.59 9.21
Varigble costs®

Variable maintenance 047 0.88 127 1.65

Supplies and expenses 0.41 0.74 1.06 1.37

Total variable costs 0.88 1.62 233 302
Total annual O&M costs 4.1 6.5 89 112

480% plant capacity factor.

Table 5.37. . Annual operation and maintenance costs for 1875-MW(t) PWR
process steam plants (10° $)

1-Unit 2-Unit 3-Unit 4-Unit

station station station station

Fixed costs

Staff 1.25 1.66 2.08 249

Fixed maintenance 0.49 0.85 1.20- 1.51

Supplies and expenses 0.11 0.16 0.21 0.26

Insurance and fees 0.44 0.73 049 0.61

Administrative and general 0.18 0.27 0.35 043

Total fixed costs 2.47 3.67 4.33 5.30
Variable costs®

Variable maintenance 0.16 0.28 040 0.51

Supplies and expenses 0.13 0.20 0.27 0.34

Total variable costs 0.29 048 0.67 0.85
Total annual O&M costs 28 4.2 5.0 6.2

230% plant capacity factor.

Table 5.38. Annual operation and maintenance costs for 764-MW(e)
HTGR steam-electric plants (10° $)

1-Unit 2-Unit 3-Unit 4-Unit

station station station station

Fixed costs

Staff 1.66 222 2.17 332

Fixed maintenance 1.10 1.96 2.76 353

Supplies and expenses 0.28 0.31 042 051

Insurance and fees 0.45 0.76 1.06 137

Administrative and general 0.30 0.45 0.60 0.74

Total fixed costs 3.79 5.70 7.61 9.47
Variable costs?

Variable maintenance 053 097 1.40 1.82

Supplies and expenses 0.53 0.80 1.14 147

Total variable costs . 1.06 1.77 . 2.54 3.29
Total annual Q&M costs 4.8 175 10.2 12.8

230% plant capacity factor.
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Table 5.39. Annual operation and maintenance costs for 2000-MW(t)
HTGR process steam plants (105 $)

1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Fixed costs
- Staff 1.50 1.99 249 299
Fixed maintenance 0.58 1.01 141 1.79
Supplies and expenses 0.17 0.19 0.25 0.31
Insurance and fees 045 0.76 1.06 1.37
Administrative and general 0.22 0.32 0.42 0.51
Total fixed costs 2.92 427 5.63 697
Variable costs® .
Variable maintenance 0.19 0.34 047 0.60
Supplies and expenses 0.20 0.23 0.31 0.39
Total variable costs 0.39 0.57 0.78 0.99
Total annual O&M costs 33 48 64 8.0
“80% plant capacity factor.

Table §.40. Annual operation and maintenance costs for 382-MW(e)

HYGR steam-electric plants (10° §)
1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Fixed costs
Staff 1.39 1.85 2.31 2.77
Fixed maintenance B . 0.70 1.24 1.75 223
Supplies and expenses 0.21 0.23 0.30 0.38
Insurance and fees ' © 036 0.57 0.79 1.00
Administrative and general 0.23 0.33 0.44 0.54
Total fixed costs 2.89 4.22 5.59 6.92
Variable costs”
Variable maintenance - 032 0.58 - 0.84 1.08
Supplies and expenses 0.35 049 - 0.69 0.89
Total variable costs - 0.67 1.07 1.53 197
Total annual O&M costs S 36 53 7.1 89
980% plant capacity fictor.

Table 5.41. Annual operation and maintenance costs for 1000-MW(1)
HTGR process steam plants (10 $) -

1-Unit 2-Unit 3-Unit 4-Unit
station station station station
Fixed costs . :
Staff 1.25 - 1.66 2.08 249
Fixed maintenance k 0.63 0.66 092 134
Supplies and expenses 0.13 “0.14 0.18 - 023
Insurance and fees 036 - - 057 - 079 1.00
Administrative and general 0.20 0.25 032 0.41
Total fixed costs 257 3.28 429 547
Variable.costs®.
Variable maintenance - 0.13 0.22 1031 039
Supplies and expenses . =014 017 0.22 0.27
Total variable costs 2027 039 053 0.66
Total annual O&M costs 28 3.7 48 6.1

930% plant capacity factor.
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(750°F)). The difficulty arises because the helium circulators are an integral part of the turbine cycle;
that is, the total prime steam flow passes from the high-pressure turbine through the circulator
drives to the internal reheater. No extraction can be taken prior to the outlet of the reheater without
rédesign of the nuclear steam system. )

The nuclear system must be modified to provide 650 psi and 399°C (750°F) steam. The helium
circulator turbine would be redesigned to utilize prime steam directly, and a resuperheater might be
included in the cycle following the helium circulator. High-pressure, high-temperature steam [~2000
psi and 510°C (950°F)] would be available for powér generation on site or for transfer through a
reboiler to a‘secondary system for transport off site.*

A preliminary evaluation has been made for the reboiler for isolation of the nuclear steam. For
the LWR, heat is transferred from saturated steam at 1050 psi and 288°C (550°F) to saturated
steam at 850 psi and 274°C (525°F). The log mean temperature difference is approximately 14°C
(25°F), and the heat transfer coefficient is assumed to be 1000 Btu hr™' ft™ (°F)™" because of the
favorable conditions of transferring heat at saturated steam conditions on both sides of the tubes.
For 10° Ib/hr steam, '

Quantity of heat
U At

A (surface area required) =

_980X 10° Btu/hr
1000 (25)

= 39,200 ft?/10° Ib/hr .

The direct cost of high-pressure feedwater heaters is typically $15 to $20/ft’ of surface. It is
assumed the reboiler would be of similar design. Assuming a total cost of $40/ft* for the reboiler
yields approximately $1,600,000 total cost for the reboiler or $1,60 per pound per hour of steam.
The approximate unit cost for the reboiler, assuming industrial financing, would be

; $1,600,000 (0.222/year)
1,000,000 Ib/hr (8760 hr/year) (980 Btu/Ib)

Unit cost = X 10° = 4¢/10° Btu .

.

The HTGR reboiler would have a much higher temperature driving force but lower heat
transfer performance in the superheat regions. It is estimated to cost somewhat less than the LWR
reboiler. The cost would depend on a:detailed analysis of the specific prime steam conditions
achieved with the modified system.

*Recently the General Atomic Company proposed a “boosted reheat” cycle for HTGR process steam applicatiohs. The -
modified cycle is accomplished by adding a pressure control valve on the outlet line of the reheater. Other system components
are identical to the HTGR cycle equipment. This cycle provides power from the high-pressure turbine and steam from the
reheater at 726 psia and 913°F rather than 571 psig and 1002°F as indicated in Fig. 2.20 from the conventional HTGR cycle.
If a reboiler is used, steam to process would probably be about 650 to 675 psia and 750°F.
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High-temperature process heat from the HTGR

Modification of the HTGR to provide high-temperature process heat [in the order of 649°C
(1200°F) or greater] would open up substantial additional opportunities for providing industrial
energy. In a large modern refinery, approximately half of the energy requirement is in the form of
process heat (other than steam) to heat fluids to process operating temperatures in the range of 260
to 538°C (500 to 1000°F). ’

There is not sufficient information at this time to develop a cost estimate for a process heat
HTGR. Indeed, substantial analysis and development work would be required to firm up a
conceptual design for a process heat HTGR.

The present average core outlet temperature is approximately 760° C (1400°F), and it is believed
that a 899°C (1650°F) average core outlet temperature can be achieved with current fuel technology.
This will require some analysis and proof testing, but it appears to be reasonably close at hand. Very
preliminary estimates indicate that this may result in a fuel cycle cost increase of about 10%.
 Preliminary studies of providing process heat to a refinery illustrate helium as the secondary
heat transfer fluid passing directly from the heat exchanger within the prestressed concrete reactor
vessel (PCRYV) directly to the refinery. However, it is judged that this is not feasible for two major
reasons: (1) isolation from possible radioactive or industrial contamination will very likely be
required, and (2) helium is a poor economic choice as a fluid medium for transferring
high-temperature heat over long distances.

In the range of 871°C (1600°F), radioactive tritium can pass through the walls of the heat
exchanger tubes and into the secondary fluid. The level of tritium concentration in the. primary
helium is maintained quite low, but the question of tritium must be evaluated and the additional
attenuation of a secondary heat exchanger outside the PCRV must be considered. Conversely, the
possibility of introducing industrial contaminants (petroleum, etc.) into the reactor vessel must also
be considered and may in itself require a secondary heat éxchanger.

The allowable level of radioactive contamination in the fluid leaving the reactor site is too small
to be measured by on-line instrumentation or monitors. A secondary heat exchanger allows samples
to be monitored from the intermediate helium loop at frequent intervals with the added safety of an
additional physical barrier.

5.3 SPECIAL-PURPOSE PWR FOR INDUSTRY
5.3.1 Background and Status of the CNSG Reactor

The development of the Consolidated Nuclear Steam Generator (CNSG) for nuclear ship
propulsion has been under way™ at the Babcock and Wilcox Company since 1959. Some of the
unique features of the plant design, including the once-through steam generator housed within the
reactor vessel,.have already been demonstrated®” in the Federal German Republic nuclear ship “Otto
Hahn,” which has operated successfully since 1969. The U.S. Maritime Administration has continued
to sponsor work in the areas of design, testing, and evaluation of the CNSG concept, and current

34. R. W. Dickinson, S. H. Esleeck, and J. E. Lemon, “Nuclear Maritime—An Economic Revival,” paper presented at
Spring Meeting of the Society of Naval Architects and Marine Engineers, Williamsburg, Va., May 24-27, 1972.

35. M. Kolb and W. Schumacker, “Performance of the First Core of the Otto Hahn,” Gesellschaft Fiir
Kernenergieverwertung, Germany, presented at the Symposium on Nuclear Ships, Rio de Janeiro, Brazil, May 31, 1972.

o
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efforts™are directed toward a 313-MW(t) application for propelling a 600,000-ton tanker. Start of
construction is hoped for within 1 or 2 years. '

The CNSG design is essentially based on current technology, and relatively little development
would be required for process heat applications in the 300-MW(t) power range. If a construction
contract were awarded in 1975, plant startup could take place in 1981.

A larger land-based CNSG plant for generating 400 MW(e) of electrical power has been under
study at Babcock and Wilcox for some time. The potential advantages of this type of plant in
electric utility service include the ability to ,pfovide for utility power demand growth in smaller
increments, thus reducing the temporary excess of installed capacity over demand, and shorter
construction times than required for large nuclear central stations. Assuming that a detailed plant
design could be developed in about 2 years and allowing about 8 years between project start and
completion, plant startup might take place in 1985. ’

A detailed design has not been developed for this unit, and the plant costs are less well known
than for the 313-MW(t) plant. The power costs presented for 600- and 900-M W(t) units are even more
tentative, since they are based on interpolations of the major cost components of the 313- and the
1235-MW(t) plants.

5.3;2 Reactor Plant

The CNSG is an integral water reactor with the core and steam generator inside the reactor
vessel (Fig. 5.21) and an electrically heated pressurizer connected to the vessel externally.”’” Four
horizontally mounted reactor coolant pumps are located alternately with the steam nozzles at the
reactor vessel nozzle belt. Feedwater nozzles are located in a nozzle belt below the steam generator.
The reactor core consists of Zircaloy tubes containing slightly enriched uranium dioxide pellets
enclosed by welded end plugs. The tubes are supported in assemblies by a spring-clip grid structure.
The mechanical control rods are clusters of absorber rods that move in guide tubes within the fuel
assembly. ' . E

The steam generator is a helically coiled, once-through unit located in the annulus above the top
level of the core. The operation of the steam generéltbr utilizes four sets of feedwater inlet and steam
outlet nozzles. The steam generator incorporates counterflow heat transfer with tube-side boiling to
produce steam at a constant pressure. The reactor coolant system operates at a constant average
temperature over the normal load range. Major reactor parameters are shown in Table 5.42.

The reactor containment shell (Fig. 5.22) is a free-standing steel cylinder with elliptical heads.
The containment vessel is supported at the bottom and has an operating floor approximately
halfway up the containment. The center section of the upper head is removable for servicing and
installation of major components and for refueling; it is fitted with a double seal. The personnel
hatch, which is also a double-barrier design, is located near the operating floor, providing
access for routine maintenance and inspection. The vapor-suppression pool is formed by a second
cylindrical shell below the operating floor; the annular wet well is divided into eight separate
compartments with one vent discharging into each compartment.

A reactor building (Fig. 5.23) completely encloses the reactor and its pressure-suppression
primary containment. This structure provides secondary containment when the primary containment

36. “Shipbuilders Eye Nuclear Power Again,” Chem. Eng. News, July 29, 1974,
37. Preliminary Safety Analysis Report, Competitive Nuclear Merchant Ship Program, MA-940-01, prepared for the
U.S. Maritime Administration by Babcock and Wilcox (February 1973).
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Table 5.42. 313-MW(t) reactor parameters

System pressure, psia 1875

Core inlet temperature, °C (°F) 302 (574.5)
Core outlet temperature, °C (°F) 319 (604)
Maximum thermal output, kW/ft 16.08
Operating pressure, psia 1875

Boiler feedwater temperature, °C C°F) 204 (400)
Total steam generator flow, Ib/hr 1.254 x 108
Steam side design temperature, °C (°F) 343 (650)
Steam side operating temperature, °C (°F) 287 (548)
Steam side operating pressure, psia 700

is in service and forms the primary containment during fueling or repair of the reactor system. The
reactor building houses the refueling and reactor servicing equipment, new and spent-fuel storage
facilities, and other reactor auxiliary or service equipment (demineralizers, standby liquid control
system, control rod hydraulic system, and electrical equipment). From a safeguards consideration,
the primary purpose of the secondary containment is to minimize ground level release of airborne
radioactive materials and to provide for controlled and filtered release of the building atmosphere
under accident conditions.

5.3.3 Power-Conversion Plant

Three approaches for providing process energy from the reactor plant were evaluated: (1)
electrical power only, (2) steam only, and (3) electrical power and steam. The CNSG power, steam,
and feedwater conditions remained unchanged throughout. Under condition 1, steam at 700 psia and
287°C (548°F) (50° superheat) drives a 91,300-kW, 3600-rpm tandem-compound condensing
turbine that exhausts steam at 2 in. Hg to a once-through water-cooled condenser. For conditions 2
and 3, it was assumed that the process steam would be generated in a reboiler in order to prevent the
transfer of contaminants between the nuclear steam supply and the industrial processes. The process
steam was assumed to exit from the reboiler at saturated conditions; the process steam flow rate is
shown in Fig. 5.24 as a function of process steam temperature. The temperature of the returning
process water was generally taken as 2°F below that of the reboiler. However, for process steam
above 205°C (402°F), the returning water temperature was held constant at 400°F, corresponding to.
the CNSG design feedwater temperature of 204°C (400°F). No makeup losses were assumed for the
process steam system. The process heat delivered by the reboiler is shown in Fig. 5.25 as a function
of process steam temperature. ’

Under condition 2, CNSG steam at 700 psia and 287°C (548°F) flows through the tube side of
the reboiler to generate 1.24 X 10° 1b/hr of 566 psia saturated steam on the shell side. To meet
condition 3, electrical power is generated in a back-pressure turbine exhausting to a reboiler, which
in turn generates process steam, Turbine back pressures ranged from 67 to 515 psia, corresponding
to saturated process steam flows ranging from 934,000 Ib/hr at 49 psia to 1,218,000 Ib/hr at 423 psia
respectively. Output from the turbine generator of course diminished with increasing back pressure,
ranging from 5500 kW at 515 psia turbine exhaust pressure to 51,300 kW at 67 psia. The net
generator output is shown in Fig. 5.26 as a function of process temperature.
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5.3.4 Description of 1235-MW(t) System

Detailed plant designs for larger land-based CNSG stations have not been developed at this
time. Studies by Babcock and Wilcox suggest that CNSG technology is directly applicable to power
levels up to 500 MW(e), with power output limited by the size of the reactor vessel that can be
fabricated in current manufacturing facilities. Plant operating conditions were assumed to
approximate those of the 313-MW(t) CNSG described in a previous section. The reactor
vessel diameter is about 17 ft 8 in., and vessel height is increased to about 38 ft; thermal output
totals 1235 MW. The functional arrangement of the reactor containment, fuel-handling system,
and reactor building remains as described for the 313-MW(t) plant.

Two alternative power-conversion systems were evaluated. The first, intended for the genera-
tion of electrical power only, consists of a 400-MW(e), 3600-rpm tandem-compound steam
turbine-generator unit, supplied with steam at 700 psia and 287°C (548°F), exhausting at 2 in. Hg
to a once-through water-cooled condenser. For the alternative system, intended for the production
of process steam only, CNSG steam at 700 psia and 287°C (548°F) flows through the tube side
of a reboiler to generate about 5 million lb/hr of 566 psia saturated steam on the shell side.

5.3.5 Economic Analysis

Capital and operating costs have been estimated for CNSG-type stations of 313 and 1235 MW
of thermal capacity. The larger reactor has not been developed in as much detail as the 313-MW(t)
shipboard-based design, and the cost estimates for the 1235-MW(t) station are therefore more
tentative. However, the values derived are believed adequate for the purpose of evaluating the
economic potential of the concept for industrial process energy applications.

Plant capital costs

Costs for the major components of the two CNSG nuclear steam supply systems summarized in
Table 5.43 are approximately $63 million for the 313-MW(t) unit and $117 million for the
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Table 5.43. Reactor system capital cost (103 $)

313 MW(t) 1235 MW(t)
Structures and improvements -
Yard work 800 800
Reactor building - 2,800 5,130
Diesel-generator building 150 300
Administration building 200 ) 200
Control room 500 500
Service building ‘ 200 200
Reactor containment - 2,340 3,070
6,990 10,200
Reactor plant equipment
Nuclear steam supply, including radiation waste systems 33,900 49,000
Fuel-handling system - 800 2,250
Radiation monitoring system 250 250
34,950 51,500
Electrical plant equipment 1,300 4,000
Total reactor direct cost ) 43,240 65,700
Contingency 500 : 6,000
43,740 71,700
Construction facilities, equipment, services (6%) 2,624 4,302
Engineering and construction management services 4,374 10,755
Other costs (5%) 2,187 3,585
52925 90,342
Interest during construction (4 years at 10%) 9,791 -
Interest during construction (6 years at 10%) 26,470
Total cost in 1974 ' ' 62,716 116,812

1235-MW(t) system. These costs, which are given in 1974 dollars, include the interest during
construction but exclude cost escalation for startup beyond 1974. The costs for the nuclear steam
supply systems remained fixed in the economic evaluation of the two alternative power-conversion
options examined. The capital costs given m Table 5 44 are for power—conversmn systems intended
for the production of electrical power only

The cost of a reboiler and other components that might be required to utilize the process steam
and to return the process water to the nuclear steam supply system depends on the particular
requirements of the energy user and is not included in the cost tabulations. The reboiler costs might
increase the price of process steam from the 313-MW(t) unit by about 4¢/10° Btu at an annual fixed
charge rate of 13.9% and by 7c/ 10° Btu for a 22.2% charge rate. The correspondmg values for the
1235-MW(t) CNSG are 4¢ and 6¢/ 10° Btu respectively.

Operatmg and maintenance costs

The annual operating and maintenance costs shown for the nuclear steam supply system in
Tables 5.45 and 5.46 apply to both of the operating modes examined. The power-conversion system
costs apply to the case of electrical power generation only. Operating and maintenance costs were
not charged to the power-conversion system for the process-steam-only option.
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Table 5.44. Power-conversion system capital costs (10° §)

313 MW(t) 1235 MW(1)
Structures and improvements
Yard work 400 400
Turbine room and heater bay 450 1,700
Intake and discharge structures 360 360
Administration building 100 100
Service building 100 100
1,410 2,660
Turbine plant equipment ‘
Turbine generator 6,600 18,000
Turbine-generator foundation 150 400
Condensate, feedwater, other equipment 4,500 15,000
Instruments and controls - 1,100 1,100
12,350 34,500
Electrical plant equipment 2,000 6,000
Miscellaneous power-conversion equipment 900 3,000
Total power conversion system direct cost 16,660 46,160
Contingency (6%) . 1,000 2,770
17,660 48,930
Construction facilities, equipment, services (6%) 1,060 2,936
Engineering, construction, management services (15%) 2,649 - 1,339
Other costs (5%) 883 2,446
22,252 61,651
Interest during construction (4 years at 10%) 4,117
Interest during construction (6 years at 10%) 1_8_,9&
Total cost in 1974 26,369 79,715
Table 5.45. Annual operating and maintenance éosfs a0’ s)
for 313-MW(t) plant
Turbine-
generator t;lucltlaar sl;(;atm Total
plant - supply p
Operating staff 150 665 815
Fixed and variable maintenance 132 437 569
Supplies and expenses 30 74 104
Nuclear insurance 284 284
Operating fees 25 25
Administration and general 50 200 250
In-service inspection 36 36
Total 362 1721 2083
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Table 5.46. Annual operating and maintenance costs (10> $)
for 1235-MW(t) plant

Turbine- Nuclear steam
generator Total

plant supply plant
Operating staff 180 - 855 1035
Fixed and variable maintenance 367 Yy 1084
Supplies and expenses 83 122 205
Nuclear insurance : ) 350 350
-Operating fees = - . 80 80
Administration and genera 60 240 300
In-service ingpection e 36 36
Total 690 2900 3090

Process heat and power costs

Energy costs (in 1974 dollars) for 1981 startup of the process-steam-only plants are summarized
in Tables 5.47 and 5.48. These costs are based on two alternative fixed charge rates, 13.9 and
22.2%/year, which are representative of utility and private industry financing re-
spectively. Costs were levelized over a 30- and 20-year plant life respectively. A plant factor of 0.8,
commonly assumed for large nuclear central stations, was used for the 1235-MW(t) CNSG plant. A

Table 5.47. Summary of levelized production cost® for 313-MW(t) CNSG
nuclear process steam plant

. 13.9% Fixed charge rate 22.2% Fixed charge rate

108 $/year ¢/10° Btu 10® $/year ¢/10° Btu
Fixed charges ' 89 111 14.1 178
Operating and maintenance costs 1.7 22 1.7 22
Fuel costs 3.2 40 4.0 50
Total 13.8 173 19.8 g 250

4Costs in 1974 dollars; startup in 1981; 85% plant factor.

Table 5.48. Summary of levelized production costs® for 1235-MW(t) CNSG
nuclear process steam plant

13.9% Fixed charge rate 22.2% Fixed charge rate
1
10® $/year #/10° Btu 10° $/year ¢/10° Btu
Fixed charges ‘ 16.8 57 268 91
Operating and maintenance costs 24 8 ) 24 8
Fuel costs 8.7 30 10.7 35
Total 279 95 39.9 134

“Costs in 1974 dollars; startup in 1981; 80% plant factor.
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plant factor of 0.85 was employed for the 313-MW(t) CNSG, since the smaller plant can be refucled
more quickly. The basis for the fuel cycle costs is given in Appendix A. Process heat costs ranged
from $1.73 to $2.50/10° Btu for the 313-MW(t) station and from 95¢ to $l.34/ 10° Btu for the
1235-MW(t) plant. : :

Tables 5.49 and 5.50 summarize the energy costs in 1974 dollars for the case of electrical power
generation only, again considering fixed charge rates of 13.9 and 22.2%/ year. Electrical costs ranged
from 26.0 to 38.0 mills/ kWhr for the smaller station and from 13.9 to 20.5 mills/kWhr for the larger
plant. .
Figure 5.27 shows the effect of changes in uranium ore prices on process steam costs for plant
startup during the time period from 1981 to 1991. Over this 10-year span, the process energy costs
for the 313-MW(t) unit increased by as much as 6%; the corresponding increase for the 1235-MW(t)
plant is up to 9%. Costs are presented in 1974 dollars, and escalation is, of course, not accounted for
in these comparisons. k

For the two power levels investigated, the results show that the CNSG unit energy costs
decrease considerably with increasing power level. Therefore, it became of interest to predict the
power costs at intermediate power outputs in the range from 313 to 1235 MW(t). These results,
shown in Fig. 5.28, were obtained by assuming that the plant capital costs could be represented by
an equation of the form: 4 '

Capital cost = A + (thermal power output)”,

where A and n are constants. Experience has shown that this type of equation can express the effect
of unit size on costs reasonably well. Fuel cycle costs were derived from graphical interpolation.

Table 5.49. Summary of levelized production costs® for 313-MW(t) CNSG

nuclear electric plant
13.9% Fixed charge rate 22.2% Fixed charge rate
10° $/year mills/kWhr 10° $/year mills/kWhr
Fixed charges 124 18.2 19.8 29.0
Operating and maintenance costs 2.1 3.1 2.1 31
-Fuel costs 32 4.7 40 59
Total 17.7 26.0 259 38.0

9Costs in 1974 dollars; startup in 1981; 85% plant factor.

Table 5.50. Summary of levelized production costs for 1235-MW(t) CNSG

nuclear electric plant
13.9% Fixed charge rate 22.2% Fixed charge rate
10° $/year mills/KWhr 10° $/year mills/kWhr
Fixed charges 27.3 9.7 436 15.6
Operating and maintenance costs 3.1 1.1 31 141
Fuel costs 8.7 3.1 10.7 38
Total 39.1 139 574 20.5

9Costs in 1974 dollars; startup in 1981; 80% plant factor.
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Although the costs shown are quite tentative, they are believed to be useful in illustrating the effect

of reactor size on process energy costs for small- and intermediate-size special-purpose reactors.

5.3.6 Platform-Mounted CNSG Reactor

The possibility of mounting large power reactors on floating platforms has been studied®* ™ for
some time, and the commercial introduction of barge-mounted central-station type PWRs has been
scheduled for 1985 by Offshore Power Systems of Jacksonville, Fla. One of the major incentives for

- the development of floating nuclear power stations has been the scarcity of suitable reactor sites near

the areas of large electrical power demand. Siting advantages probably will not be a major
consideration in the development of platform-mounted nuclear energy sources for industrial use;
however, the advantages resulting from shipyard construction, including a shortened construction
period, accelerated licensing procedures, and more economical construction, may be important.

The lower plant costs projected for shipyard construction are predicated on a market demand
sufficient to result in the fabrication of a sizable number of duplicate units at one building yard. For
example, a construction rate of four 3400-MW(t) PWRs per year is anticipated on a so called “mass
production” basis at the Offshore Power Systems facility being readied at Jacksonville, Fla. A lower
production rate of perhaps one or two units per year may be economical for small industrial energy
reactors because they can be constructed in existing shipyards.

The potential impact of small ﬂoatmg industrial energy reactors on meeting the nation’s energy
requirements is limited by the extent of the geographical region accessible to that type
of plant. Thus, a brief survey was made to identify some of the waterways that might allow passage
to a barge-mounted CNSG-type reactor plant. Figure 5.29 depicts the major inland waterways*' of
the central and eastern United States; this extensive network of navigable channels includes nearly
7600 miles of waterways either completed or under construction with a minimum water depth of 9 ft.
During part of each year, many of these waterways are maintained at a minimum depth of 12 ft,
allowing passage of craft with as much as 11 ft of draft while allowing a 1-ft clearance beneath the
hull.*"™* Thus, a draft of up to about 11 ft appears acceptable for a barge-mounted industrial energy
source. The beam and length of the unit are limited by the size of locks that must be passed through.
These dimensions are 110 by 600 ft for the locks of the more extensively used waterways,*””*
limiting the barge beam to about 105 ft; the hull length permitted by the locks is considerably in
excess of the length required for a small platform-mounted reactor plant. The vertical clearance
under bridges places a further restriction on the dimensions of a floating power plant. A minimum

38. P. J. Daniel et al., A Floating Earthquake-Resistant Nuclear Power Stanon, Report No. 182-1-1, prepared for the
Oak Ridge National Laboratory (1968).

39. O. H. Klepper and T. D. Anderson, “Siting Considerations for Future Offshore Nuclear Power Stations,” Nucl.
Technol. 22, 16069 (May 1974).

40. J. A. Ashworth, “Atlantic Generating Station,” Nucl. Technol. 22, 170-83 (May 1974).

41. “River Traffic and Industrial Growth,” Tennessee Valley Authority Information Office, September 1970 Revision.

42, U.S. Army Engineer Division, Ohio River Corps of Engineers, Cincinnati, Ohio, Division Bulletin No. I.

43. Personal communication from L. R. Hixon, Navigation-Engineering Branch, Tennessee Valley Authority, Knoxville,
Tenn., Jan. 29, 1974,

44. Letter from H. Boatman, Chief Operations Division, Department of the Army, Nashville District, Corps of
Engineers, to O. H. Klepper, ORNL, Feb. 5, 1974,

45. Water Resources Development, Alabama, Department of the Army, U.S. Army Engineer Division, South Atlantic,
Jan. [, 1973,
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bridge height of about 57 ft is maintained over extensive regions of the waterways, *"*>*** allowing

a total height of about 68 ft from the underside of the barge to the top of the superstructures. These
dimensional restrictions can be met by the platform-mounted CNSG reactor concept developed by
G. G. Sharp, Inc., under contract to the Oak Ridge National Laboratory,* and on this basis it
appears that many of the waterways shown in Fig. 5.29 would be accessible. For example, on the
Mississippi River, passage is feasible as far north as mile 848, within 10 miles of Minneapolis, Minn.
The lllinois River would be accessible to mile 231, within about 70 miles of Chicago, Ill. The Ohio
River would be passable as far as Pittsburgh, Pa. The Cumberland River could afford passage to the
floating unit as far as Clarksville, Tenn., and on the Tennessee River the barge could reach
Chattanooga. Extensive regions of the United States East and Gulf Coasts would be accessible via
the Intracoastal Waterway*™® and by coastwise voyage. Coastal bays, canals, and estuaries
accessible to oceangoing ships provide further access routes to the sites of possible energy-consuming
industries.

No detailed assessment has been made of the number of potential industries located near
waterways or of the associated power requirements. It is believed that a more detailed analysis
would show a potential market sufficient to absorb the output of several facilities set up specifically
for the series production of small platform-mounted reactors.

The applicability of floating nuclear industrial energy sources will also be circumscribed by the
population distribution near potential operating sites. It is expected that the population separation
distance requirements for a barge-mounted unit would be about the same as those for a land-based
plant; thus the discussion of nuclear siting in later sections also applies to the floating reactor
concept.

Platform description

The general arrangement of a platform-mounted 313-MW(t) [91-MW(e)] CNSG reactor plant is
depicted in Fig. 5.30. This configuration, designed for plant operation in a floating condition, forms
the base case for the plant arrangement and cost studies. However, design modifications for placing
the platform on a permanent dry foundation, as well as plants designed for the production of
process steam only, were also studied.*

The major components of the nuclear steam supply system are identical to those of the
land-based concept described previously. The turbogenerator was also assumed to be the same as for
the land-based plant; however, the secondary plant auxiliaries (such as the condenser, circulating
pumps, diesel generators, electrical gear, and fluid-handling systems) satisfy shipboard requirements.

The heavy reactor installation is located near the center of the barge, with the spent-fuel pit and
the turbogenerator at opposite ends, thus tending to balance out the individual effect on hull trim
(see Fig. 5.31). Similar to the arrangement of the land-based concept, a reactor building provides

46. Bridges over Navigable Waters of the United States, Gulf and Mississippi, U.S. Coast Guard, Depanment of
Transportation, CG-425-2 (Oct. 15, 1971).

47. Light List, Mississippi River System of the United States, Department of Transportation, Second Coast Guard
District, CG-161, Corrected to Jan. 1, 1974, U.S. Government Printing Office, Washington, D.C., 1974.

48. Barge Mounted Nuclear Power Plant Study, prepared by G. G. Sharp, Inc., Marine Systems Analysis and Design,
100 Church Street, New York, N.Y. 10007, for the Oak Ridge National Laboratory, June 28, 1974,

49. The Intracoastal Waterway, Atlantic Section, U.S. Army Corps of Engincers, 1961, U.S. Government Printing
Office, Washington, D.C.

. 50. The Intracoastal Waterway, Part II, Gulf Section, U.S. Army Corps of Engmeers, 1951, U.S. Government Printing
Ofﬁce, Washington, D.C. .
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secondary containment around the CNSG pressure-suppression primary containment. The building
also houses the reactor auxiliary systems, laboratory spaces, the reactor control room, the
radioactive waste systems, and the spent-fuel handling system. .

The turbogenerator is mounted outdoors on the main deck, an arrangement suitable for a warm
climate. The generator is protected by electrical switchgear mounted on the barge; however, the
switchyard was assumed to be located on shore. The main condenser is arranged in the hull
immediately below the turbine. Circulating water enters the hull through a submerged sea chest in
the barge end; the circulating system discharge pipe passes through the barge side to remove the
condenser waste heat. The bulk of the power-conversion system auxiliaries are located in the hull
compartments under the turbogenerator. A bilge-and-ballast system is required for maintaining hull
trim. ' ’ :

Hull beam was limited to 105 ft in order to allow passage through the !10-ft-wide locks
commonly used on inland waterways. A barge length of 320 ft was required in order to minimize
fore and aft trim under operating conditions. ‘

The draft during the tow to the operating site can be limited to less than I'l ft by deferring the
installation of the concrete for the reactor shield and spent-fuel pit until after the barge is emplaced.
The total weight of the complete unit is about 20,000 tons, corresponding to a draft of 20 ft.
Preliminary stability calculations showed that wind loads produce quite moderate angles of hull
indication; the angle of heel for a 180-mph wind would be about 4°. The corresponding value for a
300-mph wind is 11°.

For operation afloat the barge may have to meet the U.S. Coast Guard requirements’' for
nuclear ships. Thus the hull is designed to withstand the flooding of any two compartments without
sinking. Experience with the U.S. Maritime Administration layup fleet in fresh and brackish water
has shown that hull corrosion can be controlled with cathodic protection systems, and the use of
such a system will obviate the need for periodic drydocking to carry out hull maintenance. A hull
constructed of concrete would have superior corrosion resistance; however, the hull weight could
increase by as much as 3000 to 4000 tons. Because of the limitations on draft and beam, the heavier
concrete barge would have to be considerably longer than a steel hull, resulting in higher capital
costs. s .- ‘
A platform-mounted unit for the production of process heat only could be shortened to 260 ft, a
reduction of 60 ft, because of the absence of the turbogenerator and its auxiliaries.

A barge hull designed for,emplacement én a dry foundation will be less costly than one to be
sited afloat. In the former instance, the unit will not be required to meet Coast Guard requirements
for nuclear vessels, and therefore the double bottom and some of the water-tight bulkheads will not
be needed. The overall length of a platform unit for the production of 91 MW of electrical power
can be reduced to about 260 ft, since there will be no requirement for minimizing hull trim during
plant operation. A hull length of about 230 ft will suffice for a dry emplaced unit designed for the
production of process steam only. . k

Platform-mounted reactor plant capital costs

The capital costs for the various platform configurations are based on data deveioped in Ref.
48, modified to place them on a consistent basis with the costs of land-based CNSG-plants given in a

51. United Siates Coast Guard Rules and Regulations, Title 46, CFR.
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previous section. The expenditures for the support facilities needed at the site of the industrial
energy user were not estimated at this time, since detailed site requirements have not been
determined. The extent of facilities already existing at the industrial site (such as electrical, steam,
and process fluid distribution systems) will influence the cost of siting a platform-mounted reactor
plant. The local terrain, soil conditions, the type of barge emplacement (afloat or dry), and the
number of reactor units will also affect the site capital expenditures by several millions of dollars.
Because of these uncertainties, the present estimates are limited to prednctmg the capital cost for only
the items that comprise a platform unit.

A representative platform building schedule- was developed (assuming shipyard construction
under a manufacturing license) in order to estimate the interest chargeable during the construction
of a 313-MW(1) platform-mounted plant (Fig. 5.32). For comparison purposes, a project schedule
for a 313-MW(t) land-based CNSG plant is also shown in the figure, indicating that actual plant
construction spans a period of 43 months compared with only 19 months for the barge-mounted
plant. The procurement of long-lead-time components consumes nearly two-thirds of the 55 months
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required to bring the barge unit on-line. Shortened procurement periods could reduce the overall
plant construction schedule by a significant fraction. '

Table 5.51 summarizes the capital costs for a 313-MW(t) platform-mounted reactor plant
designed to furnish 91 MW(e). Costs are given in 1974 dollars without escalation for startup beyond
1974. A shipyard profit rate of 5%, believed to be representative of average economic conditions,
was assumed. In estimating the labor costs, credit was taken for the economies resulting from the
repetitive production of a standard design. Towing charges are for a distance of 1400 miles at a
_speed of 6 knots. The cost category “secondary plant” also includes the cost of systems not directly
associated with the turbogenerator; thus this cost category cannot be directly compared with the
power-conversion system costs given in Table 5.44. The total cost of $68 million for a floating plant
represents the base case for the configuration shown in Fig. 5.30. Capital costs for a platform
designed for operation on a dry foundation will be about $1 million less. ‘

The capital costs for a 313-MW(t) barge-mounted reactor for the production of process heat
only (1.24 million 1b/hr of 566 psia saturated steam generated in a reboiler) are listed in Table 5.52

Table 5.51. Cost summary for 313-MW(¢t) [91-MW(e)] platform-mounted reactor plant

(in thousands of 1974 dollars)
. . Dry emplaced
Floating plant plant
Nuclear plant
Nuclear steam supply, including radiation waste system 30,767 30,767
Fuel-handling system 650 650
Radiation monitoring system and health physics laboratory 274 274
Reactor shield and spent-fuel pit 1,189 1,189
Reactor containment 881 881
33,761 33,761
Secondary plant
Turbogenerator 6,018 6,018
Auxiliary systems 5,997 5,997
‘ } 12,015 12,015
Electrical plant o " 2,168 2,168
Barge and equipment ) .
"Hull and structures ‘ 2474
-Qutfit, insulation, and joiner work - 520° - 2,606
Coatings and cathodic protection . . 157
Crane for turbogenerator ’ 350 350
3,501 2,956
* -Total direct cost . R 51,445 "~ 50,900
Shipyard overhead (115% of direct labor) : 4,049 3,756
Shipyard profit (5%) 2,775 2,545
Engineering and drafting (dxstn‘buted over five umts) - 337 337
Insurance ’ 350 350
: i - 58,956 © 57,888
Interest during construction (10%/year) . 9,138 - 8,973
: A . : . T 68,094 66,861
Towing -60 60
Tow insurance 200 200

Total cost exclusive of site improvements 68,354 67,121
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Table 5.52. Cost summary for 313-MW(t) platform-mounted reactor plant -
for production of process heat

(in thousands of 1974 dollars)
' . Dry emplaced
Floating plant plant
Nuclear plant

Nuclear steam supply, including radiation waste system 30,767 30,767
Fuel-handling system . ’ 650 650
Radiation monitoring system and health physics laboratory 274 274
Reactor shield and spent-fuel pit ) 1,189 1,189
Reactor containment 881 881
~ ' 33,761 33,761
Secondary plant 2,6_1 1 2,611
Electrical plant ' 1,110 ' 1,110

Barge and equipment
Hull structures, outfit, insulation, joiner work, : 2,765 2,404

coatings, and cathodic protection

Total direct cost 40,247 39,886
Shipyard overhead (115% of direct labor) 3,568 3,376
Shipyard profit (5%) 2,191 2,163
Engineering and drafting (distributed over five units) 263 263
Insurance ‘ 273 273
46,542 45961
Interest during construction (10%/year) 7,214 7,124
' 53,756 53,085
Towing 60 60
Tow insurance 160 160
Total cost exclusive of site improvements 53,976 53,305

for a floating and for a dry emplaced unit. Deletion of the turbogenerator allows shortening the hull
by about 60 ft; the resulting cost reduction is about $400,000. The cost of a reboiler and other
components that might be required to utilize the process steam and to return the process water to
the nuclear steam supply system have not been included in the total cost. The total amount for a
plant operating afloat is about $54 million; dry emplacement reduces the platform cost by about
$700,000.

The capital costs for the various platform configurations are given in Table 5.53 along with
costs for the corresponding land-based CNSG reactor toncepts. A fair comparison between
land-based and platform-mounted concepts requires that site improvement costs be added to the
costs tabulated for the latter concepts. Therefore the total capital cost for the land-based platform
units may increase by up to several million dollars; however, it appears that substantial savings (on
the order of 20%) will still be achievable relative to field-constructed plants. An overall comparison
between these two approaches must await a more detailed definition of the site facilities required for
platform-mounted reactor plants, so that the capital costs as well as station maintenance and
operating costs can be assessed.
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Table 5.53. Capital costs for various 313-MW(t) [91-MW(e)]
reactor plant configurations

(in millions of 1974 dollars)
Platform mounted
_ Floating Dry Land based
emplacement emplacement
" Process steam only plant 54 s3 64
91-MW(e) generating plant 68 . 67 89

Site facilities

The support facilities needed for operating a platform-mounted reactor plant will depend on the
characteristics of the site and of the industry that uses the energy produced by the reactor plant. A
detailed determination of these requirements for representative applications is beyond the scope of
the present study, and this is merely a broad outline of the major requirements that must be met by
the site facilities. ‘ ,

Basic to the plant concept is the idea that the reactor will be started up and operated at one site
only and that no provision be made for moving the unit subsequently for operation elsewhere. This
approach simplifies the plant design and avoids the difficulties associated with the movement of a
radioactive “hot” reactor plant. A case by case determination probably is required to determine if
towing the plant away for decommission will be advantageous. A central facility for
decommissioning floating offshore nuclear power plants has been suggested previously;*” that facility
might also be suitable for final disposal of platform-mounted reactor plants of the type studied here.

For sites accessible only by fairly shallow navigation channels, construction equipment must be
available to complete the installation of the concrete for the reactor shield and the spent-fuel pit. The
top of the reactor building will have to be erected at the site if bridges or power lines encountered
enroute to the site do not allow passage of the complete structure. Other site construction work will
include emplacement of the barge (either afloat or on a foundation) and the installation of electrical,
process, and other systems needed to connect the energy source to the industrial plant and to the
local electrical grid. : ~ .

The facilities for mooring a floating power plant must be capable of withstanding wind and
‘wave forces imposed on the barge; changes in water elevation must also be accommodated. The
plant must also be protected against ship collision and consequent fire or explosion if the site is
exposed to these hazards. Plant sinking in shallow water can be accommodated by enclosing
equipment essential to reactor safety in water-tight compartments.*’ ~

Emplacing the platform on a dry foundation is one alternative to mooring the barge. This could
be accomplished by dredging out a basin alongside a waterway with water admitted after a concrete
foundation has been constructed below the waterway level. The barge could then be floated over the
foundation and the water pumped out from the basin after the latter has been sealed off. The
advantages of dry emplacement include absence of hull motion, avoidance of ship collision
possibility, and hull accessibility for inspection and repairs. An effective connection is essential

52. A Survey of Unique Technical Features of the Floating Nuclear Power Plant Concept, U.S. Atomic Energy
Commission, Directorate of Licensing (March 1974).
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between the hull-and the foundation to resist seismic forces and to prevent hull movement should the
basin be flooded inadvertently. Refloating in this eventuality can be prevented by installing ballast in

the barge and by providing flooding openings in some hull compartments.

54 THERMAL ENERGY TRANSPORT FROM NUCLEAR PLANTS

The transmission of energy in the form of high-quality steam was evaluated in conjunction with
the nuclear concepts, since nuclear reactors appear to be the most likely source of energy for large
blocks of thermal energy transmission. It is assumed that process steam is available at 850 psia and
525°F from an LWR and at 650 psia and 750°F from an HTGR. Producing process steam requires
the use of a reboiler for the LWR and more major system modifications for the HTGR. These
factors are discussed in Section 5.2. '

The HTGR prime steam was originally considered for transport, but the extremely high
pressure-temperature condition appears to be impractical for long-distance transportation.

Transportation costs, summarized in Table 5.54, are evaluated on a per mile basis and should
be valid over the '/>- to 10-mile range of interest. : ,

Loss of heat is estimated to be 0.3 to 0.4%/ mile. Pressure drop is treated parametrically, with 12
psi pressure drop per mile being selected for an economic evaluatlon Figure 5.33 shows pressure
drop as a function of steam rate.

The steam line cost estimate includes a condensate return lme The estimate is believed to be
conservative. It is substantially higher (by about a factor of 2) than other recent estimates of similar
steam lines; however, sufficient information for a detailed comparison is not available.

Table 5.54. Steam line cost study — cost estimate summary

Indirect costs

Material .Labor 25% Total
36-in.-diam pipe, 1 in. wall thick, $1,760,000 $1,190,000 $738,000 $3,900,000
6-in. insulation with Al jacket S
Mobilization and special equipment (6%) R \ ) ) 212,000
_ $3,900,000
Condensate return line (~15%) ’ 600,000
Contingency (~10%) ' ' ' 400,000
Total cost per mile ’ ' o $4,900,000
24-in.-diam pipe, sched 40, ' $833,000 . $596,000 $357,000 $1,786,000
6-in. insulation with Al jacket .
Mobilization and special equipment (6%) : 114,000
_ $1,900,000
Condensate return line (~15%) ] ) ‘ 300,000
Contingency (~10%) ’ 200,000
Total cost per mile ' ) - $2.400,000
30-in.-diam pipe, 0.88 in. thick, (Extrapolation of 24- and 36-in. pipe estimates),

6-in. insulation with Al jacket
Total cost per mile C : $3,600,000
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The estimates are based on steam transportation via a single pipeline over the size range shown.
For larger flows, it is expected that multiple lines would be required. Therefore the costs presented
in Fig. 5.34 cannot be directly extrapolated to larger flows.

Based on the estimate, the unit transportation cost per mile varies from 6¢/10° Btu at 2 X 10°
Ib/hr to 7¢ to 8¢/10° Btu at 10° lb/hr (Fig. 5.35). Considering the economic advantage of
nuclear steam vs alternate fossil sources, one could conclude that transportation of nuclear steam up
to about 10 miles is practical and economically attractive in comparison to alternate fossil sources
that were considered. [Details of the steam line cost estimate are given in Appendix B.]

ORNL--DWG 74~12809

6
7
/b
/
5 e
7
7 /
7
-/
//
woog
-l 7
s /7
o /f
& /7
@ /7
< 3 V4
r //
o
(a]
2
o]
S
-
s 2
———— 850 Ib/in.2, 5259F
= = — 650 Ib/in.2, 750°F .
12 Ib/in.2 PRESSURE DROP PER MILE
1 |} 250°F CONDENSATE RETURN
0 }
0 1 2

MILLION POUNDS OF STEAM PER HOUR

Fig. 5.34. Unit transportation cost vs flow rate.

o




UNIT TRANSPORTATION COST PER MILE (¢/108 Btu)

115

ORNL-DWG 74-12795

N
AN
\ N\
N
\ N\
\.
N
N
R
N
N
S
e 850 Ib/in.2, 525°F
= == 650 Ib/in.2, 750°F ,
12 ib/in.2 PRESSURE DROP PER MILE
250°F CONDENSATE RETURN
0.5 1.0 s 2.0

MILLION POUNDS OF STEAM PER HOUR

Fig. 5.35. Total capital cost vs flow rate.




116

5.5 NUCLEAR PLANT SITING, LICENSING, AND REGULATION

5.5.1 Licensing and Regulation

Introduction

The acquisition and use of a nuclear power plant are subject to the restrictions of the Atomic
Energy Act of 1954 (AEA), as amended. Generally, the AEA prohibits, except under AEC license,
the transfer or receipt in interstate commerce, manufacture, production, transfer, acquisition,
possession, use, import, or export of nuclear reactors and the materials used in or produced by
nuclear reactors.” The AEA authorizes the AEC to formulate rules and regulations and to issue
general and specific licenses for these activities. The AEA prescribes conditions for various types of
licenses and sets out the judicial review and administration procedures to be applied to regulatory
actions of the AEC. Generally, the provisions of the Administrative Procedure Act™ are invoked.
AEC regulatory actions are also subject to the requirements of the National Environmental Policy
Act (NEPA) of 1969.%

A firm intending to use a nuclear power plant may be required by law to obtain one or more of
the following types of licenses, depending upon the relationship of the firm to the necessary facilities
and activities: special nuclear material, source material, byproduct material, utilization facility.
Individuals operating a nuclear reactor are licensed by the AEC also.

Specialized terms used in AEC licensing

Byproduct material. The term “byproduct material” means any radioactive material (except
special nuclear material) yielded in or made radioactive by exposure to the radiation incident to the
process of producing or utilizing special nuclear material.*®

Financial protection. The term “financial protection” means the ability to respond in damages
for public liability and to meet the costs of investigating and defending claims and settling suits for
such damages.>® '

Nuclear reactor. “Nuclear reactor” means an apparatus, other than an atomic weapon, designed
or used to sustain nuclear fission in a self-supporting chain reaction.’’

Operator. The term “operator” means any individual who manipulates the controls of a
utilization or production facility.*® ‘

Person. The term “person” means (1) any individual, corporation, partnership, firm,
association, trust, estage, public or private institution, group, Government agency other than the
Commission, any State or any political subdivision of, or any political entity within a State, any
foreign government or nation or any political subdivision of any such government or nation, or
other entity; and (2) any legal successor, representative, agent, or agency of the foregoing.’

53. AEA, sects. 57, 62, 81, and 10l. Certain activitiecs conducted by the AEC, the Department of Defense, and their
contractors are expected.

54. Public Law 404, 79th Congress, approved June 11, 1946,

55. Public Law 91-190.

56. Definitions quoted from AEA.
57. Definitions quoted from 10 CFR, Part 50.
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Production facility. “Production facility” means: (1) Any nuclear reactor designed or used
primarily for the formation of plutonium or uranium 233; or (2) Any facility designed or used for
the separation of the isotopes of uranium or the isotopes of plutonium, except laboratory scale
facilities designed or used for experimental or analytical purposes only; or (3) Any facility designed
or used for the processing of irradiated materials containing special nuclear materials, except (i)
laboratory scale facilities designed or used for experimeﬁtal or analytical purposes, (ii) facilities in
which the only special nuclear materials contained in the irradiated material to be processéd
are uranium enriched in the isotope U-235 and plutonium produced by the irradiation, if the
material processed contains not more than 10 grams of plutonium per gram of U-235 and has
fission product activity not in excess of 0.25 millicuries of fission products per gram of U-235, and
(iii) facilities in which processing is conducted pursuant to a license issued under Parts 30 and 70 of
this chapter, or equivalent regulations of an Agreement State, for the receipt, possession, use, and
transfer of irradiated special nuclear material, which authorizes the processing of the irradiated
material on a batch basis for the separation of selected fission products and limits the process batch
to not more than 15 grams of special nuclear material.*’

Source material. The term “source material” means (l) uranium, thorium, or any other material
which is determined by the Commission pursuant to the provisions of section 61 to be source
material; or (2) ores containing one or more of the foregoing materials, in such concentration as the
Commission may by regulation determine from time to time.

Special nuclear material. The term “special nuclear material” means (1) plutonium, uranium
enriched in the isotope 233 or in the isotope 235, and any other material which the Commission,
pursuant to the provisions of section 51, determines to be special nuclear material, but does not
include source material; or (2) any materlal artificially enrlched by any of the foregoing, but does not
include source material.*®.

Utilization facility. “Utilization facility” means any nuclear reactor other than one designed or
used primarily for the formation of plutonium or U-233.%

AEC rules and regulations

The AEC rules and regulations are modified in Title 10, Code of Federal Regulations, Chapter
1. The parts of this chapter of interest to prospective nuclear reactor licensees are as follows:

1. statement of organization and general information;
. rules of practice;

. interpretations;

O o] N

. publxc records,

20. standards for protection agalnst radiation;

30. rules of general applicability to licensing of byproduct material; -
31. general licenses for byproduct material; '

32. speciﬁc licenses to manufacture, distribute, or import exempted and generally licensed items
containing byproduct material;

33. specific licenses of broad scope for byproduct material;
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34. licenses for radiography and radiation safety requirements for radiographic operations;
35. human uses of byproduct material; k |

40. licensing of source material;

50. licensing of production and utilization facilities;
55. operators’ licenses;
70. special nuclear material;

71. packaging of radio-active material for transport and transportation of radio-active material
under certain conditions;

73. physical protection of special nuclear material;

100. reactor site criteria;

140. financial protection requirements and indemnity agreements;

170. fees for facilities and materials licenses under the Atomic Energy Act of 1954, as amended.

Nuclear power plant licensing is dominated by the processes of AEC safety and environmental
evaluation of the nuclear reactor (the “utilization facility”) itself. The. necessary materials licenses,
subject to the appropriate parts of the regulations, are considered by the AEC as part of the
utilization facility licensing process.

The rules and regulations, which are issued under statutory authority, are enforcible by the
AEC through administrative action of the Commission itself and through judicial action in
appropriate federal courts.

Other official regulatory guides.

The AEC has published numerous guides of interest to prospective reactor licensees. A
consolidated series of Regulatory Guides was instituted in 1972. The distinction of guides from
regulations is stated by the AEC as follows:™

“The primary purposes of Regulatory Guides are (1) to describe and make available to the
public methods acceptable to the AEC Regulatory staff of the implementing specific parts of
the Commission’s regulations and in some cases to delineate techniques used by the staff in
evaluating specific problems or postulated accidents and (2) to provide guidance to applicants
concerning certain of the information needed by the Regulatory staff in its review of
applications for permits and licenses. Regulatory Guides are not intended as substitutes for
regulations, and therefore compliance with these guides is not required.”

The major divisions of the Regulatory Guides are as follows:
1. power reactor guides,

2. research and test reactor guides,

58. U.S. Atomic Energy Commission Directorate of Regulatory Standards, Regulatory Guides— Preamble, Dec. 12,
1972. ,

-
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. fuels and materials facilities guides,

. environmental and siting guides,

. materials and plant protection guides,
. product guides,

. transportation guides,

. occupational health guides,

=B - RS B NV N i

. antitrust review guides,
10. general guides.

The guides are predominantly technical in content, and those dealing with safety of power reactors
(division 1) would usually be of greater interest to the designer than to the person owning and
operating the plant. However, since ultimate responsibility for safety would reside with the latter, he
should be familiar with the guides.

The licensing process

The formal licensing process™ starts with the filing of an application for license (or construction
permit) with the AEC and ends (if the license is issued) with the termination of the license through
AEC-approved transfer or dismantling of the facility. The description of the process is presented in
generally nontechnical terms to introduce the subject to persons not familiar with AEC licensing.
Many details will be passed over casually; nothing more nor less than the AEC rules and regulations
themselves would describe the licensing process precisely.

Several formally distinct groups of people act for the AEC in licensing actions. These groups
are identified in Fig. 5.36 and described below,

Commission. The five-member Commission exercises the final authority with the agency with
respect to determination of major or novel questions of policy, law, or procedure.”’ Licensing
decisions or actions of an Atomic Safety and Licensing Appeal Board (ASLAB) may be reviewed by
the Commission on its own motion in some circumstances.

Atomic Safety and Licensing Appeal Board. A three-member tribunal reviews initial decisions
arising from public hearings of an Atomic Safety and Licensing Board (ASLB) and considers any
exceptions to such decisions as may be filed by a party to the proceeding. The Commission has
authorized the ASLAB to exercise the authority of the Commxssnon with respect to such appeals and
will not entertain a request for review of an ASLAB decision or action,

Atomic Safety and Licensing Board. This board conducts hearings and issues decisions in
proceedings to grant, suspend, revoke, or amend licenses. ‘ '

~ Regulatory staff. The Director of Regulation of the AEC and the officials under his authority
perform the administrative review of an application for a license. They discharge other licensing
functions, except where a final decision rests with an ASLB. The regulatory staff refers applications
for power reactor licenses to the Advisory Committee on Reactor Safeguards (ACRS) and to the

59. A brief description of licensing of nuclear power reactors by electric utilities as published by the AEC is reproduced
as Appendix C.
60. 10 CFR, sects. 2.762, 2.785, and 2.786.




120

ORNL-DWG 74-12811

ATOMIC SAFETY | __g
AND LICENSING e — —
APPEAL BOARD

Uttimate level of
appeal from parties
in ASLB hearing —
Final determination
of decisions

i
|
Y

ATOMIC SAFETY
AND LICENSING BOARD

Conduct of public
hearings

Determination of
initial decision

L e i v v S e ae— m— am——  e—

puBLIC

COMMISSION ADVISOR
(The Five Commissioners) coMMlTﬁ'?EEYoN
REACTOR
SAFEGUARDS p— 1
Review of certain decisions Review and
and issues at own or Appeal report on
Board initiative applications
—> REGULATORY STAFF
Evaluation of
“j applications for o g
licenses
™S 7 \
. . Determination of
~ proposed licensing
N decision
\\
A Issuance of
licenses
-
- -
.
APPLICANT

cmmme——f» APPLICATION, REQUEST, OR APPEAL
= = g DECISION, ORDER, ADVICE, OR LICENSE

Fig. 5.36. AEC licensing functions and relationships.




121

Attorney General (for review of antitrust matters). The regulatory staff is a party to the public
hearing before an ASLB. The regulatory staff issues licenses and amendments to licenses, including
those ordered by a board or the Commission. ’ ‘

Advisory Committee on Reactor Safeguards. This committee, appointed by the Commission,
is required by law to review and report to the AEC on each application for a power reactor license.

The phases of the licensing process are listed in Table 5.55. Licensing may proceed with great
variation in detail; therefore, only the general features of the process are described. The times
indicated are also nominal representative values. '

Before AEC licenses are applied for, the anticipated construction and operation would be
planned and defined in sufficient detail to comply with the AEC guides for preparation of
Environmental Reports (ERs) and Safety Analysis Reports (SARs). During the first
step, the supplier of the nuclear steam supply system and the architect-engineer would be selected.
Usually these firms prepare the portions of the SARs pertaining to their respective parts of the job.
The SAR is the basis for the AEC’s safety decision. Information needed for the AEC’s consideration
of environmental quality would also be developed for the ER, usually ‘with the assistance of
consultants in specialized ficlds, like aquatic ecology, if the applicant lacks expertise.

The scope and depth of these requisite documents are indicated by the tables of contents of the
AEC guides shown in Appendices D and E. ’ ' '

The AEA requires a two-step licensing process: a construction permit and an operating license.
This statutory constraint plus practical licensing problems have led to two-step applications. The

Table 5.55. Licensing steps for nuclear power plants

Time from start

Step of construction Description
(years)

1 -3to —11/2 Preparation of application for license (including a construction permit)
2 -1 1/2 Application for license
3 —ll/g.to —1/3 Regulatory staff review, including review by the ACRS and the Attorney General
4 CYto Y ASLB public hearing (mandatory) D
5 0 : " Issuance of construction permit

0 ‘ : . On-site construction commences
6 Oto 5 ) Regulatory staff inspection of construction
7 3‘/2 to 41/2 B : Submittal of any information required to complete the application for an

) . : ) ope;'ating license and to comply with the terms of the construction permit
8 ] 3‘/3 to'4% Regulatory staff review of the amended application for license
ASLB public hearing (if required by circumstances)

10 . 5 Determination by regulatory staff that the facility construction is complete in
) accordance with the construction permit

11 5 a Issuance of operating license ‘
5 Operation commences with initial fuel loading, followed by a few months of
plant testing before routine operation begins
12 5to 45 Operation: regulatory actions include inspection, operating report evaluation,

and authorization of changes in license conditions

13 40 Termination of license
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application for a construction permit includes a preliminary SAR (PSAR), an ER, and other
information concerning matters of financial qualifications, antitrust, and national security. It is also
permissible to present at this time all the technical information requisite for an operating license.
While this has not been a useful option to date for applicants proposing to construct power reactors,
the development of highly standardized designs could change this situation.

In step 2 the application is submitted to the Director of Regulation, who heads the AEC'’s
regulatory staff. After a quick preliminary review (about 30 days), the regulatory staff determines
whether the application is reasonably complete. If so, the staff review and other formal licensing
processes commence. An application fee, prescribed by 10 CFR, Part 170, is required, as shown in
Table 5.56. Applications for multiple-reactor installations may be combined, but separate licenses
will be issued.

Table 5.56. Schedule of fees

Application fee . . Annual fee after
Facility for construction Consu:uctxc;n 0 peratmgb issuance of
. permit fee license fee e
permit operating license
Power reactor® $70,000 $60,000 + $80/MW(t) $125,000 + $95/MW(t) 312/MW(t)
' ($12,000 minimum)

“When construction permits are issued for two or more power reactors of the same design at a single power station that
were subject to concurrent licensing review, the construction permit fee for the first reactor will be $60,000 + $80/MW(t)
and $30/MW(t) for each additional reactor. Thermal megawatt values refer to maximum capacity stated in the permit or
license.

PWhen operating licenses are issued for two or more power reactors of the same design at a single power station that
were subject to concurrent licensing review, the operating license fee will be $125,000 + $95/MW(t) for the first reactor
and $95,000 + $60/MW(t) for each additional reactor.

“For construction permits and operating licenses for power reactors with a capacity in excess of 3000 MW(t), the fee
will be computed on a maximum power level of 3000 MW(t).

The regulatory staff review, step 3, is the fundamental process in which all of the requirements
of law and policy are applied to the case. The more visible parts of the staff evaluation deal with
technical safety and environmental issues, but the staff also determines if the questions of financial
qualification, national security, and antitrust are properly settled. Ancillary licenses for licensable
materials are considered in due course to permit the receipt, inspection, and storage of fuel materials
on site at the proper time.

Without exception, the safety and environmental issues require preparation of supplementary
information by the applicant. During the period of staff evaluation, the ACRS also considers the
case. Numerous meetings of applicant, staff, and ACRS are usually held to exchange technical
information, but the formal evaluation must rest upon the data formally submitted to the AEC.

In step 4, the formal issues defined by law and regulation are considered in a public hearing
conducted by an ASLB. The applicant and the regulatory staff are always parties in this hearing,
and other interested persons may intervene either pro or con. The formal issues are summarized
below:

1. health and safety of the public,

2. technical and financial qualifications,
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. common defense and security,
. national environmental policy,

. consistency with antitrust laws (generally considered in a separate pubhc hearlng)

. consistency with the AEA,

.- compliance witn AEC _regnlations;

3
4
5
‘6. conflicting applications for limited opportumty, ,
7
8
9

. useful purpose.

The applicant. bcars the burden of proof in favor of issuing a construction permrt The regulatory
staff may favor or oppose this proposal, but as a practical matter, it is unlikely that an applicant
would pursue his case to this point in the face of staff opposition. The ASLB issues an initial
decision based upon the evidence presented. The decision may be appealed to the ASLAB by any
part to the proceeding. The ASLAB may refer the case to the Commission for certain
determinations or the Commission itself may initiate a review in certain instances. A decision to
issue a construction permit is made by the Director of Regulation.

The construction phase, step 6, must.be conducted in conformance with the terms of the permit.
Regulatory staff inspectors check on-site and shop activities during this time.

This phase is also generally the time when final designs and final safety evaluatrons are
developed by the applicant and his contractors. In the course of their construction permit
review, the regulatory staff identifies subject areas in which additional or more definite information
must be presented in the FSAR. The SAR guide also indicates areas, such as plant staffing, in which
little specific information is needed until operation is imminent. The time for presenting this
information to the regulatory staff, in step 7, can be chosen by the applicant; in any case, it should
precede the expected date for loading nuclear fuel by at least 12 months.

The operating license consideration by the regulatory staff, step 8, is similar to their earlier
review in that the basic issues are the same and the ACRS is consulted. The construction permit is
not a guarantee that an operating license will be issued, and new safety issues may be raised.
Hoyvever, the normal continual contact between applicant and regulatory staff during construction
has always provided adequate notification of any likely complication or modification of safety
standards. ‘Therefore, this step is generally concerned with resolving particular questions that may
have been raised in the construction permit review and other issues which were deferred by the
applicant.. :

A second pubhc hearing, step 9, is not mandatory and generally would be held only if the
applicant or an intervenor requested it. If the second meeting were held, the formal issues would be
limited to contested questions appropriate to the operating license stage. The Director of Regulation
publishes a formal notice of intent to issue an operating license, which he would proceed to do
unless a ‘hearing is requested. The license can be issued, unless the hearing decision should be
adverse, as soon as the regulatory staff determines by inspection that the facility has been completed
in accordance with the construction permit and the reactor is ready to be loaded with nuclear fuel
(steps 10 and 11).

The operating license consrsts of the license to operate a “utlhzatlon facility” under 10 CFR,
Part 50. and all the ancillary AEC materials licenses needed. The licensee must, prior to licensing,
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provide the financial protection and execute the indemnity agreements required by 10 CFR, Part
140, to ensure that the licensee will have the ability to respond in damages for public liability.

The period of licensed operation, step 12, involves adherence to specific operating conditions,
maintenance and surveillance requirements, and staffing requirements set out in “technical
specifications” incorporated in the license. These are concerned with maintaining the validity of the
safety and environmental evaluations upon which the license was premised.

The licensee must have a competent nuclear plant staff, including operators and supervisors
licensed as individuals under 10 CFR, Part 55. Operating licenses require the submission of reports
to the regulatory staff periodically and on the occasion of problems arising which may have safety
implications. Inspections of licensed facilities are made regularly. Modifications in the facility design
and operating program are restricted by the technical specifications with the intent that the licensee
can generally make alterations without prior approval of the AEC if they would not involve
unreviewed safety questions. Other modifications are generally considered on a case-by-case basis by
the regulatory staff, and appropriate approvals are granted, frequently in the form of changes to the
technical specifications.

Termination of an operating license, step 13, can take many forms. Generally, the AEC
regulations anticipate that a licensee would have proved his qualifications to maintain his status as a
licensee in good order until the licensed facility and nuclear materials are disposed of so as to
terminate his responsibility. A license for a utilization facility may be issued for a term not exceeding
40 years, but the AEC is authorized to extend a license at any time to that limit. A licensee must
obtain the consent of the AEC in order to transfer, assign, or in any manner dispose of a

license or any right thereunder.
5.5.2 Siting

General considerations

Nuclear power plant licensing is contingent upon satisfying the AEC with respect to the issues
listed in the previous section, the most difficult of which is the question of health and safety of the
public. This issue is a complex one in itself but basically involves protection of people against any
harmful exposure to ionizing radiation. The necessities of nuclear safety have been the object of
extensive research for more than 30 years, and experience with evaluation of the safety of individual
nuclear power plants covers the last 20 years.

Without exception, nuclear power plants have been judged by the AEC on a case-by-case basis;
no two plants are exactly alike. To the extent that plants are alike, the AEC takes into account the
way common safety problems have been resolved in the past. Thus water-cooled reactors of the
BWR and PWR types and gas-cooled reactors of the HTGR type used for generating electricity are
well developed in terms of safety and licensability. The use of PWRs commercially for production of
process steam has precedence in the Midland, Michigan, case, in which a power plant operated by
the Consumers Power Company will supply process steam to a Dow Chemical Company plant.

The case-by-case evaluation of nuclear power plant safety is prompted by several factors that
distinguish one plant from another: (1) changing technology, including differences in design details;
(2) safety perspectives that change with time; (3) different operating organizations; and (4) different
plant sites. None of these factors will be neglected in an AEC licensing review of new applications
for nuclear process heat plants, but site acceptability is a qualification of special importance.

There are two kinds of safety questions concerning siting of nuclear power plants. First, what
are the environmental characteristics that could adversely affect the plant’s safety performance?
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Second, how do environmental characteristics affect the potential radiological consequences of
accidents?

The plant environment provides the commonly accepted elements required by an industrial
facility, including adequate structural foundation, operating space, and adequate water for coolant
makeup and heat rejection. Although these elements are so well recognized as to make it unlikely .
that they would be neglected in planning a nuclear facility, their importance to safety requires that
uncommon care be exercised in providing the desired support for nuclear power reactors. This

.special concern for safety, on the other hand, has had- little influence on site selection. Sites
otherwise acceptable for heavy industrial facilities have, with only one exception, been adequate in
this respect. The only natural feature that has ever completély disqualified a site is tectonically active
faults. The AEC rejected a California site, after several million dollars were spent in site
development, because of geologic evidence of active faulting. The AEC did not at that time, and
probably would not in the near future, accept an engineered accommodation of active faulting. The
detailed criteria for geologic evaluation of sites is a part of the AEC regulation, Title 10, Code of
Federal Regulations, Part 100, “Reactor Site Criteria.” Texas and Louisiana have several proposed
nuclear power plants under active review at this time, and there is no indication of any unusual
concern with faulting in this region.

The second basic site-related question—environmental characteristics affecting radiological
consequences of accidents—is also a subject of the AEC’s “Reactor Site Criteria.” As with active
faulting, the size of the proximate population is the only impediment of this second category
of site problems that has not been and cannot be resolved by engineering alone. A few formally
proposed sites have been rejected by the AEC.

Population risk-factor estimates

The prospect of using nuclear power reactors for process heat raises the general question as to
whether it is reasonable to expect that such plants could be located safely in industrial areas. For the
purpose of providing practical guidance on siting, we have evaluated the Houston Ship
Channel-Galveston Bay area in Texas and areas along the lower Mississippi River in Louisiana.
This study consisted of a survey of population distributions and densities throughout these two
areas. The particular method utilized should yield a good indication of whether, from the standpoint
of population risk, large nuclear power reactors would be licensable in such areas, inasmuch as
hypothetical sites in the areas are compared with real reactor sites already evaluated and accepted by
the AEC. - ‘

The areas of interest in Louisiana and Texas have been evaluated by calculating 2 population
risk factor for a set of points within each region. The particular points for which the calculations
were made are hypothetical sites only in the broadest sense. Hundreds of such points have been
evaluated by this process in order to scan the reglons with sufficient density to permit some
conclusive characterizations to be made.

* The areas evaluated in Texas and Louisiana are shown in Figs. 5.37 and 5.38 respectively. Risk

‘scans were made along straight-line traverses within each of the 11 quadrangular areas in Texas and

Louisiana. The precise locations of the traverses are described in Table 5.57. Generally the scans
covered the areas with a spacing of 1 to 3 km, although some scans were made at about 0.5-km
intervals.

The population risk profile of each traverse is displayed graphically in Figs. 5.39 through 5.49.
A complete set of profiles is given in Appendix F.
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Table 5.57. Quadrangle and traverse parameters”

Number Geographic coordinates of corners (deg)
Quadrangle of A i B C D
traverses  y atitude Longitude Latitude  Longitude  Latitude Longitude Latitude Longitude

Texas i
Houston - Ship Channe! 7 29.8100. . 95.2900 29.6900 95.2900 29.8100 - 949600 29.6900 94.9600
Bay Port 7 29.6600 95.1200 ' 29.5400 95.1200 .29.6600 95.0000 29.5400 95.0000
Texas City 7 29.4400 - 94.9900 -29.3200 °94.9900 29.4400 949000 - 29.3200 94.9000
Chocolate Bayou 7 29.2800  95.2200 29.1600  95.2200 29.2800 95.0600 29.1600  95.0600
Freeport 11 29.0600 95.4583 289167 95.4583 29.0600 952917 28.9167 952917

Louisiana ) ) . .
Point Coupee 5 30.7500 91.5000 30.8295 ~ 91.2865 30.5000 - 91.3802 30.5795 91.1667
Baton Rouge 8 30.5000 91.4433  30.6447  91.0982  30.0000 91.1637 30.1447 90.8186
Lafourche 9 29.7500  91.1300  30.1300 - 91.1300 29.7500 90.4000  30.1300  90.4000
New Orleans 7 29.7500 - 90.4000 30.0230 - 90.4000 29.7500 - 90.0006  30.0230  90.0000
Plaquemine 7 30.2600 91.2500 30.2600 91.1800 30.5300 91.2500 30.5300 91.1800
Taft 13 29.9600 - 90.5000 - 30.0800 905000 29.9600 90.4000 30.0800 90.4000

“Quadrangles are approximately rectangular and are covered by the number of straight-line traverses tabulated. Corners (A,
B, C, and D) are shown on area maps in Figs. 5.37 and 5.38 and are specified by the tabulated geographic coordinates as
determined from U.S. Geological Survey maps, Western United States series, scale 1:250,000, sheets NH 15-6,-7,-9,and -10. The
origins and terminal points of the traverses of a quadrangle are evenly spaced along lines AB and CD respectively. Line AC s the
first traverse of a quadrangle, and line BD is the last.

The significance of the population risk factor is in its representation of the cumulative risk to
the entire population from potential exposure to the radioactive materials released by accident from
a particular hypothetical site. It is obtained by computing a weighted average of the surrounding
population. The weighting function approximates the relative radiation exposure of a single
individual; this relative exposure is a function of distance and was chosen for this study to vary with
distance (r) as r'°. This particular exponent was used in order to simplify the comparison of this
study with information contained in an internal AEC regulatory staff working paper.’’ The
population risk factor used for this study has also been normalized in the same way as the AEC’s,
namely, by requiring the risk factor to have a value of 1.0 for a site having a uniform population
density of 1000 individuals per square mile within 50 miles of the hypothetical site and a density of
zero beyond. A zero density, for normalization, within 0.3 km of the site, to account for a nominal
plant exclusion distance, was also assumed in the present study.

The site evaluation utilized data from the official 1970 census of the United States in the form
that gives the greatest detail available in the actual geographical location of each population
segment. These data are the populations and geographical coordinates of each official “enumeration
district.”*** An enumeration district is a geographically contiguous area having nominally 1000 or
~ less resident persons. '

61. AEC Regulatory Staff, Population Distribution Around Nuclear Power Plant Sites, AEC Press Release T-160, Apr.
9, 1974, . Coer C '
62. U.S. Bureau of the Census, U.S. Census of Population: 1970, Number of Inhabitants, Final Report PC(1), A series.
63. U.S. Bureau of the Census, Census of Population and Housing: 1970, GEOGRAPHIC, Identification Code Scheme,
Final Report PHC(R)-3.
64. National Data Use and Access Laboratories, Arlington, Virginia, Master Enumeration District File Extended with
Coordinates, MED-X Census Data Tapes.
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The calculations of this study differ from those described in the referenced AEC document in

two respects: (1) the AEC lumped the entire population around a site (within 50 miles) into ten
annular areas of assumed uniform density, whereas this evaluation considered each enumeration
district separately; and (2) the AEC used population data evidently extracted from various licensing
documents, while the basis in this study was the 1970 census.

The influence of these differences in procedure have been analyzed in detail for the Indian Point
site. This is the site of a three-unit nuclear power plant owned by Consolidated Edison Company of
New York, Inc., and is one of the few power reactor sites in the United States near a metropolitan
area. A comparison of hypothetical sites with this important site, already evaluated and accepted by
the AEC, is a significant test of the acceptability of the former.

The AEC prooedufe of lumping the population into large segments gives a “site population
factor” for this site about 0.5% less than the population risk factor, provided the 1970 census basis of
this study is used for both calculations. It was already known that the effect of lumping should be
small in any case except with respect to that part of the population close to a site. Therefore, it is
reasonable that the two procedures should give similar results for the Indian Point site, since the
population distribution is dominated by the large number of people living beyond five miles, as
shown in Table 5.58. This more distant population contributes about 80% to the total value of the

- Indian Point site population factor. In an area where the population density is more nearly uniform

or is more concentrated near the site, the lumping of the population would not be as good an
approximation of the ideal population risk factor. _

Lumping the population near the Indian Point site leads to an underestimate of the population
risk of about 13%, if only the population within 5 miles is considered. This is unimportant in the
Indian Point case, as explained above, when the entire population is considered. In a test case in the
Houston area, the effect of lumping is more pronounced and, as with Indian Point, is an
underestimate of the population risk. Therefore, the more precise procedure developed for this study
has been used for the evaluation of all hypothetical sites.

In order to evaluate the effect of using population data different from that of the AEC, the two
population distributions shown in Table 5.58 were used for computing the site population factor in

Table 5.58. Comparison of AEC population distribution
and 1970 census distribution for Indian Point

Distance Cumulative population Ralt;‘;gf AEC to
- census
(miles) AEC? 1970 census population data
1 3,300 1,300 2.54
2 18,000 10,700 1.68
3 30,000 27,500 ; 1.09
4 40,000 41,500 0.96
5 65,000 65,600 1.07
10 263,000 201,900 1.30
20 1,684,000 896,200 1.32
30 4,410,000 4,002,400 1.10
40 10,630,000 10,177,300 1.27
50 16,500,000 16,007,000 1.03

%Estimated from crude graph.
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accordance with the AEC procedure. The values of this factor, as a function of distance, are shown
in Table 5.59. This tabulation demonstrates the significant effect of using imprecise population data
close to the site. Although the total populations differ by only 3%, the site population factors differ
by 17%. This disproportionality of the site population factor with respect to total population is
evident in Tables 5.58 and 5.59 at all distances. N

In order to be consistent in the evaluation of all sites, the value of the population risk factor
computed from the 1970 census data for Indian Point was considered to be the relevant value for
that site.

A site is generally at least as good as the Indian Point site if the population risk factor is no
greater than 1.29. The profiles of Figs. 5.39 through 5.49 (and Appendix F) show that almost all the
areas scanned are much better than Indian Point. Of all the Texas areas, only small areas along the
west and south edges of the quadrangle covering the Houston Ship Channel would be of
questionable acceptability. In Louisiana, a small central area in Baton Rouge and the central city of
New Orleans are unfavorable.

As can be observed from the population risk profiles, there is a wide variation in the merits of a
site with respect to this one factor. If all other qualities of alternative sites were equal, one would
want to choose the site having the lowest population risk. The AEC would give some consideration
to this possibility. Conversely, it is important to recognize that the AEC acceptance of existing
nuclear power plant sites has taken such alternatives into account and would, indeed, in the future
make allowance for the fact that a plant may need to be in a particular location in order to be useful.
The Midland nuclear plant, which will supply process stem to an industrial facility, would probably
have been located farther from the city of Midland had there not been a special need in that case.
Other factors, such as size of plant, also favor the industrial process heat case in comparison with
the real power reactor sites. These factors make the conclusion all the more reasonable that all the
industrialized areas studied, except for the central city regions included in the survey, would be quite
favorable as nuclear process heat plant sites, at least on the basis of population risk.

Table 5.59. Comparison of site population factors
computed according to' AEC procedure from different
lumped population distributions for the

Indian Point site
Site population factor
Distance ARG
'mil
(miles) data , 1970 census
1 1.05 041
2 1.20 0.58
3 1.12 0.67
4 1.03 0.67
5 1.01 0.69
10 0.96 0.71
20 1.12 0.72
30 1.24 0.95
40 1.45 1.20

50 1.51 1.29
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6. Coal-Based Systems

6.1 ASSESSMENT OF COAL RESOURCES, AVAILABILITY, AND COST
6.1.1 Resource Base ' :

.Coal deposits are widely distributed throughout the United States as shown in Fig. 6.1. The
coal resource base is estimated to be 3.21 X 10" tons,* equivalent in energy content to over 1000
years at the total energy consumption rate of the U.S. in 1970. Approximately one-half, or 1.56 X
10" tons, lies in beds more than 14 in. thick at depths of 3000 ft or less in mapped and explored

_areas. The distribution of the 1.56 X 10" tons by rank (type of coal) and by state is shown in Fig.
6.2. Of the total bituminous resource, two-thirds is located east of the Mississippi, with Illinois
containing the largest quantity of any state. Subbituminous coal is predominantly contained in the
Rocky Mountain states of Montana, Wyoming, and Colorado and in Alaska. New Mexico also has
substantial reserves. About 98% of the nation’s lignite is located in North Dakota and Montana.

6.1.2 Recoverable Reserves

The coal resource base described above does not constitute a usable resource because of both
technical and economic constraints. Coals considered to be available at present prices with present
technology are the measured and indicated reserves with 1000 ft or less of overburden and in beds of
thicknesses 28 in. or more for bituminous and anthracite and 5 ft or more for subbituminous and
lignite. On this basis,” available reserves total 394.1 X 10° tons (about one-eighth of the total
resource base) distributed by rank as follows: bituminous, 66%; subbituminous, 18%; lignite, 13%;
and anthracite, 3%. A breakdown of available reserves by rank and state is given in Table 6.1.

Of the 394.1 X 10° tons considered to be available, 45 X 10° tons are strippable; most of this
would be recoverable, since the .recovery factor for strip-mined coal exceeds 90%. For decp-mined
coal, however, the recovery factor with present mining practices is about 50%; so that of the 394.1 X
10° tons of deep-minable reserves, only about 175 X 10° tons are recoverable. The recoverable
reserves are equivalent to about 65 years at a rate of consumption equivalent to the total national
energy use in 1970.

Most of the low-sulfur coal is located in the western United States in the form of strippable
subbituminous coal and lignite. As shown in Fig. 6.3, of the 45 X 10° tons of strippable reserves,
about 25 X 10° tons are low-sulfur coal located in the Rocky Mountain states.®

6.1.3 Availability

It is evident that the coal reserves are adequate to meet almost any demand in the foreseeable
future. The limiting factors on the use of coal are (1) environmental constraints on mining and
combustion, (2) coal industry development, and (3) transportation.

65. Paul Averitt, Coal Resources of the United States, USGS Bulletin 1275, Jan. 1, 1967.
66. Strippable Reserves of Bituminous Coal and Lignite in the United States, Bureau of Mines Information Circular
8531, 1971. '
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Table 6.1. Total estimated remaining measured and indicated coal reserves
"(10° tons) of the United States as of Jan. 1, 1970%

Source: U.S. Energy Outlook — Coal Availability, p. 116, National Petroleum Council, 1973.

Anthracite and

State Bituminous Subbituminous Lignite semianthracite Total
Alabama 1,731 0 b 0 1,731
Alaska 667 5,345 c d 6,012
Arkansas 313 0 b 67 380
Colorado 8,811 - 4,453 0 16 13,280
Georgia 18 0 0 0 18
Illinois 60,007 0 0 0 60,007
Indiana 11,177 0 0 0 11,177
Towa 2,159 0 0 0 2,159
Kansas ’ 328 0 0 0 328
Kentucky (west) 20,876 0 0 0 20,876
Kentucky (east) 11,049 0 0 0 11,049
Maryland - : 557 0 0 0 557
Michigan 125 ] 0 0 125
Missouri 12,623 -0 0 0 12,623
Montana 862 31,228 6,878 0 38,968
New Mexico ’ 1,339 779 0 2 2,120
North Carolina e 0 0 0 b
North Dakota 0 0 36,230 0 36,230
Ohio 17,242 0 0 0 17,242
Oklahoma 1,583 0 0 0 1,583
Oregon : f I 0 0 f
Pennsylvania 24,078 0 0 12,525 36,603
South Dakota 0 0 757 0 157
Tennessee 939 0 0 0 939
Texas I 0 6,870 0 6,870
Utah 9,155 150 0 0 9,305
Virginia 3,561 0 0 125 3,686
Washington 312 1,188 0 0 1,500
West Virginia 68,023 0 0 0 68,023
Wyoming 3,975 25,937 c 0 29,912
Other states f f 46 0 46

Total 261,510 69,080 50,781 12,735 394,106

4Figures are reserves in ground, about half of which may be considered recoverable. Includes all
beds with less than 1000 ft of overburden and over 28 in. in bed thickness for bituminous and
anthracite and 5 ft or more for subbituminous and lignite.

bSmall reserves of lignite in beds less than 5 ft thick.

°Small reserves of lignite included with subbituminous reserved. ,

9Small reserves of anthracite in the Bering River field believed to be too badly crushed and folded
to be economically recoverable. ) '

®Negligible reserves with overburden less than 1000 ft.

Data not available to make estimate.

Environmental constraints

Most of the present concern is related to the effects of strip mining on land and water.
However, it should be noted that underground mining also has adverse impacts, including death and
injury rates approximately five times higher than those for strip mining.*’ The Coal Mine Health

67. Council on Environmental Quality, Energy and the Environment: Electric Power, August 1973.
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and Safety Act of 1969 set tighter standards to reduce the hazards of underground mining. A
side effect of the Act was a decrease in productivity and an increase in capital investments required
for deep mining. As a consequence, strip mining accelerated because of the improvement in the
relative competitive position of this form of mining. Strip mining now accounts for approximately
one-half of the total coal production. With the trend to more stripping and the vast devastation of
land ‘and water resources that have been experienced in some areas, many proposals, ranging from
improved reclamation practices to outright bans, have been made to reduce the adverse effects of
strip mining. Reclamation of strip-mined areas involves backfilling, compacting, soil conditioning,
regrading, and revegetation to achieve a natural appearance. Current estimates®”* for reclamation
range from $2000 to $6000 per acre, the latter figure corresponding to 20¢ to 30¢ per ton of coal (for
coal yields of 20,000 to 30,000 tons/acre). For western coal from thick beds, the surcharge for
reclamation might be only 3¢ to 4¢/ton. It would appear, if these figures are correct, that the issue in
strip mining is not reclamation costs, since the contribution to the cost of coal would be minor.
Rather, the issue seems to concern the question of what constitutes acceptable reclamation. There is
no reasonable way to restore stripped land to its original condition—only to a condition that some
would consider acceptable. Ultimately, society must make the judgment concerning benefits and
costs of surface mining. If, as some have suggested, surface mining were banned, the ability of coal
to satisfy a larger portion -of our nation’s energy needs would be seriously impaired. The National
Petroleum Council (NPC)™ estimated that the coal production would decline by over 40%, at least
until 1985, if stripping were banned. ‘

Coal production and coal processing in some western states pose additional environmental and
societal problems. Water use associated with strip reclamation, slurry pipelines, and, in particular,
coal gasification plants could be significant. Such use would be in direct competition with
established agricultural and industrial activities. The water question will be an important issue in the
expansion of the coal industry in the West.”!

Coal mining expansion

" The NPC™ estimated that a maximum growth rate of 5% year could be sustained by the coal
mining industry. This growth rate, and probably a higher figure, would seem to be supported by
historical evidence. Figuré 6.4 shows coal production over the period 1935 to 1970. In the years just
prior to and during World War II, underground mining increased at an average rate of 89/ year.
Since 1954, strip mining has increased at an average rate of 6.1%/ y¢ar. Potential limitations to
expansion include the availability of capital, equipment, and manpower. The NPC estimates that up
to $15 billion 1970 dollars in capital will be required over the périod 1970 to 1985, Although thisisa
significant sum, the capital required to mine the coal will be small relative to the capital needed to
use it. Much of the capital required for expansion must come from outside the industry, and
investors generally require long-term contracts for the output of a new mine before offering
financing. Present uncertainties concerning the possibilities of future restrictions on certain kinds of
mining and the environmental acceptability of certain types of coal encourage caution on the part of

68. Federal Council for Science and Technology, Committee on Energy R&D Goals, Panel Report on Extraction of Energy
Fuels, June 1972, '

69. C. L. Wilson, “A Plan for Energy Independence,” Foreign Affairs, pp. 657-175, July 1973.

70. U.S. Energy Outlook, Coal Availability, National Petroleum Council;1973.

71. Business Week, Feb. 9, 1974, p. 14a, “Letter from Powder River.” '
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lenders. Nevertheless, the availability of capital would not appear to be seriously restrictive relative
to the growth of the mining industry.

The time required to develop a new mine is a- definite limitation on the rate at which the coal
industry can respond to increased demands. It is estimated that the time required to develop a new
mine and bring it to full production is 5 years for a deep mine and 3 years for a surface mine.”
Delays in equipment procurement could increase these times. Examples of present equipment
procurement problems are new drag lines for stripping (lead times of 4 to 5 years) and roof bolts for
underground mines. Some believe that demands for heavy equipment will exceed the supply
capabilities of U.S. manufacturers and that some equipment will need to be imported.” Other
studies’ conclude that equipment delivery will pose no serious problem in expanding mining
capacity. Although there may be some near-term equipment delivery problems, it seems reasonable
that the long-term development of coal mining capacity will not be limited by equipment
availability.

Although there are differences in opinion on the question, it would appear that skilled
manpower may be one of the more serious limitations on the rate of mining expansion. The

72. Personal communication, Wilbur Helt, National Coal Association, T. D. Anderson, Oak Ridge National
Laboratory.

73. Personal communication, Zane Murphy, U.S. Bureau of Mines, T. D. Anderson, Oak Ridge National Laboratory.

74. Report of the Comell Workshops on the Major Issues of a National Energy Research and Development Program,
published by the College of Engineering, Cornell University, December 1973.

“
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National Coal Association (NCA) points out that, because of a period of stagnation in coal mining,
the present work force is concentrated in two age groups: over 45 and under 30. The 30- to 45-year
age group, which would normally be expected to fill leadership roles in an expanding industry, is
essentially missing. One specialty that is especially important for underground mining is mining
engineering, and mining engineers are in short supply.”

Transportation

Rail is by far the most important mode of transportation for coal, but water shipments are
significant and are increasing rapidly. Coal slurry (50 wt % water) pipelining may also become
important in the future, especially for western coals that must be transported long distances to
markets.”® ' : :

During the 1960s, rail coal traffic increases averaged 2.4%; year.”” A greater rate of expansion in
the future would seem to be required if coal is to play a more significant role in energy supply. The
railroad industry currently suffers from severe financial problems, and it is generally agreed that the
Federal Government will need to underwrite the necessary modernization and expansion of
railroads. The general financial problems of the rail industry have not had a noticeable effect on the
investment required for coal shipment; one reason for this is that some of the new investment for
coal cars and terminal facilities has come from outside sources, principally the electric utilities. Aside
from future financial problems, there is substantial room for improvement in existing investment.
For eXample, in 1968, open-top hopper (coal-carrying) cars spent only 7.7% of the time in line-haul
service (loaded and empty movement in trains).”” The trend to greater use of unit trains would be
expected to improve car utilization in the future.

Barge movement of coal, where applicable, is the most economical mode of transportation. A
significant portion of coal movement is by joint rail-water transportation. Long-haul movements are
the most rapidly growing portion of internal waterborne coal carriage. One of the more notable
long-haul movements is the carriage of southern Illinois and Ohio Basin coal to Gulf Coast
destinations such as New. Orleans, Galveston, and western Florida. Coal for coastal areas is
transported to New Orleans by barge and transshipped by oceangoing vessels. Transshipment™ in the
New Orleans area increased from 0.6 million tons in 1960 to 3.1 million tons in 1969. The NPC
believes that a serious impediment to long-haul coal movement is the inadequacies of locks at the
central interchange of six navigable rivers on the boundary of southern Illinois. The economic
capacity of these locks has already been exceeded, and, although construction of new facilities has
been initiated, the bottleneck will not be removed before the latter 1970s.

Transportation system expansion is particularly crucial if there is to be extensive usc of the vast

reserves of low-sulfur strippable coal in the west, especially in Wyoming and Montana.
Some expansion is in the planning stage. The Burlington Northern Railroad and the American

_Commercial Barge Line plan to develop a rail-to-barge coal terminal on the Mississippi River in

north St. Louis County.” The facility is expected to be completed in 1976 and will handle about 20
million tons of coal per year. Low-sulfur coal will be delivered to the terminal by unit train from
Wyoming and Montana and will ‘be transferred by barge to users served by the Mississippi River

75. The Potential of Coal to Meet the Energy Crisis, National C(_)al Association, Dec. 20, 1973.

76. E. J. Wasp and T. L. Thompson, “Slurry Pipelines—Energy Movers of the Future,” Oil Gas J. 71(52), 45-50 (Dec. 24,

1973). :
77. “Plans for 2 New Port Facilities Announced,” St. Louis Globe-Democrat, Jan. 30, 1974.
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and its tributaries. Other plans for pipelines into the midsouth and to Texas have been rumored, but
no confirmation is presently available.

~ 6.1.4 Demand

The NPC™ estimated that the demand for coal (Table 6.2) would grow from 590 million tons in .

1970 to 1 billion tons in 1985. As noted earlier, the NPC also estimated that the potential productive
capacity of the coal industry could increase by 5%)/year, resulting in a potential capacity of 1.57
billion tons in 1985. Thus, according to this view, there will be an excess of potential capability over
demand. . .
The NPC analysis was made before the energy supply disruptions of 1973. The general
viewpoint now is that the United States should strive for energy independence. One important
element that will contribute to energy independence is the substitution of coal for oil and gas where
it is feasible to do so. The industrial and utility sectors are the most adaptable to coal as a substitute
for other fossil fuels. To gain some insight into the effect of this substitution on coal demand, it is
assumed that the projected growth of fossil fuel use in the industrial and utility sectors after 1975
will be based on coal. Table 6.3 shows that this substitution would result in an increase in demand of
300 million tons per year by 1985; adding this increase to NPC’s original estimate would indicate a
total demand for coal of 1.3 billion tons in 1985. The NCA believes that the coal output in 1974 will
be 640 million tons. An increase in annual production from 640 million to 1.3 billion tons in 11 years
would imply an average growth rate of 6.4%/year. Thus, if the growth of industrial and electric
utility fossil fuel use is to be based on coal, the growth of coal production must exceed the maximum
rate of 5%/ year assumed by the NPC,

Table 6.2. Coal demand by market sector (10° tons/year)

1970 1975 1980 1985

Coking coal
Blast furnaces 86 102 110 116
Foundries and miscellaneous 10 10 10 10
Total 96 112 120 126

Domestic coal (U.S.) ’

Residential/commercial 10 7 5 3
Industrial 91 87 84 80
Electric utilities _ 322 415 525 654
Total 519 621 134 863

Export coal
Coking coal 56 76 94 120
Electric utility 15 16 17 18
Total n 92 111 138
Total” 590 713 845 1001

2These quantities are less than the total demand figures shown in
the NPC’s U.S. Energy Outlook: An Initial Appraisal 19711985, vol.
1 (July 1971), because they do not include “Assumed Replacement for
Shortfall in Other Fuel Supplies.” The added quantities for coal, in
terms of tons of coal, would be 30 million tons in 1975; 65 million tons
in 1980; and 70 million tons in 1985.
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Table 6.3. Effect of substituting coal for petroleum and natural gas
for industrial and electric utility uses on coal demand

Annual energy consumption®

(1012 Btu) Coal equivalent
: °£ increase
ncrease 10° tons/year)
1975 1985 1975 1ggs
Petroleum 10,090 15,780 5,690 247
Natura! gas 15,540 16,690 1,150 50
Total 25,630 32,470 6,840 297

2Projections from United States Energy Through the Year 2000,
U.S. Department of Interior, December 1972.

6.1.5 Coal Costs
Coal values at mine

Trends, past and present. ‘After a long period of stability, the price of coal started rising signifi-
cantly after 1969. From 1965 through 1969, the U.S. average price (f.0.b. mine) of coal sold on the open
market was about 25¢/10° Btu (constant 1974 dollar basis).”®” By 1972, the average price had risen
to about 35¢/10° Btu. Figure 6.5 shows the price trends through 1972, the last year on which
complete data are available. The U.S. average prices tend to reflect the value of coal mined east of
the Mississippi. Also shown in Fig. 6.5 are prices for subbituminous coal and lignite produced in
selected western states; generally, prices for western coal have tended to decline with time—at least
through 1972,

The data of Fig. 6.5 are based on reports by the U.S. Bureau of Mines’* and the National
Coal Association.””®' Modifications to the original data were made to convert from cost per unit
weight to cost per unit energy and to convert to a constant 1974 dollar basis. Although the heating
value of coal varies substantially even within a given rank, the following values, used by the NPC,”®

were adopted for this study:

Heating value
Rank (10° Btu/ton)
Bituminous - 23
" Subbituminous ] 17
Lignite L 13.5

Price adjustments to January 1974 were made using the wholesale price index for industrial
‘commodities. _ '

» Although there are no compilations of current coal prices, it is evident from various reports that
coal prices, along with those of other fuels, rose dramatically in late 1973 and early 1974.

78. U.S. Bureau of Mines, Mineral Yearbook 1971, vol. 1, “Metals, Minerals, and Fuels.”

79. National Coal Association, Bituminous Coal Data—1970 Edition, March 1971,

80. U.S. Bureau of Mines, “Coal-Bituminous and Lignite in 1972, Mineral Industry Surveys, Nov. 15, 1973.
81. National Coal Association, Bituminous Coal Facts—1972.
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The Tennessee Valley Authority (TVA)® reports that prices range from $8 to $30 per ton (f.0.b.
mine), depending on the type of contract, quality of coal, and location. A reasonable range for
high-sulfur (3 to 4%) strip-mined coal from western Kentucky and southern Illinois is $12 to $18 per
ton (f.0.b. mine) or 50¢ to 75¢/10° Btu. Coal purchases® for AEC plants in Kentucky and
Tennessee made in the fall of 1973 were at a price of $9.75/ton. Recent (January 1974) prices were
about $15 per ton (3.4% sulfur, 12,500 Btu/Ib) or 60¢/10° Btu. The South Carolina Public Service
Authority reported® a coal price increase of 39% in the last five months of 1973. As of Jan. 1, 1974,
the delivered price was $17.25 per ton. After allowing for transportation, the mine price is inferred to
be $12 to $14 per ton. Public Service Electric & Gas Company (New Jersey) (PSE&G) paid an
average of $25.36 per ton for low-sulfur coal delivered during January 1974.% This represented a
449, increase from the average price in October 1973. The range on January 1974 delivered prices
paid by PSE&G was from $22.90 per ton for coal under contract to $29.51 per ton for spot
purchases. These figures suggest a mine price of $18 to $25 per ton for eastern low-sulfur coal.

~ Recent data available on western coal prices are sketchy. Nebraska Public Power District
purchased Colorado and Wyoming low-sulfur coal for 55¢ to 62¢/ 10° Btu (delivered) during
October and November 1973. Allowing $5 per ton for dehvery to plants at Lincoln and Bellvue, the
derived mine cost would be 30¢ to 43¢/10° Btu.

November 1973 purchases by Black Hills Power and Lighting®’ of subbituminous low-sulfur
coal from Wyoming for plants at Osage, Wyoming, and Lead, S.D., ranged in delivered prices from
20.3¢ to 32.8¢/10° Btu. Since the power plants are relatively near coal fields, the transportation cost
would presumably be on the order of S¢/10° Btu. Recent delivered prices®’ of lignite at plants in
North Dakota and Montana ranged from 11.6¢ to 28.7¢/10° Btu. Since these power plants are near
the lignite deposits, the transportation component of the delivered price should be small. The general
impression is that western coal prices have not increased as substantially as those for eastern coal.

Representative prices derived from the sources described above, shown in Table 6.4, range from
18¢/10° Btu for western lignite to 86¢/10° Btu for eastern low-sulfur bituminous coal. In

86,87

82. Personal communication, Frank Alford, TVA Chattanooga, T. D. Anderson, Oak Ridge National Laboratory, Feb.
15, 1974.

83. Personal communication, Marvin Schwenn, Union Carbide Nuclear Division, Oak Ridge, Tenn., T. D. Anderson,
Oak Ridge National Laboratory, Feb. 15, 1974.

84. Public Power Weekly Newsletter, published by American Public Power Association, No. 74-04, p. 4, Jan. 25, 1974.

85. “Soft Coal Prices Soared 118. 5% in 3 Months, Marginally Efficient Mines Are Reopening,” The Wall Street
Journal, Feb. 8, 1974.

86. Weekly Energy Report, Vol. 2(3), Jan. 21, 1974.

87. Electrical Week, Feb. 11, 1974,

Table 6.4. Representative prices (f.0.b. mine) for coal as of first quarter 1974

H:;t::g Cost ($/ton) _ Cost per 10° Btu (¢)
(Btu/lb) Value Range Value Range
Bituminous (eastern) ’
High sulfur (>3%) 11,500 14 . 10-18 60 43-78
Low sulfur (<1%) 11,500 20 16-25 86 69-108
Subbituminous (western) - -
Low sulfur (~0.5%) 8,500 4.25 3.40-6.80 25 20—40
Lignite (western) '

Low sulfur (~0.5%) 6,750 2.50 1.60-3.25 18 12-24
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determining the future applicability of coal to industrial and other uses, it is necessary to judge
whether the recent large price increases for eastern coal represent a response to a short-term
supply-demand situation or whether they are permanent. This question is examined in the following
section.

Future prices. The usual response of coal industry representatives to the question of future
prices of coal is that coal will be competitive with alternative sources of energy. In other times this
observation might be useful, but with the present fluid situation on supply and price of other fuels,
particularly petroleum, the analysis of kcompetitive positions of various fuels is highly speculative.
Nevertheless, one point of competition for energy that is reasonably well defined is the electric power
industry. Most projections assume that nuclear and coal will be the basic fuels used in the future
expansion of the power industry. The cost of nuclear electric power should therefore influence the
price .of coal. A . cost study was made of central station nuclear and coal plants to determine
break-even prices for coal (i.e., the price of coal that would result in coal-fired central station plants
being competitive with nuclear). The basic cost assumptions used in the analysis are shown in Table
6.5.

Results for base-loaded (80% plant factor) plants are given in Table 6.6, For a coal-fired central
station plant burning high-sulfur coal with stack-gas sulfur-removal equipment, the 1974 break-even
value of coal is 24¢/ 10° Btu ($5.50/ton) delivered to the power plant. The break-even value would be
expected to increase to 50¢/ 10° Btu ($11.50/ ton) By 1991. For a plant using low-sulfur coal and no stack-
gas sulfur-removal equipment, the break-even values are 49¢ and 75¢/10° Btu for 1974 and 1991
respectively. These figures indicate that the delivered value of low-sulfur coalis 25¢/ 10° Btu greater than
that of high-sulfur coal.

For power plants constructed to meet intermediate-load demands (40% plant factor), the

competitive position of coal is considerably improved, as indicated in Table 6.7. The delivered
break-even value for high-sulfur coal is 46¢/10° Btu in 1974 and increases to 87¢/10° Btu in 1991.

Table 6.5. Economic data for 1300-MW(e) central station coal
and nuclear plants (1974 cost basis)

Coal-fired plant
Cost item Light-water With Without
feactor stack-gas stack-gas
cleanup cleanup
Capital investment (10° §) 546 . 450 385
Annual O&M costs (106 $) excluding fuel
Fixed - 4.48 7.1 5.75
Variable? 1.90 12.82 3.36
Total 6.38 19.92 9.11
Fuel cost? (¢/10° Btu)
1974 startup 19.0 13)?
1981 startup 31.0 (20)° Variable
1991 startup 41.0 23)°
%Based on 80% plant factor.

BCosts related to burnup.
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Table 6.6. Estimated break-even value of coal in competition with central station
base-loaded (80% plant factor) nuclear plam“

Year of startup

1974 1981 1991
Nuclear p;ant annual costs (10° $)
Capital 87.36 87.36 87.36
Fuel ) 18.22 30.52 40.36
o&M 6.38 6.38 6.38
Total 111.96 124.26 134.10
Coal plant annual
costs with stack-gas cleanup (106 $)
Capital : 71.97 71.97 71.97
O&M 19.92 19.92 19.92
Subtotal 91.89 91.89 91.89
Available for fuel 20.07 32.37 42.21
Coal plant annual costs without stack-gas cleanup (106 $)
Capital 61.60 61.60 61.60
0&M 9.11 ] 9.11 9.11
Subtotal 70.71 70.71 70.71
Available for fuel 41.25 53.55 63.39
Break-even value of coal (delivered) (d/lO6 Btu)
High sulfur ; 239 38.5 50.2
Low sulfur 49.1 63.7 754
9Both coal and nuclear plants assumed to be 1300 MW(e).
b16% fixed charge rate on depreciating capital.
Table 6.7. Estimated break-even value of coal in competition with central
station intermediateoad (40% plant factor) nuclear plant®
Year of startup
1974 1981 1991
Nuclear plant annual costs o s)
Capital 87.36 87.36 87.36
Fuel 12.00 20.67 29.04
o&M 543 543 543
Total 104.79 113.46 121.83
Coal plant annual costs with stack-gas cleanup (106 $) o '
Capital : 71.97 71.97 71.97
o&M 13.51 13.51 13.54
Subtotal 85.48 85.48 85.48
Available for fuel 19.31 27.98 36.35
Coal plant annual costs without stack-gas cleanup (¢} o® $)
Capital 61.60 61.60 61.60
o&M ) 7.43 7.43 7.43
Subtotal 69.03 69.03 69.03
Available for fuel 35.76 44.43 52.80
" Break-even value of coal (delivered) (¢/ 10% Btu)
High sulfur - 46.0 66.6 86.5
Low sulfur 85.1 105.7 125.7

@Both coal and nuclear plants assumed to be 1300 MW(e).
b16% fixed charge rate on depreciating capital.




156

Values for low-sulfur coal are 85¢ and $1.26 per 10° Btu for 1974 and 1991 respectively. For
intermediate-load central station plants, low-sulfur coal is 39¢/10° Btu greater than high-sulfur coal.

The break-even delivered coal values are summarized in Table 6.8, which also includes
estimated mine values for both eastern bituminous coal delivered to eastern power plants and
western subbituminous coal and lignite delivered to eastern power plants. Mine values were derived
using transportation costs of $2 and $10 per ton for eastern and western coal respectively. The
eastern coal mine values are applicable to power plants located reasonably close (on the order of 200
miles) to coal fields. Western coal values might be applicable to power plants located on the middle
to lower Ohio River. _

Another source of information on possible future coal prices is the study made by the NPC.”
They developed economic models for surface and deep mining applicable to coal produced east of

the Mississippi. For deep-mined coal, and assuming a 15% discounted cash flow rate of return, the

results indicated a sharp rise in price to the mid 1970s, leveling out at about 50¢/ 10° Btu (adjusted to
January 1974 dollars). Surface-mined coal would rise at a lesser rate but over a longer period of
time, reaching about 36¢/ 10° Btu by 1985.

Figure 6.6 summarizes the projections of the NPC, the break-even values estimated in the
present study for high-sulfur eastern coal, historical trends in average coal prices, and early
1974 representative prices. Figure 6.7 presents similar data for western low-sulfur subbituminous
coal. For eastern high-sulfur coal, it is concluded that the current price levels cannot be sustained if
coal is to make a significant contribution to new central station power generation. On the other
hand, it is also evident that prices will not fall low enough, at least in the foreseeable future, so that
eastern high-sulfur coal will be competitive with nuclear plants for base-load central station power
generation; competitive price levels of coal for this application would not give adequate profitability
even for strip-mined coal. For purposes of the present study, a base price (f.0.b. mine) of 50¢/10°
Btu, with a range of 40¢ to 60¢/ 10° Btu, was assumed, since this price level would appear to give an
adequate return and still allow some degree of competitiveness with nuclear for non-base-load power
generation.

Table 6.8. Summary of break-even values (¢/10° Btu) for coal in competition
with nuclear for central station power generation in eastern markets

Base load Intermediate load
1974 1981 - 1991 1974 1981 1991

Delivered values
High sulfur 24 39 50 46 67 87
Low-sulfur 49 64 75 85 106 126

Values at mine
Eastern coal?

High sulfur 15 30 42 37 58 78

Low sulfur 40 55 67 76 97 117
Western coal

Subbituminous (low sulfur) 0 5 16 26 47 67

Lignite (low sulfur) 0 0 1 11 32 52

“Transport of eastern coal to eastern markets assumed to be $2 per ton.
bTransport of western coal to eastern markets assumed to be $10 per ton.
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Fig. 6.6. Eastern high-sulfur coal values—trends and projections.

Concerhing western low-sulfur coals, it appears that (1) lignife is not of great interest for distant
markets because of high transportation costs and (2) subbituminous coal will have a reasonable

"amount of non-base-load use at prices near current levels. For the present study a base price (f.0.b.

mine) of 30¢/10° Btu, with a range of 24¢ to 36¢/10° Btu, was assumed.

Transportation cost

Long-distance movement of coal is by rail, barge, and, in one case, pipeline. Rail is by far the
most important form of transportation, but barge movement on inland waterways is significant.
Coal slurry pipelines are expected by some to become an important mode of transportation,
especially for moving western coals to regions of high energy use.

Rail. The average cost for coal shipment by rail is about 10 mills/ ton-mile.”® Rates are
influenced by a number of factors, the most important of which are (}) distance, (2) volume, and (3)
mode of shipment (by individual cars or by unit train). TVA data® for one particular power plant,
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Fig. 6.7. Western low-sulfur subbituminous coal values—trends and projections.

located approximately 100 miles from the mine, indicate rates of about 14 mills/ton-mile for
individual cars and 13 mills/ton-mile for unit train. In a study of coal pipelines, Wasp and
Thompson’® suggested 5 to 6 mills/ton-mile for long-haul unit trains. The NPC" indicated a rate of
5 mills for some unit-train hauls. The 1970 National Power Survey® presented a range of 3.5 to 8
mills/ton-mile for unit train and 1.5 to 4 mills for integral coal trains. Burlington Northern’s
estimate, as reported by Oak Ridge National Laboratory (ORNL),*” for unit train transport of
western coal from Gillette, Wyo., to St. Louis, Mo. (1074 miles), is $5.94 per ton or 5.5
mills/ton-mile. '

For evaluation purposes, it is assumed that short-haul (~100 miles) rail transport would cost 13
mills/ton-mile with a range of 10 to 15 mills/ton-mile. Long-haul (500 miles) rates were assumed to
be 5.5 mills/ton-mile with a range of 4.5 to 6.5 mills.

Barge. United States average barge rates are reported’® to be 3 mills/ton-mile and, with
large-volume contracts, as low as 2.5 mills. An ORNL study89 indicated a rate of 3.5 mills/ton-mile
for barge shipment of coal from St. Louis, Mo., to Madison, Ind. In the present study, a base rate of
3 mills/ton-mile, with a range of 2.5 to 3.5 mills, is assumed. :

88. The 1970 National Power Survey— Part I1I, Federal Power Commission, p. I11-3-118, 1970.

89. C. L. Bazelmans et al., Study of Options for Control of Emissions from an Ex:snng Coal-Fired Electric Power
Station, ORNL-TM-4298. ) .
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Pipeline. Wasp and Thompson’® derived slurry pipeline costs for various transport distances
and capacities. For a 1000-mile pipeline, estimated costs ranged from 3 mills/ton-mile for a capacity
of 18 million tons/year to 6.5 mills/ton-mile for 6 million tons/year. A representative value of 4
mills, with a range of 3 to 6.5, was selected for the pi'esent study.

Unit cost summary. Basic unit transportation cost data for long hauls assumed for the present
study are summarized in Table 6.9. The costs (¢/10° Btu) for 100 miles of movement for three
ranks of coal were derived using assumed heating values discussed previously.

Delivered coal costs

Cost estimates of various coals delivered to the Houston, Tex., and New Orleans, La., areas are
shown in Table 6.10. These data were derived using previously discussed assumptions concerning
coal and transportation costs. The source of eastern coals was assumed to be either southern Illinois
or western Kentucky. Coal would be transported from the mine by rail (50 miles) and transferred to
barge for delivery via the Mississippi River to New Orleans (1000 river miles) or to Houston (1500
miles). Western subbituminous coal was assumed to originate in Wyoming and be shipped to St.
Louis by unit train (1100 miles), transferred to barge, and shipped to New Orleans (1075 miles) or

Table 6.9. Coal transportation costs for various modes
of long-haul movement

Cost per 100 miles (¢/10° Btu)
Coal type Unit train Barge - Pipeline
Base Range Base ©~ Range Base Range

Bituminous 24  20-28 13 1L1-15 17  13-28
Subbituminous =~ 3.2  2.6-38 1.8 1.5-21 24  1.8-38
Lignite 41 - 33-48 22 19-26 30 22-48

Table 6.10. Cost of coal delivered to New Orleans and Houston areas®

Cost (¢/10° Btu)
: Coal - Total delivered
. 0a cost
Transportation (f.0.b: mine)
: Base - Range
Eastern high-suifur coal o C -
To New Orleans area . . 18 50 68 55-81
To Houston area o 24 ) 50 74 6088
Eastern low-sulfur coal _
“To New Otleans area : ©.18 ~ 80 98 85-110
To Houston area . 24 - - 80 104 90-118
Western subbituminous coal . ) :
To New Orleans area 57 . 30 87 71-103
To Houston area o : '
Via New Orleans 66 30 96 78-114

Direct unit train 45 30 75 60-89

9First quarter 1974 prices.
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Houston (1575 miles). An alternative for the Houston area is shipment by unit train directly from
Wyoming (1400 miles).

6.2 CONVENTIONAL FIRING WITH COAL

6.2.1 Low-Sulfur Coal with Conventional Boilers 4

Low-sulfur eastern and western coals may be used to fire steam boilers with no special stack-gas
cleaning required, since sulfur dioxide (SO,) emissions generally do not exceed the Environmental
Protection Agency (EPA) standard of 1.2 1b per 10° Btu heat input. However, particulate-removal
equipment, usually an electrostatic precipitator, will be needed to meet the requirement of 0.1 Ib/ 10°
Btu set by EPA. :

A wide selection of coal-fired boilers is offered by U.S. manufacturers which will produce steam
at various temperature and pressure conditions of interest for most industrial applications in sizes
ranging from a few hundred pounds per hour to several million pounds per hour. Boilers employing
either spreader-grate or pulverized-coal firing are offered in sizes up to about 0.5 X 10° 1b of steam
per hour. Larger boilers are conventionally fired with pulverized coal.

 Eastern coals generally have a higher ash content (some up to 20 wt %) than western coals
(typically 4 to 8 wt %); consequently, ash-handling and disposal costs will be higher for most eastern
coals. Western coals generally have a higher moisture content, 12 to 37 wt % (eastern coals 1 to 6 wt
%), and lower Btu content (8500 Btu/Ib) than eastern coals (11,500 to 14,500 Btu/1b). Thus the type of
coal used will influence the design and cost of boiler equipment.

Coal sized for spreader-grate firing may not be readily available in some sections of the
country, since relatively few mines have appropriate equipment to produce this size coal.

For estimating purposes, a cost of $20 to $25 per pound of steam generated per hour appears
reasonable for the installed capital cost of a complete coal-fired boiler plant in the size range of 1 to
3 X 10° Ib/hr using pulverized coal. Most steam plants built in temperate climates, such as the
southwest and south central states, require only minimum shelter for protection against winter
weather. Retrofitting an existing gas- or oil-fired boiler to use coal is generally not practical.

6.2.2 Conventional Boilers with Stack-Gas Treatment

Environmental Protection Agency standards for new fossil-fuel-fired steam generators require
that sulfur dioxide emissions in stack gases not exceed 1.2 Ib per 10° Btu heat input (max 2 hr
average) when solid fossil fuel is burned. This is equivalent to 0.7% sulfur for bituminous coal.
Consequently, any coal containing more than about 0.7% sulfur which is to be used for firing a
steam generator will necessitate some form of sulfur removal, either from the coal before it is burned
or from the stack gas.

- Over 100 stack-gas scrubbing processes have been proposed; however, only about a dozen have
reached the pilot plant or demonstration stage; These processes may be divided into three broad
groups: throwaway scrubbing, regenerable scrubbing, and dry processes.

Almost all the scrubbing processes remove SO; (an acidic gas) with an aqueous solution or .
slurry of alkaline material. These processes require a scrubber with liquid recirculation and mist
elimination, gas fans, ductwork and dampers, and gas reheat to restore plume buoyancy. If fly-ash
particulates are not removed by an electrostatic precipitator, the scrubber system generally must be
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expanded to allow for particulate as well as SO, removal, especially with regenerable scrubbing,
because particulates are usually unacceptable in the regeneration system.

The scrubbing processes all require alkali-handling systems to provide for alkali makeup and
for product recovery or disposal. The throwaway processes generally dispose of removed sulfur as
a waste sludge of calcium salts and require greater than stoichiometric input of alkali. Since the
regenerable processes convert product solutions or solids to sulfur or sulfuric acid and recycle alkali,
very little alkali makeup is required. ‘

6.2.3 Throwaway Scrubbing

The lime and limestone slurry scrubbing processes have the greatest commercial appeal to the
U.S. utilities. The flue gas is scrubbed with a 5 to 15% slurry of calcium sulﬁte/s;ulfate containing
small amounts of continuously added lime (CaO) or limestone (CaCQ;). The solids are
continuously separated from the slurry and usually disposed of in a settling pond. The processes are
complicated by simultaneous dissolution and crystallization of the solids in the scrubber. Calcium
scaling and plugging can occur in the scrubber and demister, and sufficient residence time and liquid
recirculation must be provided for reaction of the solids with SO,. In addition, the high solids
concentration tends to cause equipment erosion and corrosion. Not the least of the problems is
disposal of the “solid” waste, usually a sludge “mud” composed of tiny crystals and containing about
50% water with dissolved calcium and trace metals from the fly ash.

The lime/limestone scrubbing processes are being offered by a number of developers, and
systems are being planned and constructed for over 20 plants.”

A number of developers are workmg on double-alkali systems, which regenerate the scrubbing
solution by reacting it with lime or limestone to form waste calcium sulfite/sulfate sludge and recycle
alkaline solution. The waste solids should be washed to remove dissolved sodium salts, but otherwise
they present the same waste disposal problem as slurry scrubbing. The highly efficient sodium alkali
solution permits use of very simple scrubbers, such as single-stage venturis, to remove both SO, and
particulates. General Motors Corporation and Caterpillar Tractor Company are designing and
constructing industrial boiler applications of double-alkali systems using lime regeneration. Major
development of limestone regeneration has been carried on by Showa Denko and Kureha in Japan.
A 200-MW Japanese system was scheduled to start up in 1973. EPA is supporting pilot plant work
by A. D. Little to generate design data on alternate double-alkali processing schemes.

Chiyoda of Japan has developed a throwaway scrubbing process with a different mode of SO
removal. The SO; is absorbed in dilute sulfuric acid containing ferric ion, which complexes with it.
In a separate vessel, the retained SO, is air-oxidized to sulfuric acid. The product stream of dilute
acid is neutralized with lime or limestone to form a high-quality large-crystal-size gypsum product
that is easily disposed of and may even be marketable. The system has been tested on an oil-fired
boiler and with simulated coal fly-ash impurities. One commercial system is operating in Japan, and
several more are under construction.

6.2.4 Regenerable Scrubbing

The three basic techniques for regeneration of a spent alkali scrubbing solution or slurry are (1)
direct thermal treatment to produce SOz, (2) acid decomposition of the alkali to SO, and sulfates
followed by secondary conversion of the sulfates to acid and alkali, and (3) direct reaction of the
scrubbing solution with hydrogen sulfide (H2S) or CO to produce sulfur or H,S. Thermal treatment




162

is the most direct approach and is also better developed. Reaction with H,S or CO will probably be

the most cost-effective approach, since it can directly produce sulfur rather than SO;.
Many of the regenerable processes produce concentrated gaseous SO, as an intermediate

product. Conversion of the SO; to sulfuric acid is straightforward via reaction with air.in a contact
acid process, but conversion to sulfur is more difficult. Allied Chemical Company has successfully
operated a very large plant (500 tons/ day) that produces sulfur by reaction of methane with a
smelter gas containing 15% SO; at temperatures greater than 816°C (1500°F). The primary reactor
is followed by a secondary cleanup Claus system reacting residual H,S and SO; to sulfur. The
process should work equally well on gases containing 95% SO,. Another approach involves reacting
SO, with H; at 371°C (700°F) to form H,S, followed by reaction of the remaining SO, with H.S in
a Claus system. Sulfur can also be produced by reaction of SO, with CO at 371°C (700°F).
Regenerable processes that produce H,S can use the conventional Claus technology to make sulfur.

The Wellman-Lord process uses direct thermal regeneration of sodium sulfite/bisulfite
scrubbing solution. The solution is completely evaporated to crystallize sodium sulfite for alkali
makeup and to generate water vapor containing the removed SQ,. The SO; is concentrated to 95%
by ‘condensation of the water. Heat at 121°C (250°F) for the evaporator can be supplied by
low-pressure turbine steam or a heat pump. Residual sulfate formed by SO; pickup or oxidation in
the scrubber cannot be regencrated and is usually purged as sodium sulfate solids containing 5 to
10% of the sulfur removed from the stack gas. ‘

Wellman-Lord systems have been treating stack gas from asulfuric acid plant since 1970 and
from a Claus plant (sulfur recovery) and oil-fired boiler since 1971 (in Japan). Two new units
treating sulfuric acid and Claus tail gas are being started up in the U.S. EPA is co-funding a
100-MW utility demonstration with Northern Indiana Public Service that is due to start up in late
1974. The demonstration will incorporate production of sulfur by the Allied Chemical process.

The magnesium oxide (MgO) scrubbing process, developed in the U.S. by the Chemico
Corporation, differs from the lime scrubbing system in that MgO slurry is used as the absorbent.
The spent slurry is treated to recover the MgO for reuse, and by-product sulfuric acid is produced.
As described by Chemico, the spent slurry from a number of plants would be processed at a central
location, and the regenerated MgO would be returned to the user. They believe that the sale of
sulfuric acid would pay for the reduction step and still give a satisfactory return on investment to the
user.

With EPA co-funding, Chemico has constructed a MgO scrubbing system for a 150-MW
oil-fired boiler at Boston Edison Company. The calciner and acid plant are located at Rumford, R.I.
A similar system has been constructed for Potomac Electric Company for a coal-fired boiler that
will also use the calcining facilities at Rumford. Operation of the system at Boston has demonstrated
utilization of the recycled MgO and better than 90% SO removal, although numerous minor
problems have been encountered with handling of solids. |

The Stone & Webster/ Ionicsand the NHj-bisulfate processes use acid decomposition. The spent
alkaline solution (mostly bisulfite salts) is reacted with strong bisulfate acid to produce concentrated
SO, gas and sulfate salts. The Stone & Webster/ Ionics process uses electrolysis to convert sodium
sulfate solution to sodium hydroxide and sulfuric acid (or sodium bisulfate), and the NH;-bisulfate
process uses thermal decomposition of molten ammonium sulfate to ammonium bisulfate and NH;.
Sulfates produced in the scrubbers cannot be regenerated by acid decomposition, but they can be
removed by neutralizing a portion of the bisulfate acid with limestone to produce gypsum waste. If

sulfuric acid is produced from the SO;, the Stone & Webster/ Ionics process can purge sulfates as

dilute sulfuric acid for acid plant water makeup. EPA and Wisconsin Electric Company are
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currently co-funding a pilot plant demonstration of the Stone & Webster/Ionics process.
Tennessee Valley Authority has piloted ammonia scrubbing and acid decomposition. However, NH;
scrubbing has a problem with the formation of an ammonium salt particulate fume that escapes
from the scrubber. "

6.2.5 Dry Processes

Dry processes remove SO, at temperatures in excess of 93°C (200°F) and require no reheat of
treated gases as is required with scrubbing systems. Systems operating above 149°C (300°F) require
power plant modifications to produce hot gas. Most of the systems produce sulfur or sulfuric acid.

Catalytic oxidation of SO, at 454 to 482°C (850 to 900°F) will permit its removal as 75 to 80%
sulfuric acid at 149°C (300°F). The Monsanto Company Cat-Ox process effects this conversion
-using an extrapolation of contact acid technology. The flue gas must be cleaned in a high-efficiency
electrostatic precipitator to prevent plugging of the catalyst bed. Hot gas would be taken from the
boiler at ~454°C (850°F). The power plant economizer and air heater would be incorporated in the
Cat-Ox process between the catalyst bed and the acid absorber, and a high-temperature precipitator
would remove particulates at 454°C (850°F). The treated gas containing SO; is scrubbed with
recycled acid to produce 80% sulfuric acid. It is expected that the system will require 3-day
shutdowns every 3 months to clean the catalyst of residual particulate. Monsanto operated a 15-MW
prototype of the process from 1967 to 1969,

Activated carbon readily oxidizes SO; and absorbs it as H:SOs at 93 to 149°C (200 to 300°F).
The three approaches of carbon adsorption processes differ in their means of regeneration. The
processes developed by Hitachi and Lurgi wash the loaded carbon with water to produce dilute
sulfuric acid that can be neutralized with limestone to give high-quality gypsum. Systems developed
by Reinluft, Sumitomo, and Bergbau-Forschung drive off 10 to 30% SO by thermal treatment at
260 to 371°C (500 to 700°F). With EPA funding, Westvaco is developing regeneration at 149°C
(300°F) by H,S to produce sulfur on the carbon. The carbon is heated to remove one-fourth of the
sulfur and treated with hydrogen at 538°C (1000°F) to generate H,S for recycle to the sulfur
generation.

Hitachi and Sumitomo both have large prototype installations in Japan, and the Lurgi Sulfacid
process is being used on a number of small industrial sources in Germany. Since none of the
processes have been used with coal-fired flue gas, there are uncertainties as to the effect of fly ash.
All these systems suffer from attrition of carbon adsorbent, though quantitative requirements have
yet to be established. '

The Royal Dutch Shell group has developed a process utilizing the oxidation of SO, by copper
loaded onto alumina to copper sulfate at approximately 730°F in reactors designed especially to
contend with particulates. The process is cyclic; regeneration with hydrogen takes place at the same
temperature to produce a concentrated SO, stream which can be recovered-as such, oxidized to
sulfuric acid, or further hydrogenated in part to H,S and fed to a Claus unit. A commercial
installation was made on an oil-fired boiler in Japan in 1973, and a demonstration unit is in
operation in Tampa, Fla., using flue gas from a coal-fired boiler. The process is offered for license
by Shell’s licensing agent, Universal Oil Products Company.

Esso and Babcock and Wilcox (B&W) have developed a similar prbcess ‘using fixed-bed
adsorption. No details have been released, but their process is probably similar to the Shell system’
or the alkalized alumina system worked on by EPA and the Bureau of Mines in the late sixties. A
utility is considering demonstration of the Esso-B&W system.
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The molten carbonate process absorbs SO: in a molten eutectic of lithium, sodium, and
potassium carbonates at"427°C (800°F). The absorbed SO; is reduced to sulfide with carbon or Hz
reductant at 816°C (1500°F), and H,S is stripped from the melt with CO, at 538°C (1000°F). The
melt is returned to the scrubber, and the H,S is converted to sulfur. Atomics International developed
this process with EPA funding and is constructing a 10-MW prototype with the funding of a group
of northeast utilities. None of the commercial applications are being designed for greater than 90%
removal, but some of the processes could potentially get up to 99% removal, which may'be required
to control ambient sulfate particulates. '

Lime scrubbing and the Wellman-Lord processes appear to be about ready for widespread
commercial application, with a number of processes with existing or planned application not far
behind (e.g., Stone & Webster/ Ionics). An even greater number of processes have no commercial
applications planned and can therefore have little impact on ineeting the ambient air quality
standards for SO, in the near future. Table 6.11 summarizes the various processes and their state of
commercial development.

Table 6.11. Comparative levels of development ~ commercial systems

Representative commercial

Process applications Technology gaps
Lime scrubbing 25 MW oil — 1970 Scaling and plugging
150 MW coal — 1972 Erosion
430 MW coal ~ 19719 Waste disposal
Catalytic oxidation 100 MW coal — 19724 Effect of particulate,
flue gas reheat
MgO scrubbing 150 MW oil — 19729 Demo sulfur production
125 MW coal — 1973 Solids handling
Wellman-Lord Acid and sulfur plants Na; SO4 purge reduction
70 MW oil — 1971 Demo sulfur production
100 MW coal — 1974
Double alkali BaSOg4kiln — 1971 Waste disposal
40 MW coal - 1973 Solids handling
200 MW oil — 1973
Carbon adsorption 150 MW oil — 1972, Particulate handling
(dilute H,504) German industrial applications
Carbon adsorption 60 MW oil ~ 1972 Carbon attrition,
(15% S0,) particulate handling
T uo adsorption 50 MW oil - 1973 Effect of particulate

operation on coal

2These systems have not yet successfully started up.

6.2.6 Environmental Impact

Generally, all the systems can achieve 90 to 95% SO- removal, so this is not a valid consideration
for ranking. Table 6.12 ranks the systems primarily on the basis of the form of the sulfur product. In
order of increasing environmental insult, the products are elemental sulfur, sulfuric acid, gypsum
(CaS0q), and calcium sulfite/sulfate sludge. Sulfuric acid is less desirable than sulfur because it is
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Table 6.12. Comparative environmental impact

Products and waste

Process per ton of sulfur abated
MgO scrubbing ) 3 tons Hy 804 (100%)
or 1 ton sulfur
Regenerable adsorption - 1 ton sulfur;
(carbon or CuQ) . 0.01-0.20 ton spent adsorbent
Regenerable sodium alkali scrubbing 0.95 ton sulfur;
. ) 0.25 ton Na»S04 or CaSO,4
Regenerable ammonia scrubbing 0.95-1.0 ton sulfur;
‘ , 0.0-0.15 ton (NH4)2504;
NHj and fume air emissions
Catalytic oxidation - 3 tons H, S04 (80%)
Acid neutralization 5.5 tons dry CaSO4
(Chiyoda or Hitachi carbon)
Lime throwaway scrubbing 6—9 tons CaS03/S04
(slurry or double alkali) wet sludge
Limestone throwaway scrubbing 8-13 tons CaS03/S04

wet sludge

more difficult to ship and market and is not a disposable waste. Calcium sulfite/sulfate sludge is
least desirable because of its chemical oxygen demand and large volume per ton of sulfur. Other
considerations of environmental impact include the quantity and quality of waste materials from
sorbent degradation. :

The MgO scrubbing system is the cleanest process; no waste products are expected from its
operation. Limestone scrubbing would have the largest quantity of waste material, 8 to 13 tons of
wet sludge per ton of sulfur removed. There is little doubt that regenerable processes making sulfur
are far superior in environmental impact to throwaway processes making calcium sludge.

The quality and quantity of calcium sludge product vary with the type of throwaway process.
The Chiyoda and Hitachi processes directly produce a high-quality marketable gypsum by
neutralization of dilute sulfuric acid. Throwaway processes using lime produce less sludge than those
using limestone because of greater utilization (lower stoichiometry) of the calcium. value.
Improvements are under development in the sludge volume and quality from lime/limestone
scrubbing systems. In disposal ponds, settled sludge from limestone scrubbing is 40 to 50% water
and occupies 300 ft’ per ton of contained sulfur. '

The dry adsorption regenerable processes are surprisingly clean.  Adsorbent attrition or
poisoning is expected to result in a limited quantity of waste adsorbent. Carbon adsorbent can be
burned as coal, and inorganic'adsorbents such as alkalized alumina and CuO on alumina must be
handled as waste solids. » ‘

The regenerable scrubbing processes using sodium or ammonium alkali produce some sulfate
that cannot be regenerated. Sodium sulfate can be marketed as such or converted to calcium sulfate
for solid waste disposal. Ammonium sulfate can be marketed or decomposed to N2 and SO:.

Ammonia scrubbing processes may suffer from sulfite/ sulfate fume formation. There appear to
be solutions to this problem, but their costs are not included in current cost estimates and their
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feasibility has not been tested. In addition, ammonia scrubbing will emit 25 to 100 ppm of gaseous
NH}. : ‘ Y

Almost all the systems have potential for particulate emissions as entrained solids, slurry, or
solution, but such entrainment is easily eliminated with solution scrubbing and can be eliminated for
slurry scrubbing and solids contacting by properly designed mist eliminators and cyclones. The
Cat-Ox process has the environmental advantage (and economic disadvantage) of complete capture
of all remaining particulates in the catalyst bed.

Most of the commercial applications of stack-gas cleaning are being designed for 80 to 90% SO,
removal, but potentially most processes could achieve up to 95%. The Stone & Webster/ lonics and
Sulfoxel processes are immediately capable of 99% SO, removal. If a stage of sodium hydroxide
scrubbing were added to the Wellman-Lord and double-alkali systems, they could achieve up to 99%
removal. Such effective SO, removal may be necessary for future abatement of sulfur pollutants.

6.2.7 Economic Analysis

The cost of stack-gas cleaning is an important criterion in process evaluation, because it will
ultimately determine the process to be used if other considerations are equal. At the same time,
process economics is the most difficult criterion to generalize on a comparative basis. On the basis of
cost information from contractors and other sources, the Control Systems Laboratory, EPA,
prepared and presented information representing the costs of the major wet scrubbing processes.”
This information base has been expanded to include the double-alkali, citrate, and Cat-Ox
processes.”’

Essentially all economic comparisons published to date have been aimed at utility systems based
on 500 MW generating capacity (or larger), 3.5% sulfur coal, a retrofit system, and 60% load factor.
On this basis EPA®' estimates installed capital costs of $24 to $36/kW for throwaway systems and
$39 (citrate) to $55 (Cat-Ox) per kW for recovery systems. These costs include particulate waste
removal at $1 per ton, no credit for sulfur product, and no costs for waste disposal facilities, which
are usually $5 to $10/kW. These published costs are considerably lower than recent estimates
prepared by the TVA® for throwaway lime or limestone slurry systems (Table 6.13). '

The variation of costs with source parameters (size, sulfur content, load factor, etc.) is much
greater than the variation of costs between processes. Depending on source conditions, the
annualized cost of limestone scrubbing may conceivably vary from 40¢ to 90¢/10° Btu, while the
greatest variation in process cost is from 90¢/ 10° Btu (double alkali) to $1.45/ 10° Btu (Cat-Ox). The
annualized costs include operating costs and 22.2% capital charges for depreciation and return on
investment.

Throwaway processes are favored by simultaneous particulate scrubbing and SO; removal, low
costs of waste disposal, and lack of a sulfur product market; regencrable processes are favored by
high waste disposal costs and good credits for by-product sulfur. However, sulfur credits do not

‘have a major impact on costs. The throwaway processes cost about the same as the regenerable

90. J. K. Burchard et al., “Some General Economic Considerations of Flue Gas Scrubbing for Utilities,” Proceedings of
Conference on Sulfur in Utility Fuels: The Growing Dilemma, Drake Hotel, Chicago, Oct. 25-26, 1972 (Electrical World).

91. G. T. Rochelle, “A Critical Evaluation of Processes for the Removal of SO, from Power Plant Stack Gas,” presented
at the 66th Annual Meeting of the Air Pollution Control Association, June 24-28, 1973.

92. “Tennessee Valley Authority Status Report—Control of Sulfur Oxides,” presented at the Environmental Protection
Agency Hearings, October 1973, Washington, D.C. ’
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Table 6.13. TVA cost estimates of
lime/limestone stack-gas cleaning systems?

Installed cost

Size MW) Type ($/kW)
500 Retrofit 60
500 New installation 50
100 Retrofit 70-90

41975 dollars; assumes developed technology.
TVA estimates total operating cost for a 500-MW
retrofit system, at 14.9% fixed charge rate, to be
2.7 mills/kWhr, about half of which is operating
cost.

processes because the added complexities of calcium slurry scrubbing balance the requirement for
sorbent regeneration and product recovery.

As viewed by EPA, the least costly processes are the newer systems under development
represented by the double-alkali process. However, these new systems are only expected to reduce
annualized costs 15 to 20%.

The Cat-Ox process appears to be the most expensive system and is perhaps typical of the dry
systems. We have no firm cost estimates of the other dry systems, but some evidence indicates that
they will be more expensive than the scrubbing systems. In 1968, Kellogg®’ evaluated the alkalized
alumina process and also considered a number of generalized cases applicable to most dry
regenerable processes. In 1971, Kellogg® prepared estimates of several regenerable scrubbing
systems on the same basis. The capital costs of the dry systems were about twice as large as those of
the scrubbing systems. Similarly, capital costs of the Japanese carbon adsorption system appear to
be about twice as large as those of the Japanese scrubbing systems.”

The annualized costs are primarily composed of capital charges for depreciation, return on
investment, and maintenance, but utilities and materials costs are significant. The energy
requirements of the processes are represented in Table 6.14. The throwaway processes have the
lowest energy requirements but the greatest material requirements. The lime scrubbing process
would require a total increase in fuel consumptlon at the power plant of about 3.5%; Stone &
Webster/Ionics would require 10.7%.

~ The estimated annualized costs of removing sulfur dioxide from the stack gases of a boiler
generating 830,000 1b of steam per hour using bituminous coal containing 3.5% sulfur are
summarized in Table 6.15.
Thus, the following conclusions may be drawn for industrial boilers.

1. Reasonably waste-free flue gas cleaning processes are or will soon be available at annualized
costs of <50¢/10° Btu. :

2. Lime scrubbing and the Wellman-Lord systems are in commercial practice; other processes
have specific development problems.

93. Economic Evaluation of Metal Oxide Processes Jor SO, Removal from Power Plant Flue Gases, M. W. Kellogg
Company, NTIS No. PB 200-882 (1970). :

94. Evaluation of SO, Control Processes, M. W. Kellogg Company, NTIS No. PB 204-711 (1971).

95. J. Ando, Recent Developments in Desulfurization of Fuel Oil and Waste Gas in Japan, M. W. Kellogg Company,
NTIS No. PB 208-236 (1972).
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Table 6.14. Process energy requirements?

Representative Energy (% of power plant output)
process Power Fuel

Throwaway scrubbing

Limestone scrubbing 22 , ' 1.6
Lime scrubbing 19 1.6
Chiyoda 22 . 1.6
Regenerable scrubbing (to sulfur) . .
Wellman-Lord 450 31
MgO 2.2 ‘ 56
Stone & Webster/Ionics . 76 ) 31
NHj-bisuifate 19 51
Citrate, Sulfoxel 2.0 31
Dry processes
Catalytic oxidation 20 3.2
Copper adsorption : - 20 55
%Based on coal with 3.5% sulfur.

BIncludes 2.5% derating of power output for steam consumption (5% at 15 psig).

Table 6.15. Estimated annual operaﬁng cost of a limestone
slurry system for sulfur dioxide removal?

Capital charges at 22.2% fixed charge rate $1,378,620
Limestone (5 tons/ton of sulfur) at $8/ton 405,640
Grinding and slurry preparation (100 kWhr/ton limestone) 76,060
at 15 mills/kWhr
Water (3000 gal/ton of sulfur removed) at 15¢/1000 gal 4,560
Repairs and maintenance materials (3% of capital) 186,300
Disposal (15 tons of 50% solids per ton of sulfur) at $4/ton 608,400
Labor ($14,520/year/man) 2.5 men/shift 108,900
Fringes at 40% of labor 43,560
Total annual operating cost $2,812,100

Cost per ton of sulfur removed  $2.77
Cost per million Btu of steam 37¢

@Basis: 830,000 Ib of steam per hour, 49 tons of coal per hour (23 X 10°
Btu/ton), 3.5% sulfur, 90% plant factor, 75% scrubbing efficiency, equip-
ment capital cost $6,210,000.

3. Cost differences between processes are rarely greater than 15%. Throwaway processes are
significantly less costly only where waste disposal is cheap.

4. Regenerable processes offer less potential for environmental degradation by waste products,
although sale of the by-product could be a problem.
6.2.8 Cost of Steam Using Coal-Fired Boilers

Table 6.16 compares the cost of steam generation using low-sulfur eastern and western coals
with no stack-gas cleanup and a 3% sulfur eastern coal with a limestone slurry stack-gas cleaning




Table 6.16. Estimated annual costs of steam generation using a coal-fired boiler

Basis: 10° Ib steam/hr, 750°F, 650 psig, condensate returned at 250°F
Installed cost of boiler plant, $25,000,000; turnkey basis; Houston, Tex.
(includes all coal handling equipment, stacks, precipitators, etc.)

Plant factor, 90%; boiler efficiency, 85%; 1 1b steam equivalent to 1159 Btu of steam

Eastern coal (12% ash) Eastern coal (12% ash) Western coal (4.3% ash)
3.5%S, 11,500 Btu/lb) (<1%S, 11,500 Btu/Ib)  (~0.5% S, 8,500 Btu/Ib)
Capital charges at 22.2% fixed charge rate $ 5,550,000 $ 5,550,000 $ 5,550,000
Operating
467,390 tons of coal at 74¢/10% Btu 7,955,000
467,390 tons of coal at $1 06/106 Btu : 11,395,000
632,350 tons of coal at 75¢/10° Btus o (8,063,000)
Feedwater treatment at 15¢/1000 Ib feedwater, 2% makeup 26,280 26,280 26,280
Labor (1 shift supervisor at $12,600/year and 3 operators at $9360/year/shift) 122,040 122,040 122,040
Coal and ash handling (3 men, day shlft only at $8320/year) 24960 24,960 24960
Ash disposal at 25¢/ton b 12,467 6,035
Maintenance
Parts and materials 30,000 30,000 30,000
Labor (1 supervisor at $12,600/year and 8-man crew at $9360/year/man) 87,480 87,480 87,480
Fringes at 40% of labor 93,792 93,792 93,792
Total annual cost $13,890,000 $17,347,000 $14,004,000
Steam cost, ¢/10° Btu - 152 190 153
Limestone slurry sulfur removal at 37¢/10° Btu 37
Total steam cost, ¢/10% Btu 189 190 153

9Coal delivered by unit train.
B Ash removed with sulfur.

691
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system. Steam costs are based on the projected price of coal delivered to the Houston, Tex., areas, as
discussed in Section 6.1.5.

Based on the assumptions used for these computations, low-sulfur western coal would provide
the lowest steam cost (~$1.53/ 10° Btu), and <1% sulfur eastern coal would be the most expensive
(~$1.90/10° Btu).

6.3 FLUIDIZED-BED COMBUSTION

6.3.1 Fluidized-Bed Boiler: General Description

The coal-fired fluidized-bed boiler is a relatively new technology that at this point seems very
promising. Combustion is accomplished in an inert bed, consisting mainly of coal ash,
which rests on a plate full of nozzles. The combustion air is introduced through the nozzles and
expands the bed beyond its static depth. The bed moves about and flows much like a liquid; hence
the name fluidized bed. If the bed is raised to ignition temperature and crushed coal or any other
combustible is introduced into the bottom of the bed, it will burn. The bed turbulence transfers heat
into the fuel, promoting rapid ignition; the turbulence also provides intimate mixing of fuel and air,
promoting combustion with very low excess air. Volumetric heat release rates of the order of ten
times those of the powdered-coal suspension-fired furnaces are achieved. The adiabatic combustion
temperature of coal-air exceeds 1649°C (3000°F), so heat transfer surface is placed in the bed to
absorb about half the heat released and to control combustion temperature to 871 to 982°C (1600 to
1800°F). The remainder of the heat is removed in convection surfaces. Again, because of turbulence
in the bed, the heat transfer coefficient of the surface submerged in the bed is three to six times that
of convection surfaces. Further, because the combustion temperature can be controlled to 871 to
982°C (1600 to 1800°F), the superheater surface can be confidently designed for conservative wall
temperatures and therefore can be made of relatively low-alloy material.

A principal reason for the increasing interest in fluidized-bed boilers is that emission control is
inherent in the combustion process. The relatively low combustion temperature sharply reduces the
formation of oxides of nitrogen. The conditions of temperature and turbulence in the bed favor the
reaction of sulfur oxides with limestone, so that the injection of about twice stoichiometric limestone
into the bed is very effective in the removal of sulfur. Thus the bulk of the waste products are
retained in the bed as dry solids, and, since the bed behaves as a fluid, the wastes can be
continuously removed through an overflow pipe located at the desired maximum height of the
expanded bed. Figure 6.8 presents a schematic view of one concept of an industrial fluidized-bed
boiler. ,

Work on fluidized-bed combustion of coal began in the fifties. In some instances, the objective
was to burn fuels such as anthracite fines, lignite, and washery tailings that did not burn well in
other types of combustion systems. The bulk of the work was directed toward obtaining lower cost
steam boilers by taking advantage of the high heat transfer coefficient in a fluidized bed. The most
significant effort was started about 10 years ago in the United Kingdom by the Central Electricity
Generating Board’® and has been continued at the British Coal Utilization Research Association
Laboratory (BCURA).””®® Most of the work at BCURA has been with beds having a cross-sectional

96. J. S. M. Botterill and D. E. Elliott, “Fluidized Beds: Answer to Peak Power?” Engineering, p. 146, July 31, 1964,

97. A. M. Squires, “Species of Fluidization,” Chem. Eng. Prog. 58, 66 (April 1962).

98. Pressurised Fluidised Bed Combustion Progress Report No. 10, prepared for the Office of Coal Research,
Department of the Interior, by the National Research Development Corporation, London SWL 651 (August 1973).
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Fig. 6.8. Schematic of fluidized-bed boiler.

area of about 8 ft’. Some of the British effort was supported by the Environmental Protection Agency
(EPA), and BCURA’s program is continuing under a recent Office of Coal Research (OCR) contract. In
the U.S., Pope, Evans, and Robbins, Inc., in Alexandria, Va., under both OCR and EPA funding, has
operated several beds at atmospheric pressure, including a bed having a cross-sectionalarea of 10 ft’and
fitted with a carbon-burnup cell.”*'® The objective in work on the latter has been to develop a small

99. E. B. Robison et al., Study of Characterization and Control of Air Pollutants from a Fluidized-Bed Combustion
Unit: The Carbon-Burnup Cell, report from Pope, Evans, and Robbins to the Environmental Protection Agency, February
1972, ’

100. Development of Coal-Fired Fluidized Bed Boilers, Pope, Evans, and Robbins Final Report, vol. 1, OCR R&D
Report No. 36, Contract No. 14-01-0001-478 (February 1970).
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fluidized-bed combustion chamber and boiler of about 100-MW(t) output that would lend itself to shop
fabrication and shipment by rail. The work has emphasized the solution of practical design and
operating problems. More recently, basic heat transfer, flow, and performance data accumulated by the
British have been supplemented, with EPA funding, by small-scale studies (using beds 6 to 12 in. in
diameter) at the Argonne National Laboratory (ANL)'""' and Esso Research.'” Argonne and Esso
explored the basic problems of fluidized beds, with the prime emphasis on optimizing the pollution
control capabilities and developing a method for reconstituting the lime to eliminate the waste disposal
problem for the large amounts of calcium sulfate that will be produced. Pope, Evans,and Robbins® also
worked on the lime regeneration problem. Both Westinghouse and Foster Wheeler have carried out

plant design studies, and currently Foster Wheeler is working with Pope, Evans, and Robbins on the
103,104

Fluidized beds have been used extensively for roasting sulfide ores.'® Over 200 units are
currently in operation to make sulfuric acid or sodium sulfite (for paper mills) or to obtain metal
oxides for reduction to the metal, but usually for both purposes. The heat released in the roasting
operation often requires heat removal from the bed; this is accomplished with boiler tubes in the
bed.

Work on fluidized-bed combustion in the U.S. has also included the incineration of solid
wastes, both industrial and domestic. Copeland Systems, Inc., has about 30 units in service for
disposal of industrial wastes, including not only obvious fuel materials such as sawdust but also
slurries such as paper pulp mill waste liquor with as little as 35% solids.'”’ The heat of combustion of
the solids is sufficient to sustain the reaction. Dorr-Oliver'® has about 80 incinerator units in service
that burn mostly industrial and domestic sewage sludge in aqueous suspension. A fluidized bed for
burning municipal solid waste has been under development at Combustion Power, Inc., under EPA
contracts for about 8 years.'”” In this system, the compressor of a gas turbine feeds air to a fluidized
bed of sand into-which shredded solid waste (mostly paper) is injected. The hot gases leaving the bed
drive the turbine to produce a net electrical power output. The system has also been operated with
coal as the fuel under a contract with OCR.'”

Some insight as to the amount of operating experience that has been gained with fluidized-bed
coal combustion systems is given by Table 6.17.

101. A. A. Jonke et al., “Pollution Control Capabilities of Fluidized-Bed Combustion,” paper submitted for publication
in AIChE Symposium Series, Air 1971, April 1972, )

102. A. Skopp et al., Studies of the Fluidized Lime-Bed Coal Combustion Desulfurization System, Esso Research and
Engineering Company, Government Research Division, Linden, N.J., 1971. )

103. Evaluation of the Fluidized Bed Combustion Process, vol. I, Summary Report, Westinghouse Research
Laboratories, Pittsburgh, Pa. (1972).

104. J. L. Stollery, “Fundamentals of Fluid Bed Roasting of Sulfides,” Engineering and Mining Journal, October 1964.

105. J. Kleinau, “Pulp and Paper Mill Sludge Incineration,” paper presented at the 1st Secondary Fibre Pulping Conference,
Oct. 22-25, 1968.

106. R.S. Millward, “Refinery Waste Treatment and Fluosolids Sludge Combustion,” paper presented at the Antipollution
Fair, Milan, Italy, November 1972.

107. D. A. Furlongand G. L. Wade, “Use of Low Grade Solid Fuels in Gas Turbines,” paper prepared for presentationat the
ASME Winter Annual Meeting, New York, Nov. 17-21, 1974,
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Table 6.17. Summary of operating experience with some fluidized-bed combustion systems

e - . v Sum total
Organ.lzatlog responmb!e for Fuel _ Objective operating
esign and construction : time (hr)
Copeland Systems, Inc. Wood waste, pulp Incineration; in some cases heat recovery ~10%
mill waste, misc. - .
organic wastes
Dorr-Oliver, Inc. " -Sewage studge Incineration ~10%
Pyrites Roasting to yield SO, for acid or sulfite and/or ~3x10°
. : metal oxide for reduction‘ S
BCURA Coal - . Research and development on fluidized-bed - ~10*
combustion of coal and high-sulfur residual
» ’ fuel oil
Pope, Evans, and Robbins Coal Research and development on fluidized-bed ~9000
combustion of coal
Argonne National Laboratory ‘Coal } Research and development on fluidized-bed 700
combustion of coal and lime regeneration
Combustion Power, Inc. -Municipal solid Incineration with electrical energy asa - 471:
waste, wood by-product ) _ 271
waste, and coal _
Esso Research Coal Research and development on coal combustion ~100

and lime regeneration

9Total time on bed.
ith turbine connected.

6.3.2 Sulfur Removal

The effectiveness with which SO, emissions can be reduced by removing sulfur as CaSO; in a
fluidized-bed combustion system depends on many factors. The two most important are the
calcium/ sulfur feed ratio and the bed operating temperature. The effects of these two parameters'®
on SO; reduction are shown in Fxgs 6.9 and 6.10. The matter is complicated by the fact that
limestones from different strata vary substantially in their chaxactensncs, mcludmg their
effectiveness in removing sulfur.'®® :

6.3.3 Regeneration of the Lime

It would be advantageous to regencrate the spent limestone and thus reduce both the
consumption of limestone and the quantity of ash that must be hauled away. Processes have been
investigated that would yield elemental sulfur, a saleable product. While somewhat different
processes have been contemplated in the lime regeneration work carried out by ANL, by Esso, and
by Pope, Evans, and Robbins, they all depend on roasting calcium sulfate under mildly reducing

108. Final Report on Reduction of Atmospheric Pollution, Fluidized Combustion Control Group, National Coal Board,
London, prepared for the Environmental Protection Agency, September 1971,
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conditions to evolve a gas that is rich in sulfur dioxide. The regenerated lime has sharply less
reactivity than fresh lime due to the high temperature hecessary for the roast, about 1950°F. Fresh
stone must be supplied at a rate amounting to an appreciable fraction of the sulfur to be captured,
on a stoichiometric basis, and a comparable amount of lime must be withdrawn for sale or disposal.
To avoid this disadvantage, workers at The City College of New York“’9 have proposed a
regeneration scheme which would depend on reduction of the calcium sulfate by a gas containing
hydrogen or carbon monoxide to yield calcium sulfide, and on subsequent reaction of the calcium
sulfide with steam and CO; to produce CaCOs; and H;S, from which sulfur may be produced in
elemental form more readily than from SO,. Westinghouse has carried out plant design studies'®
that included a favorable economic assessment of The City College scheme. '

109. A. M. Squires and R. A. Graff, “Panel Bed Filters for Simultaneous Removal of Fly Ash and Sulfur Dioxide. 111. Reac-
tion of Sulfur Dioxide with Half-Calcined Dolomite,” J. Air Pollut. Control Ass. 21, 272-76 (1971).




176

6.3.4 NO; Formation

The low combustion temperature characteristic of ﬂuidized-_bed combustion tends to keep the
formation of NO;x to a low level, but the gas transit time through the high-temperature region is
sufficiently long that the equilibrium concentration of NO, can be reached. As shown in Fig. 6.11,
this condition makes the NO, concentration in the stack gas quite sensitive to the amount of excess

EQUILIBRIUM CONCENTRATION OF NITRIC OXIDE (ppm)

ORNL-DWG 74-12796
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Fig. 6.11. Effects of gas temperature and the amount of excess air on the calculated equilibrium nitriq oxide concentrationin

combustion products.
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air,” and this in turn places a premium on the use of a control scheme that will hold the amount of
excess air to a low level. '

Fluidized-bed combustion systems can be operated over a wide range of bed temperatures and
amounts of excess air, but Fig. 6.11 indicates that there is a strong incentive to keep the excess air to
less than 10% and the bed temperature to 816 to 871°C (1500 to 1600°F). These conditions pose
certain constraints on bed operation which may require a sophisticated instrumentation system to
control air and fuel during periods of changing steam demand.

6.3.5 Development Problems

The major problems that have been experienced in the development work outlined above have
been with the feed of the coal and limestone into the bed, flowthrough of fines and separation of
these fines from the gases leaving the bed, and either the regeneration of the calcium sulfate to
calcium oxide or finding some commercial use for the calcium sulfate—ash mixture produced from
the process. Relatively little difficulty has been experienced in getting good combustion in the bed,
the principal problem being the avoidance of excessive burning rates and hot spots at the points
where the coal is introduced into the bed. Note that the bulk of the work carried out to date has
been with beds having areas of 1 to 10 ft’, where agitation of the bed is reasonably effective in
distributing the coal. However, the beds envisioned in commercial systems will have areas of 100 to
200 ft*; hence scaleup uncertainties include problems associated with devising provisions for a large
number of coal feed points across the bed, the distribution of coal and limestone across the bed, the
upper limits of gas velocity and bed depth, the size and spacing of heat transfer tubes, and the
control of power level.

The rate of corrosion/erosion attack on the combustion side of the tubes in the coal combustion
chamber has received relatively little attention; thus a phase of the future ANL program will be
directed toward materials compatibility.

Figure 6.12 presents the projected time schedule for the current national program to develop
fluidized-bed combustion technology.'”® The fluidized-bed boiler is not commercially available and
cannot be expected to be until the prototype is evaluated. It should also be noted that most of the
effort.is directed toward development of systems to be used by electrical utilities, although much of
this technology should also apply to industrial systems. :

6.3.6 Economic Analyses

Since there are no fluidized-bed boilers commercially available, there are no commercial prices
on which.to base an estimate. .

Pope, Evans, and Robbins'® presented a cost estimate for a complete plant of 500,000 1b/hr at
600 psi and 399°C (750°F). They itemized all capital equipment and operating costs for comparable
fluidized-bed, spreader-grate, oil-fired, and gas-fired boilers. The owning and operating costs, less
fuel, for the fluidized-bed boiler is 1.4 times that of the gas-fired boiler, and that for the spreader
grate is 2.35 times that of the gas-fired boiler. The report rationalizes that the fluidized-bed boiler is
significantly cheaper than the spreader-grate boiler because it is more compact, contains less surface,
and can be factory assembled. ' -

110. Personal communication from George Weth, Office of Coal Research, to Truman D. Anderson, ORNL.
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u In a telephonec communication, Foster-Wheeler Company''' stated that they felt that the
fluidized bed would cost about the same as a conventional coal-fired boiler; however, the total plant
cost would be less because no stack-gas cleanup system is required. The cost estimate of Table 6.18
therefore is based on a “standard” coal-fired boiler cost of $25 per pound of steam per hour.

Table 6.18. Estimated cost of steam using a fluidized-bed boiler

Plant capacity, 3 X 10% Ib/hr
Unit boiler capacity, 300,000 Ib/hr (10 units)
90% availability, 85% efficiency, 3.5% S—12% ash coal

Hem Annuzzl cost Unit6 cost
(10°%) (¢/10° Btu) |

Capital cost — fuel and ash handling, flue gas 16.600 60.7

cleaning, building, and electrical calculated at

$25/1b/hr, $75 x 10° .
Limestone injection (at $8/ton) . 1.82 6.6
Repairs and maintenance at 5% of capital 3.75 13.7
Labor, 17 men/shift at $7.70/hr 1.225 45
Electricity, 33 X 106 kWhr/year at 1.5¢/kWhr 0.495 1.8
Ash and spent limestone disposal at 25¢/ton 0.099 04
Owning and operating cost, less fuel 24.039 877
Fuel, coal at 74¢/10° Btu 23.865 87.1
Total 419 175

6.3.7 Direct-Fired Process Heaters

Fluidized-bed combustion can be applied to process fluid heating in two fashions. The fluidized-
bed boiler can be used as a process fluid heater essentially by pumping the process fluid through the sub-
merged and convective heat transfer tubing. Foster Wheeler, who is familiar with both the process
heaters and the fluidized-bed boiler, has done a preliminary study and feels the fluidized-bed boiler is
suitable as a process fluid heater with the following reservations.

1. The heat flux in the submerged surface is about five times that of convective or radiative
surfaces, so ther film coefficient of the fluid must be adequate to assure transfer to the bulk fluid
without overheating at the wall. '

2. The heat capacity of the bed is high; so in the event of loss of ﬂow,'even thoﬁgh the fuel is

shut off, a significant heat addition to the fluid will continue. The system must be designed to
accommodate the results of overheating the process fluid.

A fluidized-bed burner (no submerged heat transfer surface) can be used as the heat source for
conventional or existing process fluid heaters (or boilers) by ducting the cleaned combustion gas to
the heater. It may be desirable or necessary to install radiative surface above the bed for combustion

‘ ; 111. Private communication from Henry Phillips, Foster Wheeler Corporation to E. C. Hise, ORNL.
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temperature control. The burners have been commercially available for over 12 years, have been
built in sizes up to 300 X 10° Btu/ hr, and are conventionally equipped with heat recovery boilers and
emission control equipment. They have been designed to burn liquid wastes, sludges, and wood
wastes (including logs) and can be designed to burn any conventional fuel, including coal. Although
there have been no retrofit installations of burners to existing heaters or boilers, one manufacturer
stated a willingness to design and fabricate such units and is now preparing a conceptual design and
cost estimate for a prospective client. This application represents a reasonable modification of
existing technology, and the design and delivery time are felt to be comparable to those of
conventional industrial equipment.

6.4 LOW- AND INTERMEDIATE-Btu GAS

6.4.1 General Description

One possible way to burn coal and meet emission standards is through a two-stage combustion
process in which the coal is partially oxidized in a gasifier, the particulates and sulfur are scrubbed
from the gas stream, and the gas is burned in a boiler or radiant furnace. The process may be
retrofitted to existing equipment burning gas, oil, or coal or may be integrated with new capacity
construction. The gas produced has a heating value of 150 to 300 Btu/scf, depending on whether air
or oxygen is used in the gasifier. Oxygen-blown gasifiers produce a gas with a heating value that is
intermediate between low-Btu and pipeline-quality gas (1000 Btu/scf). Intermediate-Btu gas has a
heating value range of about 300 to 500 Btu/scf. Because of the low-Btu content, the gas is not
economical or suited for pipeline gas, but neither of these constraints apply to in-plant or perhaps
regional distribution. The advantages of gasification as opposed to direct coal combustion followed
by stack-gas cleanup, in addition to the fact that the gasifier may be retrofitted to existing gas- or
oil-fired equipment, are that the volume of gas to be cleaned is appreciably less and that the sulfur is
in the form of H.S as a result of the reducing atmosphere in the gasifier. Estimates of the fuel energy
utilization of the processes range from 75 to 90%, depending on the specific process and the amount
of heat recovery equipment installed. Estimates of existing furnace derating with low- or
intermediate-Btu gas range from 5 to 30%, depending on the fuel it was designed for, the method of
firing, and size.'"

There are at least four companies offering gasifiers commercially in the United States and at
least one industry firing its furnace with generated gas. However, that one installation is about 17
years old, and there have been no commercial gasifiers built in the United States in the interim.

Processes for the production of low-Btu gas generally contemplate the use of a gasifier in which
hot coal or coke is contacted with air or oxygen and steam at temperatures ranging from 927 to
1371°C (1700 to 2500°F) and pressures from atmospheric to about 450 psig. The oxygen in the air
or from an oxygen generator reacts with carbon to form carbon monoxide, with the evolution of a

112. A. M. Frendburg, “Performance Characteristics of Existing Utility Boilers when Fired with Low Btu Gas,”
presented at the Electric Power Research Institute Symposium on Power Generation—Clean Fuels Today, Monterey, Calif.,
Apr. 8-10, 1974.

-
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considerable quantity of heat:'"
C+ 1/20; — CO (AH = ~26,416 cal/g-mole) .

This reaction supplies the heat needed for the endothermic water-gas reaction, in which carbon and
steam react to produce carbon monoxide and hydrogen:

C + H,0(g) — CO + H: (AH = +31,382 cal/g-mole) .

The CO shift or water-gas shift reaction also occurs to a significant extent. In this reaction, carbon
monoxide reacts with steam to yield carbon dioxide and hydrogen:

CO + H20(g) — CO; + H: (AH = -9838 cal/g-mole) .
Another important reaction is the formation of methane ffom carbon and hydrogen:
C + 2H; — CH4 (AH = -17,889 cal/g-mole) .

However, this reaction takes place only to a small extent at the conditions used in the gas producers
under consideration.

Under the high-temperature conditions and in the reducing atmosphere of the reactor, sulfur
compounds in the coal are decomposed principally to H,S, with small quantities of carbonyl sulfide
(COS) and carbon disulfide (CS:) also being produced. The decomposition or cracking of large coal
molecules also yields tars, oxygenated compounds such as phenols, and light hydrocarbons such as
methane and ethane. Some of the processes claim complete gasification of these compounds.

After particulate matter, tars, phenols, and sulfur compounds have been removed, the principal
components of the low-Btu gas are carbon monoxide, hydrogen, nitrogen (if air is used), carbon
dioxide, and methane.

6.4.2 State of Development and Commercial Availability

The principal processes for producing low- and/or intermediate-Btu gas are summarized in
Table 6.19. The Lurgi process is offered by the American Lurgi Company, New York, N.Y. 10017;
the Koppers-Totzek process is offered by the Koppers Company, Pittsburgh, Pa. 15219; the
Wellman-Galusha process is offéred by the McDowell Wellman Company, Cleveland, Ohio
44114; and the Winkler process is offered by Davy Powergas, Inc., Lakeland, Fla. 33803.

64.3 System Characteriétics

Coal gasification processes may be categorized according to the type of equipment in which
gasification takes place. First, there are the so-called fixed-bed processes, of which the Lurgi and
Wellman-Galusha are typical. In these gasifiers, a bed of coal moves slowly downward and is
contacted by an upflowing stream of hot gases. A second type is the vortex-flow combustion
chamber gasifier, typified by the Koppers-Totzek process. Pulverized coal and oxygen-enriched air
are injected into a refractory-lined chamber in which rapid combustion and gasification take place,
and molten ash (slag) is withdrawn from the bottom. A third type includes fluidized- or
entrained-bed gasifiers, typified by the Winkler process. In these gasifiers, the coal particles are

113. Heats of reaction given'here are at 25°C (77°F) with H,O in the gaseous state.
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Table 6.19. Proposed processes for the production of low- and intermediate-Btu gas from coal

. Gasifier iae s
Process G:;’::‘ pressure ?ﬂ:ﬁﬁg Comments
(psig)
Lurgi Downward moving stirred 300450 Air or Process is in commercial operation
bed, nonslagging " oxygen " on sized, noncaking coal; plans
’ are under way to test operation on
caking bituminous coal
Koppers-Totzek Concurrent solid-gas 1-5 Oxygen or Process is in commercial operation
combustion, slagging oxygen-enriched using oxygen; offered in sizes to
air 35 tons of coal per hour; tests
are planned using enriched air; can
handle any type of coal
Wellman-Galusha Downward moving stirred 1-300 Air or Process is in commercial operation
bed, nonslagging oxygen using coke or noncaking coals,
mostly in the steel and ceramics
industries; offered in sizes to
7000 Ib per hour of bituminous coal;
Bureau of Mines has a pilot plant
operating on caking coal at pressures
up to 125 psig, capacity about 20
tons/day; tests are planned at 300
psig to increase throughput
Winkler Fluidized bed 15 Air or Sixteen installations were built
oxygen outside the U.S. from 1926 to 1960

with generator capacities of 100300
X 10° Btu/hr; three installations

are presently in operation; process
description states it will operate on
all coals; tests are planned at 15 atm

suspended in rapid motion in an upflowing stream of hot gases. Several gasifiers, including the
Bigas, Hygas, Synthane, CO. Acceptor, Bureau of Mines hydrogasification, and Union Carbide
ash-agglomerating types, are under development. The three categories mentioned comprise most of
the processes proposed thus far. Other types include the Kellogg process and the Atgas process, in
which the gasification reactions occur in molten salts and molten iron respectively.

The subsections that follow contain more detailed information concerning the various
gasification processes and processes for removing sulfur compounds from the raw gas.

6.4.4 Commercial Systems Presently Available
Lurgi process

The Lurgi''* gasifier (Fig. 6.13) operates at a pressure of about 300 to 450 psig. Sized coal enters
the top of the gasifier through a lock hopper, and air and steam are blown in at the bottom. The
gasifier may also be oxygen blown. The coal travels downward and, after gasification is completed,
is discharged as a dry ash through a rotating grate. Raw gas exits from the top of the gasifier and is
routed to a scrubbing system where solids, tars, H,S, and COS are removed. The finished gas has a
higher heating value of 150 to 230 Btu/scf and is at a pressure of about 290 to 450 psig.

114. The Lurgi Process: The Route to S.N.G. from Coal, American Lurgi Company, New York, N.Y.
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Fig. 6.13. Lurgi dry-ash fuel gas generator.

Many Lurgi gasifiers have been operated successfully on nonswelling coals. More than 50 units
have been built, primarily in Europe. The capability of the Lurgi gasifier for operating on
typical eastern U.S. bituminous coals, which tend to swell, become sticky, and cake, is now being
demonstrated. ‘ ,

Commonwealth Edison Company'"® is proceeding with an installation of three Lurgi gasifiers
at their Powerton Station. The plant capacity to be supplied by low-Btu gas is 120 MW(e); startup is

115. J. Agosta et al, “Status of Low Btu Gas as a Strategy for Power Station Emission Control,” presented at the
u - A.LLCh.E. Meeting, New York, Nov. 26-30, 1972.
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expected to be in 1975. A feature of this installation is that the finished low-Btu gas will be expanded
(not combusted) in a power recovery turbine to slightly above atmospheric pressure before being
burned in the existing Powerton steam boiler. The turbine will drive a generator which will provide
approximately 4 MW(e), furnishing the electricity needed to drive the compressor for the air supply
to the gasifiers, plus some excess power. This scheme will permit the station to operate at full power
with no derating. The net power efficiency of the low-Btu gas system is estimated at about 80% by
Commonwealth; desulfurization efficiency is expected to be about 90%. '

Koppers-Totzek process

In the l(oppers—Totzick”6 process (Fig. 6.14), pulVerized coal, oxygen (or oxygen-enriched air),
and steam are injected into a refractory-lined cylindrical vessel operating at about atmospheric
pressure. Tangential injection provides a high degree of turbulence. Combustion of the coal occurs
within 18 in. of the point of injection, and the reduction reactions take place in the remaining space.
Molten slag is tapped from the bottom of the gasifier, granulated by quenching, and removed

116. The Production of Gas from Coal Through a Commercially-Proven Process, Koppers Co., Pittsburgh, Pa.
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Fig. 6.14. Koppers-Totzek gasifier.
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through a water seal. The process has the advantage that it can gasify any type of coal; swelling or
caking type coals present no problem. The process requires oxygen or oxygen-enriched air, which
adds appreciably to the cost, but produces higher Btu gas.

Wellman-Galusha process

The Wellman-Galusha''” gas producer (Fig. 6.15) utilizes a slowly descending bed of sized coal
contacted by an upflowing air-steam mixture at about atmospheric pressure. Approximately 1000 of
these units have been built to serve the open-hearth steel, ceramics, and other industries. The largest
units built thus far have a capacity of about 100 tons of coal per day. Operation has been
satisfactory on sized coke, anthracite, and nonswelling bituminous coals. No commercial experience

117. G. M. Hamilton, “Gasification of Solid Fuels in the Wellman-Galusha Gas Producer,” presented at Meeting of the
American Institute of Mining, Metallurgical and Petroleum Engineers, St. Louis, Mo., Feb. 26, 1961.
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has been accumulated on bituminous coals, such as those typically found in the eastern United
States which tend to swell, become sticky, and cake when heated. There is considerable doubt that
the standard Wellman-Galusha unit could handle coals of this type. However, methods for use with
such coals are being investigated in a pilot-scale gasifier of the Wellman-Galusha type which has
operated for several years at the U.S. Bureau of Mines facility''® at Morgantown, W. Va. This unit
(see Fig. 6.16) has been operated successfully on caking coals at pressures ranging from slightly
above atmospheric to about 200 psig. Plans are under way to operate it at about 300 psig in order to
increase throughput rates.'"” Caking is avoided by using a stirrer which has an up-and-down as well
as a rotary motion. Rotational speed varies from 7 to 30 min per revolution. The bed is supported

118. P. G. Lewis et al., Strongly Coking Coal Gasified in a Stirred-Bed Producer, Report No. 7644, U. S. Bureau of
Mines, Morgantown Energy Research Center, Morgantown, W. Va. (1972).

119. Private communication by J. P. McGee, Morgantown Energy Research Center, Morgantown, W. Va., Feb. 27,
1973.
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on a revolving grate,:and the ashes fall into a conical hopper at the bottom of the gasifier and are
removed through a lock hopper system. :

A major goal of the Morgantown pilot plant work has been to characterize the swelling-caking
nature of United States coals. In increasing order of the difficulty of handling characteristics they
are: Illinois No. 6, Elkhorn, Ky., and Logan, W. Va.—very easy; Upper Freeport, Ohio No. 6, and

W. Kentucky No. 9 HVBB—satisfactory; and New Mexico bituminous (25% ash)—very difficult.

Hydrogen sulfide removal was assumed to be accomplished by means of iron oxide absorbers.
These absorbers are on stream for 8 hr and require 4 hr for regeneration. Regeneration is
accomplished by blowing air through the absorber at about atmospheric pressure. The SO
produced is then converted to ammonium sulfate using purchased ammonia. '

Winkler process

In the Winkler process (Fig. 6.17), crushed, dried coal is transferred from fuel bunkers to the
gas generators with variable-speed screws. A fluidized bed of coal particles is maintained in the
gasifiers by the high-velocity gas stream of steam and oxygen flowing up from the bottom of the
generator. Because of the relatively high temperatures [800 to 1000°C (1472 to 1832°F)], all the tars
and heavy hydrocarbons are reacted to form product gas.

As a result of the fluidization, the ash particles are segregated according to size and density; the
heavier particles fall down through the fluidized bed and pass into the ash discharge unit at the
bottom of the generator, while the lighter particles are carried up out of the bed by the product gas

ORNL -DOWG 74 - 5698
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to be further gasified in the space above the bed. The manufacturer claims that great flexibility in
capacity can be provided and-that shutdown can be achieved in minutes; e.g., a generator with a
nominal capacity of 2 X 10° scf/hr can be operated without appreciable loss of efficiency over the
range of 0.5 X 10° to 3 X 10° scf/ hr.

6.4.5 New Systems Under Development

Several additional coal gasifications schemes are under development but are not being offered
commercially at.the present.

Union Carbide ash-agglomerating fiuid-bed procesé

In this process,'”” crushed coal is fed to the gasifier either as a water slurry or as a dry solid. It is
subsequently contacted by steam and by the hot ash agglomerates produced by the combustion
process. The hot ash agglomerates furnish the heat needed by the endothermic steam-carbon
reaction. The gas produced contains carbon monoxide, hydrogen, and about 10% methane.

One of the advantages claimed is that the gas from the reactor is essentially dust free. A second
advantage of this process is that the nitrogen in the air used for regeneration does not appear in the
product gas (since the combustion gas from the regenerator is not mixed with the product gas from
the gasifier). Another advantage is that the self-agglomerating characteristics of the gasifier help to
collect the ash particles in the coal, thus producing a product gas that contains very little particulate
matter. This simplifies the gas cleanup and facilitates use of the gas in an expander turbine for
energy recovery. .

The use of fluidized-bed gasification avoids the problems of swelling, stickiness, and caking that
may be encountered in fixed-bed processes operating on eastern U.S. bituminous coals. If the
process proves successful, it should be insensitive to the type of coal used and should be suitable for
a wide variety of feedstocks, including eastern and western coal, lignites, or char.

Atgas Process

The Applied Technology Corporation Atgas process'” is a continuous process in which ground
coal (1/8 to 1/4 in.) is dissolved by injection into a pool of molten iron. Simultaneously, the dissolved
coal carbon is oxidized to CO by air injected below the surface of the iron. Limestone is continuously
added to react with sulfur present in the coal.

The Bigas and CO, Acceptor processes, discussed in Sect. 6.5.3, can also produce low- or
intermediate-Btu gas.

6.4.6 Gas Purification

When coal is gasified, most of the sulfur is converted to H,S, which subsequently appears in the raw
product gas. Small amounts of carbonyl sulfide (COS), phenol, etc., are also formed. Gas treating
processes are concerned principally with the removal of these sulfur compounds. The processes fall into

120. “New Processes Brighten Prospects of Synthetic Fuels from Coal,” Coal Age 79(4), 91-100 (April 1974).
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two general classes: those in which the Hsz is absorbed by scrubbing with a solution of a regenerable
absorbent and those in which the H,S is hbsorbed by reaction with a solid material.

A solid material absorption process that will operate at effluent gas temperature would improve the
economy and efficiency of gasnﬁcatlon by eliminating the gas-cooling step.

Liquid scrubbing processes'' for HzS removal have been in commercial use for many yearsand are
highly developed. These processes can be dxvxded into two general categories: those in which absorption
is accompanied by chemical reaction and those in which absorption takes place by physrca} solvent

. action alone. The latter came into prominence in the 1960s, whereas the former have been in use longer.

Currently, the manufacturers of coal gasiﬁcation equipment offer an alkali scrubbing system (e.g.,
potassium carbonate solution followed byla Claus unit to produce elemental sulfur). A Stretford plantis
also offered as an alternate to produce elemental sulfur as well as several propnetary 'schemes.
Additional processes are also avallable, as shown in Table 6.20.

:-Table 6.20. Summary df liquid processes for desulfurizing raw low-Btu gas - '

| Temperature Pressure Product
Process . Solvent ; PCeP] (psig) Regeneration form
Liquid chemical absorption :
Mornoethanolamine (MEA) 15-20% agueous solution 32.2-54 (90-130) 11000 a H;S
Diethanolamine (DEA) 15-20% aqueous soltrﬂon 32.2-54 (90-130) 1-1000 a H,S
Potassium carbonate 30% aqueous solution - - 110-127(230-260) 1-1000 a H,S
Benfield Potassium carbonate solution - 110-127 (230-260) 1-1000 a H,S
plus additives |
Alkazid Alkazid M or Alkazid ;Dll(b‘ 32.2-54 (90-130) 1-1000 a H,S
Giammarco-Vetrocoke (H;S) Sodium arsenite-arsenate ) 32.2-54 (90-130) 1-1000 Air blowing s
solution L
Stretford ¢ 32.2-54 (90-130) 1-1000 Air blowing N
Liquid physical solvent :
absorption ‘ - -
Propylene carbonate Propylene carbonate | . H,S
Sulfinol Sulfolane, diisopropanolamine H,S
Selexol Dimethyl ether poltyethylene glycol . H,;S
Purisol n-Methyl-2-pyrrolidone 32.2-54 (90-130) ~1-1000 d H,S
Rectisol Methanol i -17.8--16.7 (0-2) 600-1000 e H,S

‘Regenetate rich solution in a reboiler stripper column.
bAjkazid M is the potassium salt of methyl amino propionic acid, and Alkazid DIK is the potassium salt of dimethyl amino acetic acid. The
latter is preferred for the selective absorption of H,S. b
"'Aqueous solution of sodium carbonate, sodium vanadate, and unthraqumone disulfonic acid.
dTwo-stage flashing and stripping (sce Ref. 120).
®Flashing and stripping (see Ref. 121).

|
}
1
i

6 4 7 Bconoxmc Analyses

The major items in the cost of gas productlon are coal, capital, labor, electricity, water, and
maintenance. In an oxygen-blown gasnﬁcgtnon plant, the capital and operating costs of the plant are
also significant. As shown in Table 6.21, the oxygen required per pound of fuel differs considerably,
depending on which of the commercrally available gasifiers is used. At oxygen-coal cost ratios
between 1.5 and 2, the cost of oxygen represents about 50% of the raw material cost for the Lurgi
process and about 60% for the Koppers-Totzek suspension gasifier.

121. C. D. Swaim, Jr., “Gas Sweetening Processes of the 1960’s,” Hydrocarbon Process 49(3), 127 (March 1970).
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... Four U.S. vendors of coal gasification equipment have supplied budgeting costs for turn-key
plants with the two caveats that the amount of installed equipment is a function of the type of coal
and that their unit cost estimates are being restudied and possibly will be revised. Further, there is
little recent U.S. operating experience with coal gasification plants.

. Cost estimates are presented in Tables 6.22 through 6.25 for production of low-Btu gas (air
blown) and intermediate-Btu gas from oxygen-blown plants using different gas producers and feed
- coals. Oxygen plant costs were supplied by the Linde Division of Union Carbide Corporation, and
coal preparation and handling costs were based on unpublished Bureau of Mines data. In some
cases, vendor estimates were stated to be +50% of a firm bid cost, pending exact site location,
availability of water, sulfur recovery scheme used, and delivery schedules. Because of the
. uncertainties in cost data supplied by some vendors, we have presented two cost estimates each for
low- and intermediate-Btu gas. We believe these estimates span the range of costs, and possibly the
high estimate for low-Btu gas may be the most realistic.
Estimated gas costs ranged from $1.86 per 10° Btu for low-Btu gas using eastern 3.5% sulfur
coal delivered via New Orleans to the Houston area to $2.37 per 10° Btu for intermediate-Btu

Table 6.21. Oxygen requirements of various
commercial intermediate-Btu gasifiers

R Oxygen required
Gasifier type . (b O/tb fuel)
Lurgi 0.37
Winkler 0.49
Koppers-Totzek 0.80

Table 6.22. Estimated cost of producing low-Btu gas — eastern coal,
3.5% sulfur, 11,500 Btu/lb

Annual production = 32.850 X 10'2 Btu/year of 120 Btu/scf gas; air-blown
slagging gasifiers; 80% coal conversion efficiency; gas producers, 62 units (6 are
spares); $100.24 X 10° installed capital cost, including cost of coal handling and
preparation equipment (first quarter 1974 dollars)

Annual (10° §) Unit cost

cost (¢/10 Btuw)

Capital charges at 22.2% fixed charge rate 22.25 61.7
Repairs and maintenance materials at 2% of capital 2.52 6.1
Labor (includes 40% G&A overhead) 0.85 2.6
Water, 3959 X 10 gal at 35¢/1000 gal 1.39 42
Electricity, 18 kWhr/ton coal at $0.015/kWhr 0.65 2.0
Coal handling and ash disposal 0.30 0.9
Sulfur removal and recovery : 3.14 9.6

Annual cost less fuel 30.58 93.1
Coal at 74¢/10° Btu 30.39 925

Total _ 61.97 186
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_Table 6.23. Estimated cost of low-Btu gas’

Production: 1564 X 10% Btu/hr of 183 Btu/scf gas = 11,646 X 10'2 Btu/hr

Conversion efficiency: 78%

Air-blown pressurized, stirred, nonslaggmg gasifier, 85% on-stwam factor

€

Illinois coal: 23 X 10 Btu/ton 3.5% sulfur

6 gasifiers (1 is spare) $38.58 X 108 installed cost (first qua:ter 1974 dollars)

Annual Unit cost
cost ($§10%)  (#/10° Btu)
Capital charges at 22.2% fixed charge rate - 8.56 735
‘Repairs and maintenance materials at 2% of capital 0.77 6.6
Electricity, 16 kWhr/ton coal (649 X 10° tons/year) 0.16 14
at $0.015/kWhr
Water o o o 0.20 1.7
Treated for stwm (502 X 10° 1b/hr steam)
449 x 106 gal/year at 27¢/1000 gal
Cooling tower makeup at 0.1% of
288,000 gpm at 2¢/1000 gal .
Labor [4 shifts (includes 40% G&A overhead)} 0.88 7.6
12 operators/shift at $7.70/hr
1 supervisor/shift at $17,640/year
Coal preparation and ash handling 0.58 50 .
Annual cost less coal 11.15 95.8
Coal at 74¢/10° Btu 11.0 949
Total 22.20 191

Table 6.24. Estimated cost of intermediate-Btu gas

Production: 2400 X 10° Btu/hr of 320 Btu/scf gas = 17.87 x 10'2 Btu/year
Conversion efficiency: 78%

Oxygen-blown stirred nonslaggmg gasifier; 85% on-stream factor oxygen requirement, 1500 tons/day

Ilinois coal: 23 X 10° Btu/ton, 3.5% sulfur

7 gasifier units (1 is spa:e) $45 X 10° installed cost (first quarter 1974 dollars)
Oxygen plant: $12 X 108

Total installed cost: $57 X 10°

Annual Unit cost
cost ($10%) (¢/10° Btu)

Capital charges at 22.2% fixed charge rate 12.65 70.8 -
Repairs and maintenance materials at 2% of capital 1.14 64
Electricity at $0.015/kWhr . - 303 17.0

400 kWhr/ton oxygen

16 kWhr/ton coal (996 X 10° tons/ym)
Water 0.87 - ‘49

Treated for steam (625 X 10° Ib/hr steam),

561 X 10° gal/year at 27¢/1000 gal -

_ Cooling tower makeup, 0.1% of .

360,000 gpm at 2¢/1000 gal
'0xygen plant cooling water,

- 405 x 10° gal/hr at 20¢/1000 gal o
Oxygen plant supplies and maintenance . .. 0.28 16
Labor [4 shifts/(includes 40% G&A overhead)} 1.28 72

Gas plant — 14 operators/shift at $7.70/hr, 1 supervisor/shift at $17,640/year :

Oxygen plant — 3 operators/shift at §7 -70/hr, 1 asst. supemsorlsluft at $14,700/year
Coal preparation and ash disposal - 0.70 39
Annual cost less coal 1995 111.8

Coal at 74¢/10° Btu 16.95 94.9
Total annual cost 36.90 207
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I
Table 6.25. Estimated cost of intermediate-Btu gas b
using vortex-flow slagging gasifiers

Production: 2.86 X 10° Btu/hr of 266 Btu/scf = 21.296 X 10'2 Btu/year
Conversion efficiency: 69.7%
. Oxygen-blown, 4-headed gasifiers; 85% on-stream factor oxygen requirement, 3214 tons/day
Ilinois coal: 23 X 10° Btu/ton, 3 5% sulfur )
7 gasifiers (1 is spare): $51 X 10° installed cost
Oxygen plant: $19 X 108 installed cost
Coal preparation facilities: $3.6 X 106 installed cost :
Total installed cost: $73.6 X 10% (first quarter 1974 dollars)

Annual Unit cost
cost ($/10%)  (¢/10° Btu)

Capital charges at 22.2% fixed charge rate 16.33 76.7
Repairs and maintenance materials at 2% of capital 1.47 6.9
Electricity at $0.015/kWhr 6.30 29.6
400 kWhr/ton oxygen
16 kWhi/ton coal (1.328 X 10° tons/year)
Water 142 6.7

Treated for steam, 655,795 gpd at 27¢/1000 gal
Oxygen plant coolmg water,
20.832 x 10° gpd at 20¢/1000 gal
Cooling tower makeup, 0.1% of
838 gpm at 2¢/1000 gal
Labor [4 shifts (includes 40% G&A overhead)] 0.98 4.6
Gas plant — 8 operators/shift at $7.70/hr, 1 supervisor/shift at $17.640/year
Oxygen plant — 6 operators/shift at $7.70/hr, 1 supervisor/shift at $17,640/year

Oxygen plant supplies and maintenance 045 ’ 2.1
Coal preparation and ash disposal ; 0.82 39
Annual cost less coal ] 27.77 131
Coal (30.55 X 10"2 Btu) at 74¢/10% Btu . 22.61 106

Total annual cost 50.38 237

gas prepared from high-sulfur (Illinois) coal delivered via New Orleans. Also costs of
intermediate-Btu gas varied with the type of gasifier used and the oxygen requirements per ton of
coal. All installed plant costs and coal costs are based on a Houston area facility.

Estimates of the cost of steam using low- and intermediate-Btu gas-fired boilers are presented in
Table 6.26. Note that the installed cost of the plant using low-Btu gas was estimated to be about 16%
higher than the plant using intermediate-Btu gas due to the additional costs for larger ducts, fans,
stack, etc., which would be required to accommodate the increased volume of gas resulting from the
use of low-Btu gas. Resulting steam costs range from $2.64/10° Btu using low-Btu gas to $3.18/10°
Btu using intermediate-Btu gas. :

Estimates of steam costs using low-Btu fuel assume -new installations which have been designed
specifically to handle low-Btu gas. There is some uncertainty about the use of low-Btu gas in existing
boilers.
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Table 6.26. Estimated cost of steam generation using low- and
intermediate-Btu gas-fired boilers

Basis: 10° Ib steam/hr at 750°F, 650 psig, 85% boiler efficiency; 90% plant availability;
1159 Btu/lb of steam with condensate returned at 250°F; turn-key basis, Houston, Tex.;
installed capital cost of boiler plant: low-Btu gas, $17,500,000 and intermediate-Btu gas,

$15,000,000

Capital charges at 22.2% fixed charge rate

Feedwater treatment at 15¢/1000 1b
feedwater (2% makeup)

Labor (4 shifts)

Operating — 1 shift supv. at
$12,600/year; 3 operators at
$9,360/year

Maintenance — 1 shift supv. at
$12,600/year; 5-man crew at
$9,360/year

Fringes at 40% of labor
Maintenance parts and materials

Annual operating cost less fuel
Annual gas cost (10.750 x 10'2
Btu/year):
$/10° Btu

186
1.91
2.07
237

Total cost
Unit cost, ¢/10° Btu steam

Annual cost (3106)
Low-Btu gas Intermediate-Btu gas
3.885 3.330
0.026 0.026
0.118 0.118
0.047 0.047
0.025 0.025
4.10 3.55
20.00
20.53
22.25
2548
24.10 2427 25.8 29.03
264 270 282 318

| 65 HIGH-Btu GAS

6.5.1 General Description'**'*

Basic chemistry °

The hydrogen content of coal, averaging about 5% by weight, is very low compared to that of
methane (25%), which must be the major component of pipeline gas. Therefore, a key problem in
conversion of coal to pipeline gas is the generation of large quantities of hydrogen which comes from
_ water decomposed by reaction with coal or char. The reaction of coal and steam is highly
endothermic, requiring almost 60,000 Btu per mole of steam at temperatures -of about 871°C
(1600°F) to 1038°C (1900°F) for acceptable reaction rates. Heat supply of this magnitude and
temperature level is expensive and is an important factor in the cost of coal gasification.

At sufficiently elevated pressure, hydrogen will react directly with coal at the steam
decomposition temperatures and liberate substantial quantities of heat (about 40,000 Btu per mole

122. H. C. Hottel and J. B. Howard, New Energy Technology: Some Facts and Assessments, MIT Press, 1971.

123. U. S. Energy Outlook: Coal Availability, National Petroleum Council, 1973.
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of methane). Since 1 mole of methane is stoichiometrically equivalent to a mole of steam being
decomposed, it is clear that the coal hydrogenation reaction can supply a major portion of the heat
needed for the steam decomposition reaction if both reactions occur in the same zone. This will
result in reducing the endothermic, high-temperature heat supply to one-third of the steam
decomposition heat in the absence of hydrogenation, thus significantly reducing pipeline gas costs.

To the extent that hydrogenation (i.e., hydrogen consumption) is incomplete, the reactor heat
duty increases, and, in addition, synthesis gas generated at about 871°C (1600°F) flows from the
high-temperature reactor and must be converted to methane in a methanation reactor. This latter
reaction, which occurs at about 316°C (600°F), releases almost 100,000 Btu per mole of methane
formed from synthesis gas and requires a volumetric gas flow through a number of process steps
four times as great as the equivalent volumetric flow of methane. Consequently, decreasing synthesis
gas methanation is also important in reducing the cost of pipeline gas.

The various processes for pipeline gas production available or under development differ
primarily with respect to the method of gas-solid contact, supply of heat to the steam decomposition
reaction, and the extent to which direct hydrogenation of coal to methane is combined with steam
decomposition in the high-temperature reaction system. Table 6.27 illustrates these key reactions.

In addition to these two major process steps, the complete pipeline gas plant requires important
facilities to prepare the coal for reaction, to purify and convert the high-temperature gases for
methanation, and to dry the pipeline gas.

Table 6.27. Reactions in coal gasification”

Major reactions
Steam decomposition C+H,0-CO+H, -60,000 Btu/lb-mole
Hydrogenation C+2H, - CHy +40,000 Btu/lb-mole
Methanation CO + 3H; - CH4 + H,0 +100,000 Btu/lb-mole
Auxiliary reactions
Heat supply C+0,—CO,y +170,000 Btu/lb-mole
Water gas shift CO +H,0-CO, + Hy +14,000 Btu/Ib-mole

®Heats of reaction at gasification temperature levels.

High-Btu gas production

A block diagram of the individual operations that must be carried out in sequence to make
pipeline gas from coal is shown in Fig. 6.18. On being recovered from the stockpile, coal is crushed,
ground, and dried. The coal is then charged to a pretreatment and hydrogenation operation, where it
is reacted with hydrogen-rich synthesis gas and steam under pressures ranging from 400 to 1200 psi
and temperatures from 649 to 871°C (1200 to 1600°F). In this operation, coal is hydrogenated to
yield methane in amounts that depend on the pressure and coal activity, and the exothermic heat is
transferred to the coal-steam reaction, decomposing water to generate a hydrogen—carbon monoxide
mixture (synthesis gas). The process can be carried out in a commercially proved moving-bed system
or under fluidized-bed or entrained solids conditions in several other processes under active
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Fig. 6.18. Pipeline gas from coal—integrated facility.

development. The products of the pretreatment-hydrogenation step are raw gas and
hot char. In general, the pretreatment step is unnecessary for noncaking coals but is necessary for
caking coals in some reaction systems such as moving or fluidized beds.

The hot char is transferred to a final gasification step, where it decomposes steam to generate
synthesis gas for use in the hydrogenation step. The temperature in this part of the process will
depend on the method of heat supply but could rise to above 1093°C (2000°F). Various processes
available or under development combine the hydrogenation and gasification reactions in different
ways. '

The stream of gases leaving the hydrogenation section is passed through a waste heat recovery
section which cools the gases to the temperature required for further processing. Depending on the
rank and analysis of the coal and on the balance between the hydrogenation and water
decomposition reactions used in a particular situation, the composition of this gas stream will vary

“and may or may not be of suitable stoichiometry for the final methanation reaction. Consequently,

the cooled gas may be subjected to water-gas shift and purification steps in such combination as is
suitable for methanation. The methanation reaction will provide a final gas having no more CO, Hs,
and CO, than is permitted to meet pipeline gas specification with good methanation catalyst life.
‘After composition adjustment and purification, the synthesis gas is converted to pipeline gas in
a catalytic methanation step using a nickel catalyst. This reaction is used commercially in removing
carbon oxides from ammonia synthesis gas, but its use in pipeline gas processing represents an
important extension of the available technology. This is a result of the much higher carbon oxides
content of the gas, which results in much greater heat release during reaction. Dissipation of this
heat and control of temperatures are important considerations in adapting current methanation
technology to pipeline use, but these are not considered major problems in pipeline gas development.
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The extreme sensmvuy of nickel catalysts requires a  very thorough removal of all sulfur
compounds in the purlﬁcatlon step. Hence, synthetic pipeline gas will stand out as a gas that 18
unusually sulfur free, S

After pipeline gas has been produced by methanation, the water produced by the reaction must
be removed in order to meet dryness specifications for pipeline use. The major areas undergoing
extensive development at the present time are the steam decomposition/coal hydrogenation steps.
These are the processes that provide the best potential for cost reduction.

Figure 6.19 is a comparison of high- and low-Btu gasification processes.

6.5.2 State of Development and Commercial Availability

A commercially developed process, available from the well-known firm Lurgi G.m.b.H., is well
suited to most western coals and can handle the caking coals of the eastern fields after pretreatment,
including agglomeration of the fines, which cannot be used in the Lurgi moving-bed reactors. ThlS
coal preparation would require some modest development work. .

~Some development work is also needed for catalytic methanation, but this effort should be
substantially smaller than that needed for gasification.

- Other steps, such as crushing, drying, water-gas éhift, and gas purification, are well known and
available commercially. These would require very minor adaptation for pipeline gas operations.

A number of coal gasification processes are currently under active development in the U.S.
These are concerned largely with the coal gasification and coal hydrogenation reactions and with the
method of heat supply. A development program between the Office of Coal Research (OCR) and
the American Gas Association (AGA), now under way, is funded at the level of $30 million per
year. The major emphasis of this program is on three processes: Hygas, CO; Acceptor, and Bigas.
The Bureau of Mines is independently involved in work on two processes. The most advanced of
these, with respect to stage of development, is the Synthane process.

Other processes which are bemg investigated include Atgas, Molten Carbonate and
Hydrane.'” : :

The Lurgi process and each of the four major U.S. processes under development (Hygas CO;
Acceptor, Bigas, and Synthane) are described in more detail below.

6.5.3 System Characteristics
Lurgi process

The Lurgi process'* offers a commercial method for producing high-Btu gas. El Paso Natural
Gas Company is planning to operate a coal mine and build a coal gasification plant in the northwest

corner of New Mexico. This facility, known as the Burnham Coal Gasification Complex (Fig. 6.20),

will convert 28,249 tons/day of Navajo coal to 288 million ft’ of pipeline-quality gas. The complex
will utilize Lurgi coal gasification, purification; and enrichment technology to produce 972-Btu/scf
gas plus by-products such as sulfur, coal tar, tar oil, naphtha, crude phenol, and ammonia solution.

In the Lurgi gasifier, crushed raw coal less than I in. in size is heated and then devolatilized by the
countercurrent upward flow of hot gases generated by coal combustion and steam decomposition in the

124. El Paso Natural Gas Company, Burnham Coal Gasification Project, Docket CP 73- 131, Federal Power Commission,
October 1973. .
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Fig. 6.20. Simplified process flow diagram of Burnham coal gasification complex (El Paso, 1972).
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gasifier base. The gasifier is essentially a refractory-lined, water-cooled cylindrical shell approximately
12 ft in diameter with dry ash removed in granular form via a lock hopper. To prevent clinker formation,
the highest temperature in the gasifier is held below the coal ash fusion temperature 1093 to 1482°C
(2000 to 2700°F). Because the coal moves by gravity to a fixed grate at the base of the gasifier, it is
sometimes called a gravitating-bed gasifier. Low-Btu producer gas leaving the gasifier atapproximately
510°C (950°F) and 300 psi is cooled to saturation temperature [160°C (320°F)] in a waste heat boiler
and cleaned in a water scrubber to remove residual tar and dust. Sulfur compounds (H,S and COS) may
be removed by any of a number of wet or dry processes. Most desulfurization systems absorb the sulfur
compounds with a material which is subsequently regenerated. The H,S-rich gas from the stripper
regenerator may then be sent to a Claus converter to produce elemental sulfur.

Final processing includes the shift conversion and methanation, which will increase the heating
value of the gas to about 972 Btu/scf.

Hygas process (Institute of Gas Technology)

The main units in this process (Fig. 6.21) are a two-stage fluidized-bed hydrogasifier and a
fluidized-bed synthesis-gas generator, both operating at 1000 to 1500 psi in generally countercurrent
flow of solids and gas. Caking coal (<'s in.) is first made nonagglomerating by pretreatment (partial
devolatilization) with hot air in a fluidized bed at 1 atm and 399°C (750°F) (with off-gas not
entering the product-gas stream) and is then mixed with light oil to form a slurry which is pumped
into a fluidized drying bed, operating at 316°C (600°F) and 1000 to 1500 psi, where the light oil
evaporates.

Coal from the drying bed passes successively through the first stage of the gasifier, where
devolatilization and partial noncatalytic methanation occur at 704 to 816°C (1300 to 1500°F) in the
presence of hydrogen-rich gas; then as char into the second stage, where partial gasification
at 927 to 982°C (1700 to 1800°F) occurs by reaction with steam plus hydrogen-rich gas; then in part
as a by-product char sidestream (sometimes oxygen) and in part as residual char into the synthesis
gas generator for reaction with steam at 982 to 1038°C (1800 to 1900°F); and finally out as ash.
Generally counter to the solids movement is the flow of steam and oxygen into the synthesis gas
generator. The hydrogen-rich gas from the generator, together with more steam, goes to the second
or bottom-stage gasifier for partial methanation, small in amount but sufficient to supply thermal
needs for the steam-carbon reaction; to the cooler first stage for more methanation; and then to the
drying bed and out as product gas to the purification and catalytic methanation system. -

Synthesis gas is produced from hydrogasifier spent char, steam, and oxygen in a fluidized bed
~ operating at the pressure of the hydrogasifier. The Institute of Gas Technology has developed a
controlled-divergence feed of the oxygen-steam into-the fluidized bed that was found necessary to
prevent local hot spots and associated agglomeration, The synthesis gas is shifted in composition by
steam addition, catalys1s and carbon dioxide removal. The hydrogen-rich gas is mixed with steam
and fed to the second stage of the hydrogasifier. Because the oxygen is added in a separate reactor
followed by shift conversion and CO, removal, considerably less is requlred than in other processes
which add oxygen directly to the gasifier. :

~An 80-ton/day (1.5 X 10° ft*/day) Hygas pilot plant'® is located in Chicago and is currently
operating for periods up to 6 or 7 days. The plant has been using the electrothermal method of

125. Dr. Roger Detman, C. F. Braun and Company, personal communication toJ. E. Jones, Jr., ORNL, February 1974.
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Fig. 6.21. Hygas process.

hydrogen production, which is a batch operation in the pilot plant, but the economic potential of
electrothermal hydrogen is not good. The alternate, steam-oxygen, will be incorporated in -the
middle of March 1974 with operation expected in May. Plans are to run the plant continuously for
30 days, which should be adequate to demonstrate the gasifier technology.

COz-Acceptor process (Consolidation Coal Company)

In this process'?® (Fig. 6.22), lignite (' to Ys in.) is devolatilized at 140 psia in the presence of
steam, carbon monoxide, hydrogen, and dolomitic calcine (MgO-CaO) in a fluidized-bed
devolatilizer kept at 816°C (1500°F) by addition of calcine at 1021°C (1870°F). Char from the
latter is fed to a gasifier bed containing calcine and operating at 827°C (1520°F) and 150 psia in a
fluidized-bed regenerator which receives separate streams of partially carbonated calcine
(MgO-CaCO:s) from the devolatilizer and gasifier, returns regenerated calcine to the same units,
and sends waste gas to an energy recovery system. The circulating solid material, introduced as

126. George P. Curran et al., Development of the CO: Acceptor Process Directed Toward Low-Sulfur Boiler Fuel,
Consolidation Coal Company, November 1971.
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dolomite (MgCQ;-CaCOs), evolves carbon dioxide with absorption of sensible and chemical
energy in the regenerator and accepts carbon dioxide and releases both sensible and chemical energy
in the devolatilizer and gasifier. Gas from the gasifier, rich in hydrogen and carbon monoxide, is fed
with steam to the devolatilizer; the gas is then purified, catalytically methanated, and compressed.

The process is also designed to operate at about 300 psia, in which case temperatures in the
regenerator and gasifier change to 1060°C (1940°F) and 857°C (1575°F), and the gasifier operates
with a recycle stream. _ ‘

The 30-ton/day CO:-Acceptor pilot plant'” is located in Rapid City, S.D. The pilot plant
simulates only the gasification part of the complete commercial plant and runs on lignite or
subbituminous coal. The plant has had runs up to 100 hr producing synthesis gas; plans are to run
the plant continuously for 30 days to demonstrate the gasifier technology. Some current problems
are agglomeration of the dolomite and sulfur corrosion.

Bigas process (Bituminous Coal Research, Inc.)

This process'?’

(Fig. 6.23) uses a vertical-axis two-stage gasifier which operates at 750 to 1500
psi on either caking or noncaking coal. Pulverized coal is injected with steam near the bottom of the

127. Clean Energy from Coal Technology, U. S. Department of the Interior, Office of Coal Research, pp. 32-33, 1973.
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top chamber [760-927°C (1400-1700°F)], where it mixes with synthesis gas rising from the lower
chamber and volatilizes and partially methanates. The product gas—unreacted char mixture leaving
the top passes through a cyclone separator from which the unreacted char stream (94% as large as the
raw coal feed stream, which indicates only a little more than 50% reaction per pass, on the average) is
then fed tangentially into the upper part of the lower cyclone gasification chamber where it gasifies with
oxygen and steam under slagging conditions [1482-1538° C (2700~-2800° F)]; the gas product is purified
and catalytically methanated. The slag is water quenched to granular form and dropped to atmospheric
pressure by means not yet specified.

A 120-ton/day pilot plant'* is under construction near Homer City, Pa. The pilot plant is to be
completed in early 1975.

Synthane process (Bureau of Mines)

This process'”® (Fig. 6.24), operating at 600 psi (with proposal to go to 1000), gasifies pulverized
caking or noncaking coal by passage in succession through the three zones of a gasifier: (1) a
fluidized coal-pretreating top section [399° C(750° F)] inwhich the coal, injected with hot steam and
oxygen, is partially devolatilized; (2) a dense fluidized bed in an expanded midsection that is
fluidized by hot gases from below and provides the main residence time for completion of

128. G. Alex Mills, Gas from Coal—Fuel of the Future, Bureau of Mines, May 1973.
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devolatilization and for uncatalyzed 'methanation at 593 to 799°C (1100 to 1470°F); and (3) a hot,
dilute fluidized bed in the contracted bottom section, where entering oxygen and steam furnish

_reaction heat and material for producing, at 954 to 1010°C (1750 to 1850°F), the synthesis-gas mixture

(H,-CO) entering zone 2. Char residue is withdrawn at the bottom of the gasifier, and the gas product
leaves the system at a point between zones 1 and 2. The product gas is cleaned, passed through a water-
gas shift converter, scrubbed almost free of sulfur compounds and carbon dioxide, and methanated
catalytically. R ; ' ,

A 72-ton/day (1.3 X 10° ft’/day) pilot plant'?® is under construction by the U.S. Bureau of Mines

“and is scheduled for completion by the end of 1974.

6.5.4 Economic Ané.lysis ’
Lurgi process o

The Lurgi process'? is the only commercially available process for producing high-Btu gas from
coal. An excellent source of economic data for this process is from E1 Paso’s Burnham Coal Gasification
Project (Table 6.28). ’ '
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Table 6.28. Burnham Coal Gasification Project data®

Gasification technology Lurgi
Plant capacity ' 288 X 10° scf/day
Coal required 28,249 tons/day
Coal analysis (est. average)
Btu/lb ) 8664
Ash 19.3%
Moisture 16.2%
Volatiles 30.7%
Fixed carbon 33.8%
Sulfur ) 0.69%
High-Btu gas (higher heating value) 972 Btu/scf
Gross investment $491.36 million
Employment " 833 full-time employees
Site area (gasification plant) ’ 960 acres
- Annual water required for gasification 8253 acre-ft
plant ’
Annual operating and maintenance cost $31.97 million
(excluding coal cost)
By-products Sulfur, coal tar, tar oil,
naphtha, crude phenol, and
: ammonia solution
Annual income from by-products $15.86 million
Projected load factor 0.91
%Cost data in mid-1973 dollars.

Using the example ground rules of 22.2% fixed charge rate and 50¢/10° Btu for mine-mouth

subbituminous coal, the cost of high-Btu gas from the Lurgi technology can be determined as follows:

288 X 10° scf/day plant (Lurgi)

Annual cost capital = $491.36 X 10®
=$109.08 x 10°

Annual cost O&M = $31.97 x 10°

Annual cost coal = (21,283 tons/day)(2000 Ib/ton) (11,500 Btu/Ib) = 489,500 X 10° Btu/day
Cost per day = ($0.50/10° Btu)(489,500 X 10° Btu/day) = $244,750/day

Annual cost = ($244,750/day)(365 day/year)(0.91 load factor) = $81.29 X 108

Total annual cost = $222.35 % 108

Annual production high-Btu gas = (288 X 10° scf/day)(365 day/year)(0.91 load factor)
=95,660 X 10° scffyear
= (95,660 X 10° scf/year)(972 Btu/sch) = 92.98 X 102 Btu/year

$222.35 X 10%/year
92.98 x 10'2 Btu/year

High-Btu gas product cost = = $2.39/10° Btu
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Economic potential of developmental processes

Estimates of the investment and operating costs of the gasification processes under development
have been published.'?* These figures are based on small-scale test data and are quite variable. Until
pilot plant verification of the assumptions used in plant designs and cost estimates becomes available, it
appears proper to use these estimates primarily to guide the research and development programs.
Nevertheless, it is possible to derive an idea of the potential of the cost savings these processes may
provide upon satisfactory completion of the work now under way.,

The available estimates differ widely and are based ona variety of coals and on a variety of means of
carrying out the required reactions. The plant investments for capacities of about 250 million scf/day,
including utility facilities, range from about 55 to 95% of the Lurgi estimates on an equivalent basis.
Although the first plant of any of the processes under development will cost more because of allowances
that will have to be included to ensure dependability, it seems reasonable that some of the new processes
should provide savings over the established process. Real savings would appear to be available as a
result of the incorporation of increased direct hydrogenation in the gasifier and decreased downstream
catalytic methanation, resulting in an important decrease in endothermic heat requirements.

A potential savings in capital investment of perhaps 15% would appear to be possible, and a 5%
increase in fuel economy may be achieved. Based on these estimates, one can project a reasonable
anticipated cost for the developmental process of $2.19/ 10° Btu. In terms of add-on costs over and above
the coal cost, these may be interpreted as $1.89/ 10° Btu for the Lurgi process and $1.69/ 10° Btu for the
developmental processes, as shown below.

250 x 10° scf/day plant (developmental U.S. processes)

Capital cost = $363 X 10°

Annual cost of capital = $80.5 X 10®

Annual cost of O&M = $28 X 106

Annual cost of coal = 66 X 10° (at.50¢/10° Btu)

Total annual cost = $174.5

Annual revenue required from high-Btu gas = $125 X 105

Annual production of high-Btu gas = (250 X 10°® scf/day)(365 days/year)(O .9 load factor) X (970 .
Btu/scf) = 79.66 X 10'? Btu

$174.5 x 10°

6
—_—=2, t
7966 x 1012 B 219/10" B

VHigh-Btu gas cost =

6.5.5 Availability

The Lurgi process is currently available. Fora 250 X 10° scf/ day plant, the antxcxpated construction
period (from start of construction) is 3 years.

The developmental processes could be available in about 5 years. This assumes a demonstration
plant is started in about 1, years with 2/, years construction time and 1 year for operation. Allowingan
additional 4 years for construction of a plaht, one can see that it will be at least 9 yeam: before high-Btu
gas could be available from the developmental processes. -

The cost of steam generation using high-Btu gas from coal is given in Table 6.29.
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Table 6.29. Cost of steam generation using high-Btu gas from coal

Basis: 10° Ib/hr of steam at 750°F, 650 psia;
estimated cost of boiler = $15 X 10®

Annual cost Unit cost
ao®s) (¢/10° Btu)
Capital charges at 22.2% fixed charge rate 3.33 42
Operating and maintenance (excluding fuel cost) 0.31 3
Unit fuel cost at production site
Lurgi 239
U.S. developmental 219
Houston ‘New Orleans
Shipping cost 18 12
Delivered fuel cost o
Lurgi 257 251
U.S. developmental 237 231
Steam cost (at 85% boiler efficiency) )
Lurgi 347 340
U.S. developmental . 324 317

6.6 LIQUEFACTION AND CLEAN BOILER FUELS FROM COAL

129,130

6.6.1 General Description

The production of synthetic liquid fuels from coal involves the development of technology in two
areas: conversion of coal to liquids by hydrogenation and production of hydrogen from coal at a lower
cost than that available from existing technology.

The main problem in the conversion of coal to liquids is to transform a low-hydrogen-content solid
into a liquid containing substantially higher amounts of hydrogen. The extent of the hydrogen addition
is illustrated in Table 6.30. In normal petroleum refining, the hydrogen consumption may be in the order
of 500 to 1500 scf/barrel, depending on the specific type of processing used and the properties of the
refinery feedstock. Experience in coal liquefaction has shown that much more hydrogen processing is
needed, requiring large amounts of hydrogen and severe processing conditions. To convert the organic
material in coal to a petroleum-like liquid theoretically requires about 5000 scf/ barrel. This amount of
hydrogen would suffice to remove the sulfur, oxygen, and nitrogen compounds and yield a liquid
containing about 13% hydrogen without producing any substantial amounts of light hydrocarbon gases.

In practice, the hydrogen consumption is much higher, ranging from 6000 to 10,000 scf/ barrel, due
primarily to a substantial production of light hydrocarbon gases and to loss of hydrogen into the
unliquefied solid residue. As a result, the production of hydrogen represents a major factor in coal
liquefaction and the processing of coal liquids.

Other problems arise from the nature of coal itself. The presence of organic nitrogen compounds
inhibits many of the reactions in converting the coal liquids. Further, the presence of ash has several

129. U.S. Energy Outlook: Coal Availability, National Petroleum Council, 1973.
130. H. C. Hottel and J. B. Howard, New Energy Technology Some Facts and Assessments, MIT Press, 1971.
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Table 6.30. Typical analysis (wt %)
of coal, solvent-refined coal (SRC),
and crude liquid from coal®

Analysis Bituminous coal " SRC Petroleum
c . 60.0 | 884 86
H 41 5.2 13
o ‘ 6.3 3.7
N 1.2 18 0.1
S , 2.4 0.8 0.9
H,0 162
Ash 10 0.1

Total 100 100 ©100

“Approximate H; requirements (Ib H, /ton coal): syncrude,
130; SRC, 25 to 30. )
Moisture varies widely with coal source.

harmful effects. In carrying out catalytic reactions, the ash can cause plugging of the bed and
deactivation and permanent damage to the catalyst. The ash and unconverted organic residues also pose
a waste disposal problem, which may be costly and also require substantial antipollution measures. A
further technical problem arises in separating the heavy liquids from the solid residues. The unconverted
solids have a small particle size, many being below 10 g, requiring appreciable and careful processing to
prevent a loss of liquid yield due to sticking or occlusion with the fine solids.

“Many of the techniques for processing coal are geared to circumventing various aspects of the
above problems. Some of the general techniques are described in the following sections.

6.6.2 Technology for Coal Liquefaction

Pyrolysis

The general technique of pyrolysis seeks to recover liquids from coal by the application of heat
without the direct addition of hydrogen. In essence, this technique would reject carbon as a solid and
recover a liquid containing a substantial amount of hydrogen. Pyrolysis processes, in general, operate at
temperatures above 427°C (800°F) and at atmospheric pressures. The specific temperature used is
normally determined by the desired quality and end use of the char product. In general, pyrolysis makes
a very low oil yield, usually less than about 0.8 barrel per ton of coal. '

Fischer-Tropsch process

" The Fischer-Tropsch process was originally developed in Germany for the synthesis of
hydrocarbon liquids from gaseous CO and H,. The synthesis gas could be made from steam reforming of
methane or by gasifying coal. The liquid product is a highly oxygenated liquid. If high-quality motor
fuel is desired, the oxygenated liquid must be further processed with hydrogen to remove most of the
oxygen. - .
~ Some application of this process was made in Germany from 1936 to 1939. This process and others
were also employed in Germany during World War II. Immediately after World War 11, a large pilot
plant was built in Brownsville, Tex., using methane as the primary feed. However, severe technical
difficulties were encountered in the synthesis reactions, and the project was abandoned.
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In general, the economics of the Fischer-Tropsch process are considered unfavorable for fuel
products.

Catalytic hydrogenation

The processes which have been studied most extensively for the conversion of coal involve the use of
a catalyst. It is possible to react hydrogen directly with coal in the presence of a catalyst and a slurry oil
vehicle to produce gas, oil products, and a solid residue. Many catalysts were developed in Germany
prior to World War Il and have been extensively studied in the United States. Early work involved the
use of cheap “throwaway” catalysts such as iron oxide and iron oxalate, which were discarded with the
solid residue. The general reaction conditions were extremely severe—pressures generally in the range of
5000 to 10,000 psia and temperatures usually 454° C (850° F) or higher. Immediately after World War Il
the U.S. Bureau of Mines built a large demonstration plant for this process at Louisiana, Mo. In general,
the plant operated successfully, but the economics of the process were extremely poor.

Subsequent research into this type of procéssing has been aimed toward (1) developing better
catalysts so as to lower the severity of reaction conditions (with accompanying improvement in yields)
and (2) developing new technology for gas/solids contacting.

Hydrogen donor solvents

Another approach to coal liquefaction is to remove the coal ash by dissolving most of the coal in a
hydrogen donor solvent prior to the catalytic hydrogenation step. The basis of this process is to heat coal
in the presence of a hydroaromatic material, such as tetralin or its analogs, at 371 to 454°C (700 to
850°F) and 200 to 1000 psia pressure. The coal gradually dissolves, and the large coal molecules are
stabilized by the transfer of hydrogen from the donor solvent to the coal fragments.The unconverted coal
and ash are filtered from the solution of solvent and extract. The spent solvent is subsequently recovered
from the extract and rehydrogenated for recycle. This procéss was originally developed in Germany and
is known as the Pott-Broche process. It was applied to some extent in Germany during World War II
and has been pursued in the United States by CONSOL. In general, the liquid product is an extremely
heavy extract—its molecular weight is well above 1000, thus requiring that the extract be upgraded
substantially to make fuel products. This upgrading can be accomplished by adding hydrogen
catalytically (e.g., using an ebullating bed of catalyst). A fixed bed can also be used if the extract is
essentially free of solid particles.

Low-sulfur fuel oils from coal

Heavy fuel oils can also be produced from coal. Since a great deal of the sulfur in coal is tied up as
inorganic constituents of the ash, it is possible, by liquefaction and removal of the ash, to produce a
heavy fuel oil (or de-ashed coal) from which a portion of the sulfur has been removed. This material hasa
high meliing pdinf [above 93°C (200°F)]. The sulfur content of thé de-ashed coal depends on the coal
feed. The usual type of processing consists in contacting coal (in a slurry oil vehicle) with hydrogen at
1000 to 5000 psia and 399 to 454°C (750 to 850°F). Under these conditions, the coal depolymerizes
sufficiently, so that the total mixture can be filtered to recover the heavy oil product and a solid residue.
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6.6.3 State of Development and Commercial Availability

‘Coal liquefaction is not as close to commercialization as coal gasification. However, there are some
definite advantages to liquefaction as compared with high-Btu gasification which merit consideration.
Less hydrogen is required to convert coal (CHo.7-0.9) to a liquid fuel (about CH 1) than is needed for
production of pipeline gas (CHa), and synthetic fuel oil is easy to store. Costs for transportation of oil are
about half those for pipeline gas. The energy conversion efficiency of coal liquefaction is considerably
better than that for high-Btu gas production from coal and approximately equal to that for low-Btu gas
production with present technology. '

Four major processes that offer merit in coal liquefaction are being funded by the OCR (over $20
million each). These processes (solvent-refined coal, CONSOL, COED, and H-coal) are described in
more detail in the following section. '

6.6.4 System Characteristics

Solvent-refined coal’**"'**

If the only objective of coal treating is to produce a c)eah fuel, hydrogenation to produce solution
can be minimized and be followed by ash separation and conversion of sulfur to removable form.
Solvent refining was initiated with the limited objective of producing a low-cost antipollution
alternative to residual oil and natural gas for use under boilers.

A process flowsheet is given in Fig. 6.25. Coal from crushers (—1/8 in.)is slurried with anthracene-
oil-type solvent and 30 to 40 Ib of hydrogen per ton of coal. The slurry is heated and passed to a high-
pressure flash vessel at a temperature such that the liquid is filterable. The vapor stream from this stage is
processed through a series of flash vessels at successively lower pressure and temperature to separate
various fractions for hydrogen recycling, phenol and cresylic acid recovery, and acid gas removal.

The liquid portion of the dissolver effluent is flashed to the filter pressure and passed to precoated
rotary filters for the removal of the mineral residue, which includes nearly all the ash, all the pyritic
sulfur, and half the organic sulfur in the coal (bringing the sulfur content below 1% for most American
coals). The residue is solvent-washed and stored for use as a fuel. Gas from the filter is removed and
combinéd with the condensate from the vapor removed from the dissolver effluent for treatment.

The liquid filtrate is heated and flashed in'a vacuum vessel. The liquid residue from this stage can be
used either in liquid form as a fuel or solidified to form the final fuel product. The solidification process
at commercial scale is likely to require considerable development, but Stearns-Roger has indicated the
use of flaking drums and ‘silos for product solidification and storage.

The condensate from the vapors removed by the vacuum flash stage passes through two
fractionators to recover various products. The first separates coal solvent from the wash solvent for the
mineral residues and light oil products; and the second separates wash Vsol\"ent‘ from the light ends.
Vapors from this process are recovered for processing in the acid gas removal plant, while the final liquid
yields phenols, cresylic acid, and light oil. An additional planned by-product of the plant will be sulfur,

131. B.K.Schmid and W. C. Bull, Production of Ashless, Low-Sulfur Boiler Fuels from Coal, Pittsburgh and Midway Coal
Mining Company, September 1971.° '

132. Economic Evaluation of a Process to Produce Ashless, Low-Sulfur Fuel from Coal, Pittsburgh and Midway Coal
Mining Company, OCR R&D Report 53 (November 1959).

133. Everett Huffman, Southern Services, Inc., personal communication to J. E. Jones, Jr., ORNL, February 1974 and June
1974.
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coming from a Claus process running on the H,S from the acid-gas-removal unit and the SO, from the
flue gas generated by burning the mineral residue from the filters.

A variation of the original process is the splitting of the liquid de-ashed product stream into two
parts, one of which goes through a delayed coking process which adds coke, coke gas oil, and more light
oil to the original products.

A 50-ton/day SRC pilot plant located near Tacoma, Wash., is essentially complete and scheduled
for startup about Sept. 1, 1974. A smaller SRC pilot plant (6 tons/day) has been built by the Southern
Company and Edison Electric Institute in Wilsonville, Ala. This plant was completed about Sept. 1,
1973, and is presently in the shakedown and development stage. -

The 6-ton/day plant uses Kentucky No. 14 coal, which is 3.9% sulfur, roughly half organic and half
pyritic. The process is expected to remove essentially all the pyritic sulfur and 60% of the organic sulfur.
A recent sample of the SRC product has 0.6% sulfur and a 15,840-Btu/Ib higher heating value.

A 45-day continuous run at two-thirds of full design load was recently completed. The first part of
the run was concentrated on the front end of the process and the mineral filter was only on line during
the last 20 days.

Hydroclones are presently being installed which will be tested as an alternate to the rotary precoat
filter.

CONSOL process

In the CONSOL process'* for synthetic crude production (Fig. 6.26), coal containing 2% moisture
is crushed to 8 mesh or finer, slurried at 93°.C (200° F) with a process-derived hydrogen-donor solvent in
the ratio of 1 part coal to 2.5 parts of solvent, and heated to 371 to 427° C(700 to 800° F), where the coal
undergoes a complex dissolution and cracking process from which gases and water are evolved. The
remaining liquid is a high-molecular-weight black. oil having a melting temperature around 204°C
(400°F) and consisting of solvent and 50 to 70% moisture- and ash-free coal in solution, with
undissolved coal and ash in suspension. The black oil extract is cooled to 260 to 371°C (500 to 700°F)
and put through cyclone separators to form a relatively solids-free stream and a solids concentrate. The
latter is sent to a low-temperature carbonizer where it undergoes severe cracking to produce char and
synthetic distillates.

The filtrate or cyclone overﬂow stream is flashed, and the bottoms are washed with water at 1750
psi and 304°C (580°F) to remove the residual ash. The resulting ash-free extract is hydrogenated with
zinc chloride catalyst in an ebullated bed operating at 4200 psi, and the hydroproduct is dropped in
pressure and separated by distillation into heavy recycle solvent bottoms (containing the hydrogen
donor) and synthetic crude product. The solvent bottoms are returned to the coal-slurrying point.

The Consolidation Coal Company has for many years been developing processes for making
synthetic liquid fuels from coal, leading in 1963 to a contract with the Office of Coal Research for design
of a pilot plant.'** The plant, dedicated in 1967, was intended to make liquids in the gasoline range and
was christened Project Gasoline (Consolidation Coal Co., 1970). Later studies indicated the advisability
of changing the objective to 'the manufacture of low-sulfur synthetic crude oil; the latter process was
described above. :

This process has been subjected to detailed examination by a National Academy of Engmeermg
Panel and the Foster Wheeler Corporation, resulting in a recommendation for extensive modifications

134. Engineering Evaluation and Review of CONSOL Synthetic Fuel Process, Foster Wheeler Corp., February 1972.
135. J. B. O’Hara, Ralph M. Parson Company, personal communication to J. E. Jones, Jr., ORNL, February 1974.
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of the pilot plant (Foster Wheeler Corp., 1971). Funds were not made available to carry out the
recommendations. This facility is now being converted to provide a facility for testing various coal
liquefaction processes.

COED process

The Char Oil Energy Development (COED) process*®'*” developed by F .M.C. Corporation, is
based on the multistage fluidized-bed pyrolysis of coal to produce oil, gas, and char. Catalytic
hydrotreating of the oil yields a synthetic crude oil that is suitable as a petroleum refinery feedstock. The
product gas can be re-formed to produce a high-Btu pipeline gas or hydrogen. The char product can be
used as a boiler fuel for power generation or it can be gasified to produce synthesis gas.

Figure 6.27 is an incomplete flowsheet of the process. Pulverized coal is fed through an air lock into
two parallel trains of equipment, each of which includes a coal dryer, four fluidized stages.of pyrolysis,
fluidized char cooler, and oil recovery and gas-recycle systems. The heat and gas required to dry the coal
and to fluidize it in the first stage are supplied by burning recycle gas from the oil recovery system. Dried
coal leaves the dryer at 191°C (375°F) and flows to the stage 1 reactor. The bulk of the exit gases from
the dryer (N2, CO,, and H;0) is sent to or around the first stage, and the remainder is vented. Exit gases
from stage 1 (N2, CO2, and H,0) are venturi scrubbed and used partly for fluidization in the char cooler
and partly for recycle to the dryer; the oil and liquor from the scrubbér go to a skimmer-decanter system
in the second-stage recovery system.

Stages 2 and 3 are combined in one vessel. Product gas and recycle char at 871°C (1600°F) from
stage 4 supply the heat required in the second- and third-stage reactors. Product gases from stage 2 flow
to the oil recovery system. Product char from stage 3 at 538°C (1000°F) is heated to 871°C (1600°F) in
stage 4 by combustion of a portion of the char with oxygen. Product char from stage 4 is cooled in a
fluidized-bed char cooler. The product gas from stage 2 at 454°C (850°F) passes through a venturi
condenser, where it is cooled to 77° C (170°F). Essentially all the oils are condensed and removed in the
gas-liquid separator. The effluent gas flows through an electrostatic precipitator for fog removal and
then to a spray tower to remove the last traces of oil. The gas leaving the tower at 38°C (100°F) is sent to
a gas purification unit (not shown). The decanted oil, including that from the stage 1 recovery system,
flows to an oil dehydrator, a filter for removal of char carried over from the second-stage reactor,and an
oil hydrotreating section. There the oil is pumped to 3100 psi, joined by recycle and makeup hydrogen,
and heated to 343°C (650°F) by heat exchange on the product stream from the bottom of the
hydrotreater. This stream is heated further to 413°C (775°F) in a gas-fired furnace prior to entering the
top of the hydrotreater. Oil product is separated from the lighter hydrocarbons in a series of coolersand
flash drums, and the product oil is pumped to bulk storage.- ' :

The product gas from the oil-recovery section is compressed to 410 psia. The H;S and CO; are
removed by a purification system, followed by a zinc oxide guard for removal of sulfur traces. The
hydrocarbon gases are then reformed and shifted with steam at approximately 300 psia, and the COz is
removed. A methanation step then follows for the final removal of CO. A portion of the COED product
gas is used as process heat for the reformer section and for the other areas where heat is required.

Instead of using the COED process to make the three products listed above, the fuel gas (of about
500 Btu/ft’) can be used to make hydrogen at a claimed rate of about 12,000 ft’ per ton of coal for use in

136. S. K. Reed, Project COED (Char, Oil, Energy, Development), F.M.C. Corporation, September 1966.
137. H. A. Shearer, Economic Evaluation of COED Process plus Char Gasification, American Oil Company, September
1972.
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Fig. 6.27. COED process.

oil hydrogenation. Similarly, the char can be used to make synthesis gas. With a scale of operation large
enough to consider the gas streams from COED as raw material for pipeline-quality gas, this process
might be considered for integration with the methanation operations of one of the gas-making

processes.

A 36-ton/ day pilot plant'® is located at Princeton, N.J. The COED process has operated well in

pilot plants.

The COED process is intended to maximize the gas yield obtainable by coal pyrolysis alone, with
temperature staging to avoid agglomeration and countercurrent gas-char flow to minimize product
decomposition. It produces about the same char yield as the standard ASTM proximate analysis for
fixed carbon plus ash. The process is stated to have produced, on a 30-day run on Colorado bituminous
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coal, the following yields based on dry coal feed:

Pilot plant Bench scale (approx.)

Char 56.0% 60%

Qil 18.7% 20%

Gas 9000 scf/ton 8000 scf/ton
. 16.9% 15%

Gas heating value : 535 Btu/scf

The second column gives, for comparison, the results of earlier bench-scale experiments. These and
other results, combined with product heating values, correspond to thermal efficiencies in the vicinity of
100%: Such a high value is not realistic, and it is not clear whether there were other thermal inputs;
however, the data do support the reasonable conclusion that this pmcess operates at high thermal
efficiency. The oil yield of 18.7% corresponds to about 1.2 barrels per ton of coal.

H-coal process

Hydrocarbon Research, Inc. (HRI), under sponsorship of the Office of Coal Research, has
developed a process for coal liquefaction by catalytic hydrogenation."*'** Crushed coal (Fig. 6.28) is
mixed with recycle oil to form a slurry which is pumped with hydrogen into a preheater operating at 2700
psi. The slurry and preheated recycle gas from the main reactor are pumped into the H-coal reactor, an
ebullated-catalyst column operating at 2700 psi and 454°C (850°F). The catalyét, cobalt molybdate,
settles below a point in the bed at which liquid product is drawn off to a hot atmospheric flash drum.
There the product separates into an overhead stream that is split, part going to a vacuum flash drum
which separates it into vacuum overhead product and bottoms slurry productand part to a return line to
the slurrying operation. At the reactor the overhead vapors are partly condensed, and the uncondensed
gas (containing most of the fuel sulfur as H,S) is sent to a naphtha recovery operation, to acid gas
removal, and finally to the hydrogen plant with other fuel gas. The flowsheet (Fig. 6.28) shows final
products which must be subjected to further refinery operations. The char-oil product, containing
unconverted solids, can be used as a fuel or can be carbonized to obtain more liquid product.

The process'®’ has had bench-scale development in a 3-ton/day process development unit. A
proposal has recently been made that a variation of the process, known as the HR1I fuel-oil process, be
tested at pilot-plant scale at the Cresap pilot plant of Consolidation Coal Company, under contract of
both companies to the Office of Coal Research. The fuel-oil process will differ somewhat from the one
described above. A two-reactor, two-stage conversion system will be used, with the light and middle
distillate materials recycled with coal to yield the fuel-oil product stream. Residual materials remaining

- unconverted would require separation and carbonization.

138. C. A. Johnson et al., Scaleup Factors in the H Coal Process, Hydrocarbon Research, Inc., presented at 65th Annual

" A.LLCh.E. Meeting, November 1972,

139. Commercial Process Evaluation of the H-Coal Hydrogenation Process.Hydrocarbon‘ Research, Inc., PB-174 696
(1965). . :
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6.6.5 Economic Analysis

For both solvent-refined coal and clean liquid fuel, it is appreciably more economical to considera
large mine-mouth plant that distributes product to several industries rather than a small plant at the
industrial site. Both products are cheaper to ship than the coal and there are economic advantages of
scaling to a large plant size.

Solvent-refined coal

A 31,100-ton/day (as received) SRC plant is considered to be located in the southern Illinois
area.'®® The plant uses high-sulfur bituminous coal at an estimated cost of 50¢/10° Btu at the mine-
mouth plant. The technical and economic data for this plant are tabulated in Table 6.31, and the unit
cost of steam generation using SRC is shown in Table 6.32. '

140. Staff Report, Study of Options for Control of Emissions from an Existing Coal-Fired Electric Power Station, ORNL-
TM-4298 (September 1973).
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‘Table 6.31. Technical and economic data for a 31,100-ton/day SRC plant

Coal required (as received) 31,100 tons/day
Unit coal cost ' 50¢/10° Btu
Plant factor 09
Annual coal cost $117.5 x 10°
Total capital investment $339 x 108
Annual capital cost (at 22.2% fixed charge rate) $75.2 x 108
Annual O&M cost (not including coal) $35 x 10°
Total annual cost $227.7 x 108
By-products
Light oil 16,856 bbl/day (2697 tons/day)
Phenol 90 tons/day
Cresylic acid 300 tons/day
Total 3087 tons/day
SRC production 14,650 tons/day at 15,650 Btu/lb
Total production 17,737 tons/day = 5.83 X 10° tons/year = 182.5 X 10'2 Btu/year
, $227.7x 10° 6
SRC unit cost m = $1.25/10" Btu
Shipping cost
To New Orleans $0.13/ 10° Bt
To Houston $0.18/10° Btu
Total delivered SRC cost
Houston $1.43/ 1_06 Btu
New Orleans $1.38/10° Btu

Table 6.32. Cost of steam generation
using SRC
Basis: 10° Ib/hr of steam at 750°F, 650 psia
Estimated cost of boiler, $18.75 X 10

Annual cost Unit cost
($10%) (¢/10° Btu)
Capital charges at 22.2% 4.16 45.5
fixed charge rate .
Operating and maintenance - 0.31 34
(excluding fuel cost)
Unit fuel cost at production site 125
Shipping cost BT 134
Delivered fuel cost 1434 138
Steam cost (at 85% boiler efficiency) 217 211

%Houston.
bNew Orleans.
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Liquid boiler fuel

Cost analyses have been prepared for producing liquid boiler fuel or syncrude using the direct
hydrogenation method (H-coal) or a two-step extraction-hydrogenation method (using the basic SRC
process plus hydrogenation).'*"*'*? These processes appear to have about equal economic potential at
this time.

Table 6.33 presents a cost estimate for the extraction-hydrogenation process. Data are derived from
an extrapolation of a Ralph M. Parsons Co. Report.' This estimate is considered to be more
conservative than similar estimates for the H-coal process.'*’ Two liquid boiler fuel products are
produced plus by-product naphtha. The two products are roughly equivalent to No. 6 and No. 4 fuel oil.
The boiler fuel cost presented does not distinguish between these two products.

The unit cost of steam generation using the liquid boiler fuel from coal is shown in Table 6.34.

141. J. M. Holmes, ORNL, personal communication to J. E. Jones, Jr., ORNL, May 1974,
142. Demonstration Plant: Clean Boiler Fuels from Coal, Ralph M. Parsons Company, OCR R&D Report 82, undated.
143. “Coal Conversion Technology,” Chem. Engr., pp. 88-102, July 22, 1974.

Table 6.33. Cost estimate for a 43,800-ton/day extraction/hydrogenation plant

Coal required (as received) 43,800 tons/day
Unit coal cost 50¢/10° Btu
Plant factor 09
Annual coal cost $165.5 X 10°
Total capital investment $857 x 10°
Annual capital cost (22.2% fixed charge rate) $190 x 10°
Annual O&M cost (not including coal) $32 x 10°
Total annual cost $387.5 x 10°
By-product naphtha production ’ 7900 bbl/day
Bosiler fuel production 101,520 bbl/day = 627 X 10° Btu/day
Total production 109,420 bbl/day = 676 X 10° Btu/day = 222 X 10" 2 Btu/year
. . $387.5% 10 ) 6
Boiler fuel unit cost 17 . =$L75/10" Btu
222 x 10'% Btu
Our estimate of the confidence range of this estimate +10%
Range of boiler fuel unit cost $1.58 to $1.92/10° Btu
Shipping cost
To Houston® $0.12/10° Btu
To New Orleans $0.09/10° Btu
Total delivered fuel oil unit cost
Houston $1.87/ 10® Btu
New Otrleans $1.84/ 10 Btu

% Assumed to be approximately half of the shipping cost of coal.
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Table 6.34. Cost of steam generation
- using liquid boiler fuel from coal

Basis: 10° Ib/hr of steam at 750°F; 650 psia; estimated cost of boiler,

$15 x 10°
Annual cost Unit cost -
($10%) (¢/10° Btu)
Capital charges at 22.2% 3.33 364
fixed charge rate
Operating and maintenance 0.31 34
(excluding fuel cost)
Unit fuel cost at production site 175
Shipping cost 129 9b
Delivered fuel cost - 1877 1840
Steam cost (at 85% boiler efficiency) 260 . 256
2Houston.

bNew Orleans.

6.7 METHANOL FROM COAL

The technology for making methanol is available. Several types of suitable coal gasifiers are
available, and at least two methanol synthesis processes are in commercial use. However, no integration
of this technology has ever been attempted on a currently commercial scale of production.

Methanol via coal gasification would undoubtedly be produced at or near the mine mouth to
obviate the extra handling and transport of raw coal. Selection of a gasifier for a methanol-from-coal
plant would be significantly influenced by the site chosen for the plant and the type of coal used for feed
stock. For example, foran eastern siteand caking bituminous coal, the Koppers-Totzek gasifier appears
to be the optimum choice. On the other hand, for a western site and noncaking subbituminous coal,
Lurgi gasifiers would be the likely choice. o ‘

There are many options for combining the gasification and the methanol synthesis steps required
for the production of methanol from coal. Most economic evaluations which have been published have
focused on the production of “methyl-fuels” for the automotive market.'**'** Because of its high cost,
methanol holds no promise as a base fuel for utility boilers. However, since it can be readily transported
and stored in conventional equipment, it might, under some circumstances, be of interest asa standby or
peak-shaving fuel. A 2-week firing program carried out in 1973 by Vulcan Cincinnati, Inc., at the A. B.
Patterson Steam Generating Station of New Orleans Public Service demonstrated that “methyl-fuel” is
suitable for firing utility boilers. ' ’

144. T. B. Reed and R. M. Lerner, “Methanol: A Versatile Fuel for Immediate  Use,” Science 182(4119), 1299-1304
(December 1973). ) ) . . : :
145. G. A. Mills and B. M. Homby, “Methanol—The New Fuel from Coal,” Chemtech, pp. 26-31 (January 1974).
146. D. Garret and T. O. Wentworth,“Methyl-Fuel, a New Clean Source of Energy,” paper 9, presented at the American
Chemical Society 1973 Annual Meeting, Division of Fuel Chemistry, Aug. 27, 1973.
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Cost estimates for producing methanol via coal gasification are presented in Tables 6.35 and 6.36.
The cost of steam generation using methanol fuel is estimated in Table 6.37. These estimates are based
on an unpublished report which was prepared by three of the Atomic Energy Commission’s National
Laboratories for Project Independence. The procss flowsheet and equipment costs were supplied by
manufacturers of coal gasification and methanol synthesis equipment. Based on using a high-volatile
bituminous coal having a mine-mouth cost of 50¢/ 10° Btu, the estimated cost of methano! (based on
9770 Btu/Ib of methanol) would be approximately $2.90/10° Btu.

Table 6.35. Cost of methanol via coal gasification

Basis: Oxygen-blown Koppers-Totzek or Winkler gasifiers; shift conversion}'\
acid gas (H2S,C0O3) removal; methanol synthesis using Imperial
Chemical Industries low-temperature, low-pressure process
with copper catalyst; coal feed: high-volatile bituminous
A, 15% ash, 4% sulfur, 10,690 Btu/Ib

Raw materials
As-received coal, tons/day 8260
Oxygen, tons/day 6700
Water, gpm ) 3320
Energy input, 10° Btu/day 177

Power for utilities and off sites

As-received coal, tons/day 1650
Energy input, 10° Btu/day 35
Products and effluents
Methanol (at 9770 Btu/lb), tons/day 5000
Total energy output, 10° Btu/day 97.7
Sulfur, tons/day 390
Ash, tons/day 1260
Process efficiency
Total energy output/total energy input, % 46

Estimated capital requirement (1973 dollars), $10°

Onssite process units®

Gasification 545
Oxygen production 36.1
Gas hift conversion and purification 28.6
Methanol synthesis 38.1
Offsite units and utilities” 28.6
Contingency 186
Total plant investment 204.5
Interest during construction 34.5
Startup costs 9.7
Working capital 4.1

%Includes overhead and profit and engineering and design costs, based on third
quarter 1973 dollars.
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Table 6.36. Estimated annual operating costs

Cost
($10°%)
Coal (mine mouth) at 50¢/10° Btu 40.81
Catalysts and chemicals 0.88
Raw water at 30¢/1000 gal 0.47
Labor
Process operating labor ($5.50/man-hour) 2.89
Maintenance labor (1.5%/year of total plant 3.50
investment)
Supervision (15% of operating labor) 0.96
Administrative and general overhead (60% of total 440
labor, including supervision)
Supplies
Operating 0.87
Maintenance- 3.50
Capital charges at 22.2% fixed-charge rate -45.39
Total annual operating cost 103.67
Unit cost? $/10° Btu 2.91
q 103.67 X 10° annual cost
(5000 tons/day) (2000 Ib/ton) (9770 Btu/lb) (365)
Table 6.37. Cost of steam generation using methanol
derived from coal
Basis: 106 Ib/hr of steam at 750°F, 650 psia;
estimated cost of boiler, $15 X 106
Annual cost Unit cost

($10%) (¢/}’0° Btu)

Capital charges at 22.2% 333 364
fixed charge rate

Operating and maintenance 0.31 34
(excluding fuel cost)

Unit fuel cost at production site 291

Shipping cost 12° 9b

Delivered fuel cost 3037 300°

Steam cost (at 85% boiler efficiency) 396 393

“Houston,

bNew Orleans.
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Part III. Assessment

Part III is an overall assessment of the various options described in Part II in the context of
costs, commercial availability, and potential for retrofitting systems that are presently being fired
with natural gas or oil. Individual assessments by the industrial representatives who participated in
the study are included in this section.

7. Assessment of Energy Alternatives

The following general assessment of coal and nuclear energy alternatives for industrial energy is
specifically directed toward large industrial energy applications in the Gulf Coast region of the U.S.,
where industry has been using low-cost, high-quality natural gas almost exclusively. Natural gas is
now quite expensive and, more importantly, may soon be unavailable to industry for steam
generation and process heating at any cost. Conversion to an alternate energy source involves an
almost unmanageable number of options and decisions, many of which may be affected by national
or international policies beyond the control of the industries concerned.

This assessment is intended to prowde some useful guidelines for the industries involved and to
contribute, along with industrial input, to a better understandmg within the Federal Government of

_energy system development needs for industrial applications.

Each system is evaluated in terms of its application in or near Houston, Tex. Selectlon of this
reference site has tended to make western coal more attractive as compared with some alternate site
east of the M1ssxss1pp1 RlVCI‘ The reader should be cognizant of this factor in interpreting these
results for alternate sites.

7.1 NUCLEAR ENERGY

“Three nuclear systems were evaluated in various sizes: commercial LWRs (PWRs and BWRs),
HTGRs, and the consolidated nuclear steam generator (CNSG), a small LWR development
“‘concept. ‘ ' » : o

The cost of steam for a typical two-unit utility-financed reactor station is shown in Fig. 7.1. The
3750-MW(t) PWR and the 3000- and 2000-MW(t) HTGRs are standard commercial sizes. The
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Fig. 7.1. Cost of steam from a utility-financed nuclear reactor.

1875-MW(t) PWR is marketed in Europe but not in this country currently. The 1000-MW(t) HTGR
is an extrapolation of our cost information and is not presently being marketed. Steam costs,
including an isolation loop, vary from 78¢/10° Btu for the largest LWR to $1.25/10° Btu for the
1000-MW(t) HTGR. The CNSG is not illustrated with utility financing.

The cost of steam from a two-unit station with industrial financing is shown on Fig. 7.2. In this
case, costs, including an isolation loop, vary from $1.08/10° Btu for the largest PWR to $2.41/10°
Btu for the 314-MW(t) CNSG.

‘Several comments are needed to qualify and explain these results. First, the cost difference
between the equivalent PWR and HTGR sizes is compensated for by the higher quality of the steam
generated in the HTGR. In terms of electricity production, these systems are equally competitive.
However, the current HTGR design precludes the extraction of high-quality steam. Our estimate
presumes a modification of the helium circulator design so that prime steam is available.

Transportation of the HTGR prime steam or very high-temperature, high-pressure process
steam which could be generated from an isolation loop is not economically attractive. We have
assumed transportation of 650 psi, 750°F steam from the HTGR without any credit for by-product

power which could be produced.
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Fig. 7.2. Cost of steam from an industry-financed nuclear reactor.

Recently the General Atomic Company has proposed a “boosted reheat” cycle for HTGR process
steam application. This cycle provides a modest amount of power from the high-pressure turbine [130
MW(e) for a 2000-M W(t) reactor] and still provides steam from the reheater at approximately 726 psia
ahd.9l 3°F. A major advantage of this cycle other than the improved steam conditions is that the steam
pressure is greater than the reactor helium pressure throughout the steam-generator/ reheater. Thus the
potential for radioactive contamination within the steam is greatly reduced. The question of whether a
reboiler is required in this case may be debatable, but even if it is required, industrial steam conditions of
650 to 675 psia and 750° F should be available. The modified cycle isaccomplished by adding a pressure
control valve on the outlet line of the reheater. Other system components are identical to the
conventional HTGR cycle equipment. ' , :

A quick evaluation of the effect of this improved cycle on the cost of steam from an HTGR
reveals that by allowing credit of 12 mills/kWhr for the power generated (17 mills/kWhr for
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industrial financing) and estimating the turbine generator costs, the net effect is a reduction in cost
of steam of about 14¢/ 10° Btu for utility financing and about 19¢/ 10° Btu for industrial financing. If
the reboiler can be eliminated, there would be additional cost savings.

The incremental cost increase due to the LWR reboiler is estimated to be 5¢/10° Btu. The steam
conditions of the modified HTGR will probably be more favorable, although they are uncertain at this
time. The same isolation loop cost (5¢/10° Btu) was arbitrarily applied to the HTGR.

Steam transportation costs for the PWR and the HTGR are essentially the same. An average
cost of 7¢/10° Btu per mile is applied in this analysis. It is assumed, because of the nature of nuclear
reactor siting, that the nuclear ‘steam'supply may be farther away from the industrial application
than alternate coal-based systems. Transportation costs must be separately evaluated in each case.

The availability of a nuclear steam plant should be of the order of 85 to 90%. The question of a
backup of standby steam supply to provide the 98 to 99% availability needed for the industrial
applications is a difficult one. This backup is generally achieved through a multiple of small units.
The more economical nuclear units are very large. The CNSG is a much more attractive unit size,
but its small size results in a substantial economic penalty. :

If the industrial plant is, or can be, located near a large electric utility nuclear station, there is
no doubt that nuclear energy is the best buy.

It is also possible that a group of neighboring industrial plants could jointly utilize a two- or
three-unit industrially financed nuclear station. Even so, it would be more attractive to induce the
local utility to build and operate the facility either as an industrial energy supply only or as a
dual-purpose industrial and electrical energy supply.

7.2 DIRECT COAL-FIRED BOILER

Three direct coal-fired options have been evaluated: (1) low-sulfur western coal in a
conventional boiler, (2) high-sulfur eastern coal in a conventional boiler with stack-gas cleanup, and
(3) high-sulfur eastern coal in a fluidized-bed boiler. The cost of steam from these systems is shown
in Fig. 7.3. Two costs are presented for low-sulfur western coal as a function of coal transportation
costs. The steam costs are $1.53/10° Btu for western coal delivered by unit train to Houston and
$1.78/10° Btu for western coal delivered by unit train to the St. Louis area and by barge to Houston.
The mine-mouth coal cost is estimated at 30¢/10° Btu, and the total cost of coal delivered to
Houston is 75¢/10° Btu and 96¢/10° Btu for the two routes. Once again we should point out that the
major effect of transportation cost on western coal must be carefully considered for alternate
sites.

High-sulfur eastern coal is estimated to cost 50¢/10° Btu at the mine mouth and 74¢/10° Btu in
Houston. The cost of steam for a high-sulfur eastern-coal-fired boiler with stack-gas cleanup is
estimated to be $1.84/10° Btu. The stack-gas cleanup system cost, illustrated separately, is estimated
to contribute 37¢/10° Btu to the total steam cost.

The fluidized-bed boiler is currently under development. The total steam cost from this boiler is
estimated at $1.65/10° Btu. This estimate, which is admittedly a crude one, should be updated as the
development and commercial design program progresses. However, it seems obvious at this time,
barring some major setback in scalmg up the concept, that the fluidized-bed boiler will be a most
attractive approach for direct coal-fired boilers with high-sulfur coal. It may also be applicable for
process heaters using coal.
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Fig. 7.3. Cost of steam from a coal-fired boiler.

7.3 LOW-, INTERMEDIATE-, AND HIGH-Btu GAS FROM COAL

The cost of steam from a gas-fired boiler is illustrated in Fig. 7.4. Two bars are illustrated for
each process; the first represents the cost of producing the gas from coal, and the second represents
the cost of steam from a gas-ﬁred boiler utlhzmg the gas productlon cost (first bar) to develop the
fuel cost for the boiler.

The two processes illustrated for low-Btu gas, Wellman and Lurgi, show steam costs of $2.38
and $2.72/10° Btu respectively. The gas production costs are $1.57/10° Btu for Wellman and
$1.86/10° Btu for Lurgi. This cost difference is almost entirely in capital cost of the equipment.

Intermediate-Btu gas costs for the Lurgi and Koppers oxygen-blown gasifiers are $2.01 and
$2.38/10° Btu respectively. In this case the processes are quite different, and the cost difference can
be explained by the much higher oxygen and electricity requirements of Koppers process. The cost
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of steam from the gas-fired boiler for these processes is $2.82/10° Btu for Lurgi and $3.26/10° Btu
for Koppers.

High-Btu gas production by the Lurgi process is presented along with a projection of probable
costs for the U.S. development processes. High-Btu gas is assumed to be a mine-mouth process at
50¢/10° Btu coal cost. Four major processes are under development in the U.S., and several others
are receiving less emphasis. The composite projection assumes a 15% reduction in capital cost and a
5% increase in conversion efficiency as compared with the Lurgi process. The costs for high-Btu gas
delivered to Houston are $2.39 and $2.19/10° Btu for the Lurgi and U.S. development processes
respectively. Steam costs are $3.46 and $3.22/10° Btu respectively.

Low-quality steam is produced as a by-product for all gasification processes. The Koppers
process yields more steam than the others. In our analysis, no credit or value has been assumed for
this steam. However, in a paper mill, where there is a large demand for low-quality steam for drying,
this by-product steam could be of significant value: '

Two advantages of gasification, especially intermediate or high Btu, are ease of retrofitting and
possible use as feedstock. The major disadvantage is obviously higher cost than some alternate
methods of coal utilization. ‘

7.4 SOLVENT-REFINED COAL AND LIQUID BOILER FUEL FROM COAL

The cost of steam from an oil-fired boiler using solvent-refined coal (SRC) and liquid boiler
fuel from coal is shown in Fig. 7.5. For comparison, the costs of steam from an oil-fired boiler
using crude or residual oil at $1.50, $2.00, and $2.50/10° Btu are also presented. These are
approximately equivalent to $9, $12, and $15 per barrel respectively.

Solvent-refined coal is a developmental process in which the coal is dissolved in a coal-derived
solvent at about 700 to 800°F with a minimum of hydrogenation. Minerals are removed by
filtration, and light oils and gas are-removed by distillation. Inorganic sulfur is removed in the
minerals, and organic sulfur is removed as H,S from the vent gas. The process shows great potential
for producing a low-cost clean boiler fuel from coal. Solvent-refined coal solidifies at about 300°F
and apparently can be remelted at about 400°F and fed as a liquid boiler fuel or pulverized and fed
like coal. The product is about 0.6 to 0.7% sulfur and 0.1 to 0.4% ash with a higher heating value of
15,650 Btu/Ib. It should be suitable for oil-fired boilers or gas-fired boilers converted to oil.

Liquid boiler fuel from coal is produced by extraction-hydrogenation (the SRC process plus
additional catalytic hydrogenation) or by the H-coal process. '

Both the SRC and liquid fuel processes provide 10 to 20% of the product in the form of
high-quality gas and light oils. Our analysis does not include any higher value credit; that is, these
by-products are considered to have the same value as the SRC or liquid boiler fuel.

The cost of SRC is estimated to be $1.25/10° Btu at the mine mouth, and the cost of steam
generation in Houston using SRC is $2.15/10° Btu. Liquid boiler fuel costs $1.75/10° Btu at the
mine mouth, and the cost of steam generation in Houston using the liquid boiler fuel is $2.66/10°
Btu. . o _ - .
The cost of producing methanol fuel from coal was also evaluated but was not presented in Fig.
7.5 because it far exceeds any of the alternatives. Methanol fuel from coal costs $2.91/10° Btu at the
mine mouth, and the cost of steam generation in Houston using methanol fuel is $4.01/10° Btu.
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Fig. 7.5. Cost of steam from an oil-fired boiler.

7.5 SELECTED COMPARISON OF STEAM COSTS FROM ALTERNATIVE PROCESSES

Figure 7.6 illustrates steam costs for many of the alternatives previously discussed. This
comparison and all analyses to this poirit have assumed all new equipment (boilers, etc). One point
which seems obvious is that any process which is not competitive with crude or residual oil is of little

near-term economic interest. Unfortunately, the long-term cost of crude oil is very uncertain.
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All data to this point have been presented in terms of new capacity. The cost of steam from

7.6 RETROFITTING AN EXISTING GAS-FIRED BOILER (OR PROCESS HEATER)
retrofitting an existing gas-fired boiler is presented in Fig. 7.7. High-Btu gas involves no capital
expense; only fuel, operation, and maintenance costs are involved. We have assumed that conversion
to intermediate-Btu gas or to oil will require 10% of the capital cost of a new boiler, and conversion

to low-Btu gas will require 25% of the capital cost of a new boiler. It is presumed that adequate

modifications are made, so that no loss of efficiency or capacity is incurred.

7 2 g 8 8 3 °
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Fig. 7.7 Cost of steam from retrofitting an existing gas-fired boiler (or process heater).
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It seems logical that gas-fired process heaters could also be converted to alternate fuels with
similar capital expenditures.

Again, crude or residual oil is included for comparison. The cost of steam varies from $1.77/10°
Btu for SRC to $3.03/ 10 Btu for high-Btu gas.

Figure 7.8 illustrates a selected comparison of steam costs for retrofitting vs new coal-fired
boilers. The new coal-fired boiler for western low-sulfur coal at $1.53/10° Btu and the fluidized-bed
boiler at $1.65/10° Btu are more favorable economically than any of the retrofit processes.
Factors such as process heating or a limited piant life, which are not considered, would tend to favor

the retrofit systems.
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7.7 SENSITIVITY ANALYSIS

The sensitivity of the cost of the coal-based processes to changes in coal prices, capital
investment, and cost of money was evaluated. Occasionally, an evaluation such as this reveals the
fact that certain processes are very sensitive to the ground rules assumed and perhaps much less (or
more) attractive when assumptions are varied. In this case, the results in general do not change the
order of preference of the processes significantly.

Figure 7.9 illustrates the cost of steam from coal processes vs coal cost The high-Btu gas, hquld
fuel from coal, and SRC are mine-mouth processes at a reference coal cost of 50¢/10° Btu. The
low-sulfur western coal reference cost is 75¢/10° Btu delivered to Houston by unit train; the other
processes are based on eastern coal delivered to Houston at 74¢/10° Btu.

Figure 7.10 illustrates the cost of steam from coal-based processes as a function of the percent
of reference design capital cost. The capital cost of conventional boilers was not varied; only the
capital cost of the fuel process was varied. The high-Btu gas processes and liquid fuel from coal are
the most capital-intensive processes. '

Figure 7.11 shows the effects of changes in the cost of money on the cost of producing steam for
selected energy systems. As noted previously, the reference costs of money values used in this study
are interest rate on bonds, 8%; return on equity for utility financing, 10%; and return on equity for
industrial financing, 15%.

Generally, the effect on the coal-based systems of increasing the cost of money is to widen the
gap between the direct-fired systems based on processed coal (high capital investiment). Energy
systems most sensitive to cost of money are the CNSG (small reactor) and high-Btu gas derived
from coal.

7.8 CONCLUSIONS

A general ranking of the various processes in other ways may provide additional insight. Table
7.1 presents a ranking by range of application. High- and intermediate-Btu gas processes are the
only ones considered suitable as feedstock. Liquid fuels, low-Btu gas, and SRC could be used in
process heaters. All systems are suitable for steam generation, and the HTGR and direct coal-fired
systems may also be developed for process heat.

The processes, ranked according to ease of retrofit to existing gas-fired equipment, are as
follows:

1. high-Btu gas,

intermediate-Btu gas,

liquid fuels,

solvent-refined coal,

low-Btu gas,

fluidized-bed boiler,

conventional boiler with low-sulfur coal,

" conventional boiler with stack-gas cleanup,

© © N e A W N

. HTGR,
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10. small LWR,
11. large LWR,

Tables 7.2 and 7.3 present date of rankings by the user’s options for action and by date of
earliest commercialization or application respectively. In a sense, these are interrelated in that some
of the promising developmental processes are not likely to reach commercialization on any
reasonable schedule without interest and cooperation from industry as well as industrial influence on
the government’s development programs. ‘

Table 7.1. Ranking of industrial energy systems
by range of application at industrial plant

System Steam Heat Feedstock

X
X
9

High-Btu gas
Intermediate-Btu gas
Liquid fuels
Low-Btu gas
Solvent-refined coal
Fluidized-bed boiler
Conventional firing
HTGR

Small LWR

Large LWR

B N R I A
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Table 7.2. Ranking of industrial energy systems
by user’s options for action

Cooperate Purchase
with fuel or
others energy

Purchase

System equipment

Low-Btu gas

Small reactors
Fluidized-bed boilers
Conventional boilers
Large reactors
Liquid fuels
Solvent-refined coal
High-Btu gas

L I ]
E T I B
L

Table 7.3. Ranking of industrial energy systems by date
of earliest commercialization or application

System Date

Conventional boiler, low-sulfur coal - 1976
Conventional boiler, stack-gas cleaning 1976
Low-Btu gas 1976-78
Intermediate-Btu gas 1976-78
Fluidized-bed boiler 1977-79
Solvent-refined coal 1979-81
Liquid fuels 1981-83
Nuclear power 1982-84
High-Btu gas a

“Earliest commercialization date is 1978; however, the prod-
uct will be for pipeline and is not presumed to be available for
industry.
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8. Industrial View of Alternatives

8.1 PULP AND PAPER MANUFACTURING
8.1.1 Crown Zellerbach .

Crown Zellerbach Corporation, a major producer in the wood industry, has sawmills and pulp
and paper mills mainly located in the southern states and the west coast of America and Canada.
The annual sawmill production is 589 million bd ft, and pulp and paper production is 2,636,000
tons.

There are two pulp and paper operations located at St. Francisville and Bogalusa, La. The
major difference in the operation of these two mills is that St. Francisville pulps continuously in a
Kamyr digester and Bogalusa uses batch digesters. The energy requirements and problems are
basically the same. The energy requirements for the Bogalusa operation, which are typical, are
described here.

The mill is located in the town of Bogalusa, some 60 miles north of New Orleans. The
population of the total complex is 2230.

The timber supply originates from local forests managed by Crown Zellerbach and others. The
mill consumes about 600,000 cunits (=100 ft* of solid wood) of southern pine and hardwood and
produces 468,000 tons of paper annually. Twenty percent of this production is converted on the mill
site to customer requirements, and the balance is converted at other Crown Zellerbach plants.

Energy requirement

The overall process from wood room to finished product requires energy in the form of heat for
process steam and electricity. This energy is used as follows:

Wood room debarking and chipping 38 kWhr/ton
Pulping ; 173 kWhr/ton
10,727,000 Btu/ton
Paper machines - 429 kWhr/ton
9,128,000 Btu/ton
Converting and power generation 177 kWhr/ton

10, 355 000 Btu/ton

This amounts to a total of 817 kWhr/ ton and 30,210,000 Btu/ton of paper produced.

Present fuels are natural gas, bark, and black liquor from the pulping process. The amounts
required per day are: natural gas, 32.5 X 10° ft’; bark, 240 cunits; and black liquor, 3,290,000 Ib
solids. These fuels supply the requirements of 30,210,000 Btu/ton.

Special problems

The major problem at the Bogalusa mill is the shortage of natural gas. The mill was designed to
burn 34 million ft’/day and has an installed generating capacity of 55,000 kW. This allowed the mill
to be independent of outside electrical supply except for emergencies.

With today’s gas shortage due to the depletion of the company’s reserves, about 24 X 10° ft*/day
of gasisavailable. The plant does not have the ability to increase bark burning; therefore, the net result is
that there is idle generating capacity and 18,000 kWhr must be purchased from the local authority.
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Crown Zellerbach cannot purchase further gas supplies, and present gas reserves are depleting at a rate
that they will be exhausted by December 1978 or earlier.

To continue producing, the plant is bemg converted to use No. 6 fuel oil. A gas-fired boiler will
be shut down and replaced with a 125 000-lb/ hr package unit which will burn No. 6 oil; this unit is
to be on line Jan. 15, 1974, The line kiln will be converted to No. 6 oil by Jan. 15, 1974, and the first
existing boiler will be converted to No. 6 oil Mar. 1, 1974, These three units will release 5 million ft®
of gas per day, which will only be banked to improve reserves.

Plans are to convert an additional five boilers by the end of 1976, leaving two more to be
converted in 1977 and 1978.

Energy alternatives at Bogalusa

1. Short-term conditions are satisfied by converting from natural gas to No. 6 fuel oil.

2. Black liquor recovery boilers will continue utilizing the heat value of spent cooking liquor
*(6800 Btu/Ib).

3. The study is complete on conversion to coal as major fuel as follows: (a) install new
880,000-1b/hr pulverized-coal-fired boiler (850 psig) with precipitator; (b) continue to operate
250,000-Ib/hr wood waste and oil-fired boiler at 850 psig; (c) continue to operate two recovery
boilers generating 380,000 1b/hr at 850 psig; (d) install new 40,000-kW double automatic extraction
condensing turbogenerator; and (e) .continue to operate existing 15,000-kW single automatic
extraction condensing turbine.

" 4. Continue efforts to obtain a further gas supply. Increase of gas price to fuel oil equivalent price is

resulting in increased activity in further explorations and to date indicates an upgrading of reserves

~ which may take this segment of industry through the next five years. This could change the near-term
conversion plan to No. 6 fuel oil on all existing units.

Recommendations
Bogalusa outlined the following six recommendations.
1. continue study on mass produced CNSG;
. further develop barge-mounted application of CNSGs;
. examine commercial reactors to use m industrial park development concept;

2
3
4. use fluidized-bed boilers as base load units and incinerator capapbilities;
5. cdntinixe development of SRC, aiming toward end product as a liquid;
6

. continue research and development on low-Btu gas.
Priorities
Priorities were established as follows:
1. conventional boilt:.rs with stack-gas cleaning,
2. low-Btu gas,
3. CNSG, barge mounted,
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4. fluidized bed,
5. SRC,

6. large reactors applied to industrial park.

8.1.2 International Paper Company

Most International Paper Company mills are located in areas which made natural gas the
primary fuel for many years, and most of the equipment was purchased and installed on this basis.
This equipment has since been converted to have fuel oil capabilities. Fuel oil is now the primary
fuel.

Also keep in mind that in our industry we self-generate (black liquor and bark) some 40% of
our fuel requirement. Also, we generate practically all of our electrical requirements through the use
of extraction turbines.

Recommendations

The application of nuclear systems for industrial energy is not feasible at present, and future
opportunities would appear to be limited. One of the most significant limitations is the availability
factor of a nuclear steam plant. Dual plants or a backup steam and power supply of some type
would be essential. ‘

If the development of factory-assembled barge-mounted units should progress to the point that
a multiple of such small units could be justified, nuclear energy could certainly become feasible.
However, under the present state of the art, this approach is not economically possible. Another
possibility of future nuclear power for industrial application would be through establishment of an
“energy center,” that is, the location of a large nuclear station and industrial plants so that the utility
could furnish steam and power to the industries. This appears to be a remote possibility but is
worthy of possible future consideration. Here again, multiple units or backup of some type would
have to be provided.

The preferred method of a coal-based system would be direct firing, both from an economical
standpoint as well as maximum utilization of existing equipment. Recognizing that there will not be
sufficient low-sulfur coal economically available, the preference would be high-sulfur coal with
stack-gas cleanup. Present stack-gas scrubbing systems are not satisfactory, and more research is needed
in this area for industrial boiler application. The direct coal-fired boiler with high-sulfur coaland anim-
proved stack-gas cleanup system is the most promising system, both for application to existing equip-
ment as well as for new installations. More study is needed to better define the harmful elements of stack
gas in relation to real and more meaningful requirements, giving full consideration to feasibility and
side effects or consequences, and the overall net effect obtained toward achieving the desired results.

Fluidized-bed boilers could have application for new installations, but they are handicapped for
industrial application due to poor load change characteristics. One base-loaded fluidized-bed unit in
a plant with other boilers to carry the load changes could offer good future possibilities.

On-site gasification does not appear feasible for application at this time due to high cost of
gasification equipment, as well as the problems of coal, availability, transportation, disposal, etc.,
associated with direct ﬁring. It simply does not make sense to expend huge amounts of capital, material,
equipment, and manpower to gasify coal at the plant site instead of firing the coal in a boiler designed for
coal firing, -
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Mine-mouth conversion processes appear to offer good application but would probably still be
more expensive than direct firing with coal. Solvent-refined coal appears to be the best possibility of
the mine-mouth processes.

Based on the above, we recommend study program preferences as follows:

1. stack-gas cleanup for direct firing with high-sulfur coal system;
. solvent-refined coal;

. mine—moixth coal gasification—intermediate and high Btu;

. fluidized-bed combustion;

. energy center, process steam and power from multiple units, utility plant to industrial plant;

= Y T NS N

small shop-assembled industrial plant reactor.

8.2 PETROCHEMICAL MANUFACTURING
8.2.1 Celanese Chemical Company

A hypothetical plant in the Houston, Tex., area was assumed for this study. The plant produces
oxygenated petrochemicals for the bulk market with an annual capacity in excess of 2 X 10° Ib.
Steam consumption is approximately 1.5 X 10° Ib/hr at 650 psig and 750°F, and electrical
consumption is in the order of 25 MW(e). Direct process heat is required in a single furnace,
designed exclusively for fuel gas, and is not considered part of the problem. Only a small portion of
the 600-psig steam is utilized in process heaters. Most of the steam is broken down across turbines to
150 and 50 psig steam and condensed at that pressure. All electricity is purchased. Because of the
costs and hazards involved in shutdowns, the steam plant reliability must be essentially 100%, with
each individual boiler at 98.6%. Sufficient capacity is installed to allow the largest single boiler to be
down without a total shutdown of a unit. »

'About the only near-term option available for this plant is low-sulfur western coal. There is no
way that nuclear reactors in this size range can be economically installed prior to the depletion of
gas, which should be around 1980. While this is actually a near-term option, once the money is
committed for boiler replacements, it becomes the primary long-term option. There are some
suboptions, such as direct firing of solvent-refined coal or the char products from some of the
liquefaction processes. Since coal-fired boilers could probably be easily adapted to these fuels, they
represent the only long-term option. Their justification would probably be based on freight savings
and by-product recovery. They must be relegated to a second-generation step, since it is difficult to
imagine full commercialization on a significant scale prior to the ‘time boilers would be
ordered for 1980 operation. Also, it would probably be in the early 1980s before freight is escalated
sufficiently to justify an approach of this sort. Another possible suboption is the use of fluidized-bed
boilers. It appears that the cost will be essentially the same as that of the conventional coal-fired
boilers; however, there is an advantage in the ability to run high-sulfur coals. This advantage would
be more pronounced in areas where high-sulfur coal is located. '

Oil was considered as an option due to its lower capital requirements and other intrinsic
advantages. Low-sulfur No. 6 oil is probably the only oil which will be available, but this is only in
limited supply. Whether oil is viable over the long term depends on the availability and cost relative
to coal. This could vary among companies,'depending upon whether they hold reserves and other

-~
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factors. In this particular case, no reserves or refining capacity is available; therefore, while
judgmental, it appears that oil cannot compete with coal.

There are several major problem areas in implementing a conversion to coal. First is the capital
required in a relatively short period of time. Of almost equal importance is the technical manpower
required for the program. Equipment delivery could also be a problem, not only for the plant but for
rolling stock as well. Railroad reliability could be questioned as the existing lines become loaded.

In essence, the future of this particular plant is reasonably well established insofar as fuel supply
is concerned. Continued ‘study is required, however, for the plants of the future. This could be
accomplished by keeping the current program, but on a much lower key (e.g., an update of the
presentation plus new developments every 6 months). Currently, participating companies would
probably be willing to furnish representatives for industrial input. In addition, special studies might
be required from time to time, and provisions for these studies should be made in a request for
appropriations. In connection with research and development requirements, it is felt that a new
program should be initiated, perhaps with the same participants, to give direction to the research
and development funds currently furnished by the Federal Government. It would seem today that
the research and development effort is much too fragmented to be effective, and there seems to be
appreciable misdirection. For example, most liquefaction processes seem to be directed toward
heavy oils for power plants where coal could be used. It would seem more appropriate to direct this
effort toward lighter fuels and petrochemical feedstocks. One of the longer term goals of a national
program should be the marriage of manufacturing and power plants for economy and reduction of
thermal pollution. How ORNL could motivate power companies to enter into arrangements of this
type is not known; however, this does require acceleration of the HTGR program. The one overall
problem which will continue to be an impediment to the use of nuclear power in chemical plants and
refineries is the lead times required. It is felt that the AEC should take the initiative in reducing
these lead times. Just how this could be done through ORNL is not known, but it is a must if we are
to avoid economic stagnation.

8.2.2 Dow Chemical, USA

The Dow Chemical plant complex in Freeport, Tex., is a large integrated plant. The product
mix includes chlorine, caustic, magnesium metal, and petrochemicals such as ethylene glycol,
ethylene oxides, polyethylenes, and styrene. i

The basic energy requirements are supplied from five power plants delivering approximately 6
million Ib/hr of process steam and 1 million kWhr of electricity. A block of power is also purchased
from the local utility. These plants, which range in age from 30 years to 4 years, are presently fueled

by natural gas. The power plants have ‘conventional-fired boilers and also several advanced

combined-cycle gas turbine—waste heat steam turbine systems. The power plants, to a degree, use
the chemical plant heat sink to generate electric power. ‘

The alternatives in energy use are being studied and are somewhat limited. Gas turbines and
waste heat boilers require premium fuels such as natural gas and No. 2 diesel oil due to metallurgical
restraints and heat-recovery surface conditions. These fuels are becoming increasingly scarce and
prohibitively expensive. Our power plants will soon have the capability of burning any oil from
crude to No. 6. The petroleum fuels do not seem to be a firm alternative.
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Coal is an alternative, but it requires new facilities to supply, transport, unload, burn, and
generate steam and power. Ash handling, stack-gas treatment, and other environmental
considerations are staggering in their capital and land use requirements.

Designing and building coal-burning equipment require a firm coal supply that will last for the
life of the plant. Boilers must be designed with the ash constituents known in order to have a highly
reliable, maintainable system. Industrial power plants operate in a much more demanding
environment than the typical public utility. ’

The last alternative is nuclear power. The HTGR has a steam cycle that is quite attracnve toa
large base-loaded industrial plant, and its low fuel cycle costs insist that it be cot}s1dered However,
the problems are large, varied, and complex; the largest plant to date—the 300-MW(e) Fort St.
Vrain Demonstration Plant—has taken much too long to get to full power. The 10- to 12- year lead
time and large capital cost are way out of the normal industrial planning and decision-making
envelope. It is difficult to commit to a specific technology and not be able to use it for 12 years into
the future and also not be able to react to new technology.

This study has done a tremendous job in bringing ‘together the present alternatives in coal and
nuclear. The computer code ORCOST is a good tool to evaluate costs for large utility plants. It
would be difficult to expand the model to include smaller units and industrial backpressure turbine
units, but this kind of tool is needed for our evaluations. We are waiting for the results from the
demonstration of the fluidized-bed coal-burning boiler. This has the potential of allowing industrial
plants to use much advanced steam cycles with an improved heat rate and still use marginal coals
that otherwise would be environmentally unacceptable.

The solvent-refined coal research is interesting and should contribute to future energy systems.

Coal technology needs much continuing research and development.

More research and development are needed on underground mining to develop new technology
to remove more coal from the seam. Coal preparation should be able to upgrade raw coal to remove
more ash, in particular, sulfur compounds at the mine site. This particular study has reviewed
stack-gas cleaning and showed how difficult and expensive this tail-end effort is. Much more work
needs to be done on the front end before we contaminate the combustion air.

The fluidized-bed boiler is being demonstrated for small utility use (300,000 1b/hr). There is a
very great need for a smaller size to replace the numerous package boilers that are capable of
burning gas or oil.

8.2.3 Monsanto Company

For plants such as our two at Texas City and Chocolate Bayou, Tex., as well as our nylon
plant at Pensacola, Fla., the near-term energy options are probably (1) a transition from natural gas
to residual fuel oil for boiler fuel and (2) the installation of new coal-fired boilers. Fluidized-bed
combustion appears to be the choice for new coal-burning units. During the near-term period, we
would hope to be able to continue the use of natural gas for direct-fired process heating.

Over the longer term, we must seriously consider nuclear energy. The small HTGR seems best
suited to our overall requirements. Siting limitations, while perhaps less severe than originally
anticipated, may still be one of the major obstacles to overcome. Long lead times, capital costs, and
operational reliability are other critical factors.

In the area of future research and development priorities, fluidized-bed combustion should be
given added emphasis immediately, since it has the potential for solving the stack-gas problems
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associated with.the use of coal as a basic energy source. Both industrial and central station utility
energy problems should be lessened if fluidized-bed combustion yields the results it seems to offer.

For the petroleum and petrochemical industries, a high priority should be given to the small
HTGR. One further area for research and development effort should be transport of
high-temperature fluids. A central station energy source with the capability for producing and
transporting high-temperature fluids for use by customers presently being supplied with electric
energy only could have a major impact on the industrial energy supply problem.

The approximate energy use for the Texas City and Alvin, Tex., plants is as follows:

. Alvin
Tgxas City (Chocolate Bayou)

Product . Stynne monomer Ethylene
Pounds per year , -~ 13x10° 0.5x10°
Energy use , '

Steam, Btu/hr . 1500 x 10° 2100 x 10°® .

Fuel (natural gas) for process 1350 x 10° (1600°F) 1400 x 10° (1400°F)

heaters, Btu/hr
Electricity purchased, kW 36,000 60,000
Annual load factor, % 90 » 96

8.2.4 Union Carbide Corporation (UCC)

A typical UCC Chemicals and Plastics Division plant is located on the Gulf Coast. This
location was dictated by the availability of low-cost patu;al gas and of ethane and propane derived
from this gas and usable for chemical feedstock.

A typical plant contains one or two units for the production of ethylene and propylene.
First-line derivatives of etliylene and propane are manufactured, including polyethylene, ethylene
oxide, ethanol, butanol, isopropanol, etc. Second-line derivatives of some of the first-line derivatives
are also produced. Shipment from these plants may range from 1.0 to 4.0 X 10° b/ year.

Energy requirements in these plants obviously will vary considerably, depending on the
products made at the location. Energy requirements for one of the larger plants are outlined below.

Steam requirements®

Pressure level (psig) - Usage (l()3 1b/hr)
600 " 1500
200 650
.70/10 ) 350
Total - 2500

“dgee also Fig. 8.1.

Some of the steam requirementsk are made available by by-product recovery from the process units.
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Fig. 8.1. Typical energy cycle of UCC E&P Division.

Power requirements are about 80 MW. These requirements may be supplied by a combination of
topping turbines, a minimum of condensing turbines, gas turbine generators, and purchased power.
Projections indicate a trend to higher power requirements in relation to the steam requirements.

In addition to the fuel required to generate steam and/or power, the plant has a fuel usage of
75 X 10° Btu/day; 50 X 10° Btu/day is produced as by-products from processing units, particularly
Olefin units, and the balance must be purchased. This fuel is required for process heat, compressor '
drives, and raw materials.

Economics have dictated that the energy sytems have a 99+9% availability to the consuming units.
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UCC is currently assessing alternate energy sources for the Gulf Coast plants. The possibilities
follow:

Fuel source
Natural gas
Liquid natural gas
Fuel oils (3)
Crude oil
Coal, direct fired
Coal, gasified, high Btu
Coal, gasified, intermediate Btu
Coal, gasified, low Btu ‘
Coal, liquefied, solvent refined J
Coal, liquefied, hydrogenated |
Nuclear, large J
Nuclear, small
Methyls
UCC by-product, liquid
UCC by-product, gas
Purchased power
Purchased steam

Fuel type
Gas, high Btu
Gas, low Btu
Liquid, distillates
Liquid, residues
Solids, lumps
Solids, fines

Fuel user
Boilers, direct
Boilers, combined cycles
Gas turbines
Reciprocating engines
Raw materials
Process furnaces

In general, UCC conclusions parallel those of the ORNL study; UCC does not expect that
natural gas will be available for the intermediate term. Fuel oils are acceptable alternatives in many
situations, but pricing problems are apparent. Union Carbide agrees that the direct use of coal to
generate steam is a likely prospect for the Gulf Coast plants. Problems in sizing, timing, and
reliability will preclude the use of nuclear plants in the early 1980s. .

A particular problem to ucc will be to supply the process heat requxrements that cannot be
met with steam. Some of the requirements are not readily adaptable to fuels oils, particularly the
heavier residues. Second-generation coal gasification technology will not be available until the early
1980s. Gasification is a logical choice for supplying those requirements.

The major problem areas in implementing conversion of Gulf Coast plants to coal revolve
around environmental considerations. Uncertainties in governmental policies regarding leasing of
federally owned coal deposits in the west and in restrictions regarding restoring stripped areas make
planning difficult. Uncertainties regarding future EPA regulations on sulfur dioxide removal also
present a problem. Other problems include lengthening equipment delivery times, particularly for
the mining equipment; financing for the considerable investment required; and competition for
engineering and construction labor. 4
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Regarding future studies, ORNL could serve a very useful purpose as a focal point for updating
the current studies. As technology develops further information will be forthcoming on coal
gasification and liquefaction. ORNL could serve as a focal point for industry assessment of these
alternates. - .

Perhaps ORNL could also fill a role in assessing the economic impact of overly restrictive
government regulations. The cost/ benefit ratio of environmental restrictions needs to be determined.
Opinions of an independent agency such as ORNL may carry more weight than a presumably biased
industrial opinion.

Possible items for intensified research and development include:

1. development of a small nuclear reactor sized for industrial plants and with an investment per
unit low enough to make nuclear energy available at lower cost than coal-based energy,

2. development of coal liquefaction and gasification technology,
3. development of the fluidized-bed burner for steam or process requirements,

4. use of electrical energy for process heat requirements above 1000-Ib steam temperatures.

8.3 PETROLEUM REFINING
8.3.1 Amoco Oil Company

A typical oil refinery processes raw crude oil into a large number of products, including
gasoline, kerosene and jet fuels, heating and diesel oils, industrial fuels, waxes, lubricating oils and
greases, asphalts, petroleum coke, and chemical plant feedstocks. Amoco’s largest refinery currently
can process 330,000 bbl of crude oil per day.

Energy requirements

Fuel usage in most existing refineries averages about 8 to 10% of crude charged. This represents
the entire heat requirement, including steam and electric power generation and coke burned in
the regeneration of catalyst. A new modern refinery is estimated to require only about 7 to 9% of
crude charged for its fuel requirements.

Energy consumed at our largest refinery, including the needs of a’styrene unit and two ammonia
units, is projected to be: '

Electricity, kW 106,000
Steam, 1b/hr 5,250,000
Fuel, 106 Btu/hr (net)

Steam generators . 3700

Process heaters - 6600

Gas turbine generators 370

Gas turbine mechanical drives 830

Steam and gas turbine generators produce 68,000 kW, and 38?000 kW will be purchased. Of the
steam requirements, 2,600,000 1b/hr will be produced by recovery of process heat including CO
boilers and heat-recovery units on process heaters.

C
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The energy requirements of a new 330,000-bbl/ day grass-roots refinery is estimated to be:

600 psig 750:F steam 1,200,000 Ib/hr
150 psig 500°F steam 300,000 1b/hr
FElectricity 82,000 kW
High-temperature process heat duty:
At 650-700°F 1000 X 10° Btu/hr
At 800°F 500 x 10° Btu/hr
At 950—1000°F 900 X 10° Btu/hr
At 1650°F ‘ 200 X 10° Btu/hr

Energy supply for refinery. operations must be highly reliable, because disruptions can result in
hazardous operating conditions and costly damage to processing equipment. Also, the continual
escalation in cost of increasingly sophisticated refinery equipment makes high operating factors
imperative to hold down capital charges against production costs. A temporary unscheduled loss of
about 25% of energy supply can be tolerated with minimal economic penalty. An unscheduled loss
of more than 30 to 35% of energy supply can result in hazardous operating conditions and
substantial economic penalties. Planned reductions in energy supply can be handled safely, but large
reductions for extended periods of time, as may be needed for refueling of nuclear reactors, are not
acceptable from an economic point of view. A planned maintenance shutdown of an entire refinery
or a large part thereof to coincide with an outage of energy supply is impractical. The large amount
of trained manpower and equipment required for such an operation just would not be available.

Energy sources

Amoco’s refineries currently use gas and oil supplemented by purchased electric power to
supply all energy needs. In the near-term future, we expect to increasingly use oil in place of gas as
the sources of gas decrease. This will require retrofitting of fuel-firing equipment in areas where
natural gas was previously low in cost and plentiful as in the southwest.

If the cost of liquid fuels continues to increase faster than the cost of coal, as current projections
indicate, gasification of coal will become an attractive source of fuel for existing refineries. It
requires the least amount of retrofitting of existing fuel-firing equipment.

- Along with the advent of coal gasiﬁcaﬁon, new steam-generating equipment in existing
refineries probably will be coal fired using either low-sulfur coal in conventional boilers or
high-sulfur coal in a fluidized-bed boiler, The choice will depend primarily on delivered cost of coal
and reliability of supply. The same coal (or petroleum coke) would be used for both gasification and
steam generation. In cases where low-sulfur coal is available, it will cost less to replace existing
gas-fired steam generators with coal-fired units rather than go the coal gasification route. Electric
power will be purchased from electric utilities wherever supply is reliable and its cost reasonably
reflects the true cost of delivery. A nuclear-based electric utility should be able to deliver energy at a
lower cost than industrial self-generation systems using fossil fuels. Economy of scale and the
relatively stable cost of nuclear fuel should be unbeatable. However, if industrial utility rates are
leveled or made regressive in the erroncous belief that this will lead to the conservation of energy or
to subsidization of the cost of electricity to the consuming public, self-generation will quickly
become attractive. Industrial energy plans must allow for such an eventuality.
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The energy supply to a new grass-roots refinery probably will be coal based. The purchase ot
both steam and electricity from a nearby electric utility would be an attractive alternative. Steam
supply will be via process heat recovery and coal-fired steam generators. Process heaters will be
designed to use fuel oil and a mixture of refinery by-product gas and low-Btu coal gas. Low-sulfur
coal-fired crude heaters also would be a likely alternative.

In the foregoing, other energy alternatives were tentatively ruled out for reasons stated below:

Liquid fuels High cost
High-Btu gas from coal High cost
Solvent-refined coal More development work needed; 400°F melting temperature

Stack-gas scrubbing Fluidized-bed combustion appears preferable at present stage of development
. for steam generation

Nuclear reactors

General Lead time too long; siting problems
Small reactors (CNSG) Capital cost too high :
Large reactors LWRs cannot supply energy at high temperature levels needed for about 50% of

totat refinery energy demands; it is feasible to use HTGRs to supply process
heat at high temperature levels, but further development work is needed;
neither LWRs nor HTGRs appear economic in sizes of less than about 2000
MW(t); a single HTGR of this size would furnish all the energy needs of a
500,000-bbl/day oil refinery; in view of the need for multiple units for reli-
ability, no single refinery can justify a nuclear system on its own

Recommendations

Continue the cooperative study of industrial energy alternatives to monitor developments in all
forms of energy systems and to provide a forum for the exchange of information between
government and industry.

Promote the idea of large-scale industrial parks with a centrally located electric utility
furnishing all industrial energy needs, including steam, electricity, and possibly high-temperature
process heat. State governments conceivably could sponsor such parks as means of attracting
industry to their areas.

Develop a HTGR designed to furnish process heat at high temperature levels and study
alternative methods for transmission of a high-temperature heating medium.

Continue development of the CNSG or a similar shop-assembled package type nuclear reactor
with emphasis on reduction of cost and delivery time.

8.3.2 Shell Oil Company

Introduction

The hypothetical complex conceived for this study would require 500 acres of usable land to
accommodate the processing equipment, wharf, and tank farm. Additional land requirements would
include (1) exclusion zones for a nuclear complex; (2) coal handling, storage, gasification, etc., if
coal is used; and (3) some acreage for a surrounding green belt as required by appropriate state or
local agencies to reduce the visual impact on the neighborhood.
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Since the future use of natural gas by industry could be severely curtailed and the supply and
demand balance for petroleum products will continue to be critical, alternate energy sources or a
combination of direct fired and gasified coal into a grass-roots complex will be required.

Characteristics of the plant and environs

The intended product slate would include a full petroleum product line (i.e., light products,
middle distillates, heavy oils, and chemicals). Production rates of any given product would vary
depending upon the need at the time (i.c., heating oils in the fall and winter and gasoline during the
spring and summer) and the type of crude being processed. The production rates would be
maximized based on a crude intake of 300,000 bbl/calendar day.

It is assumed that the necessary land will be available to accommodate the needs of the project.

The site would be adjacent to a major waterway or coastline on land zoned for heavy industrial
use. Easy access to water transportation is most desirable; however, rail, truck, and pipeline access
will also be required. ‘

Process requirements -for cooling can be partially satisfied with air coolers; however,
approximately 8500 gpm of makeup cooling water would be required. An additional 3000 gpm of
makeup water is needed for process steam requirements. Water required for reactor cooling, steam
for electrical generation, etc., is not included in this figure.

Due to the size and weight of normal processing equipment, wind loading designs of tall
columns, etc., relatively good soil conditions are required. Unusual geological conditions such as
faults are as undesirable for process equipment as they are for reactors. Meteorological conditions
will affect process design; however, petrochemical complexes can and do operate in all climates and
under almost any weather conditions. '

Petrochemical complexes are designed for safe and orderly shutdowns under all normal and
abnormal conditions (abnormal conditions include total power failures). This complex would be
designed to satisfy all known conditions relative to protecting the environment,

Energy requirements

Energy requirements, classified by temperature and pressure, are as follows:

Plessuré (psig) ' Témperature (OF) ' Quanﬁty required (103 Ib/hr)
1250 900 1500
650 750 2000
200 R ) 500 [ . 750¢
50 ' 300 5507

“Depressured from 1250/650 pressure levels through topping turbines .md not
included in total steam generated.

Normal design contingencies will require enough excess capacity so that normal operations will
not be affected by a shutdown of the largest. smgle steam-generating unit. '

The quantity of steam used is based on a total of the normal demands for each of the
refinery/chemical processes. On the basis of long operating intervals experlenced between
maintenance shutdowns by most operating processes (frequently up to3 years), an annual utilization

factor of 95% has been selected.
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The direct furnace heat required is given below.

Heat absorbed Transfer temperature
(106 Btu/hr) CF)
30 470
90 525
230 550
90 600
170 650
260 700
580 725 .
70 740
80 750
180 805
170 930
140 - 950
280 1010
1800 1500

The heat absorption rates shown above are for individual blocks as listedfor the particular
temperature. :

In a conventional petrochemical complex, each unit within the complex has its own
independent heaters; therefore, only a single unit is shut down if a heater fails. Process units are shut
down for normal maintenance either individually or in groups, depending upon their reliance on
each other. In any design utilizing waste heat for process heat, some sectionalizing would be required
to minimize the need for large blocks or even total complex shutdowns.

Most refinery/chemical processes (including direct-fired heaters) have operating onstream
factors of 95% or higher. Therefore, a direct furnace heat utilization factor of 95% has been selected.

This complex would require approximately 200 MW of power, assumedly all self-generated.
The method of generation will depend on the levels of steam available vs the levels required by the
process. Some turbines will probably be extraction type to balance the steam needs and the
remainder condensing units.

Energy alternatives

The systems showing the greatest promise from technological and economical standpoints are as
follows:

1. Coal-based systems

A. Direct firing: low-sulfur coal; high-sulfur coal and stack-gas scrubbing; and fluidized-bed
combustion.

B. Coal conversion: pyrolysis—char, gas, or liquid fuel; solvent-refined coal; and liquid fuels,
including methanol.

C. Gasification: gasification coupled with a combined cycle for improved efficiency.

2. Nuclear systems (commercial plants)
A. Utility or cooperative ownership producing electricity and low-cost process steam; maximum
steam transport distance is limited to about 10 miles.
B. Small PWRs for individual industrial electricity and steam needs.
C. Process heat reactors producing heat to 1200 to 1400°F.
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The major problem relative to direct firing of coal concerns transportation to the plant site.
Unit trains are satisfactory to a point; however, the amount of coal that can be burned becomes
self-lnmltmg as available land for process units is used for coal yards, train sthchmg trees, etc.
Slurry plpehnes could be one answer to this problem. :

Grass-roots sites for petrochemical complexes in themselves are hard enough to find, but that
factor, coupled with sites for a nuclear package, may be an insurmountable obstacle.
Siting/ EPA/AEC restrictions must be resolved before any serious investigations of the use of
nuclear energy are warranted.

Except for direct firing of low-sulfur coal, none of the systems presented in the study are
developed to the extent required for full-scale “commercial” operation. At this point in the study, it
appears that the following systems should rate the highest priority for research and development
efforts:

1. Near term (alternate fuels): stack-gas scrubbing; coal pyrolysis—char for boiler fuel and/ or liquid
or gas for process heaters; and fluidized-bed combustion.

2. Intermediate term (alternate raw materials). solvent-refined coal; lower cost process for producing
gas from coal coupled with a combined cycle for improved efficiency; process heat reactors using
HTGRs; and small PWRs. ’
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o/ Appendix A

Nuclear Fuel Cycle Analysis

The nuclear fuel cycle consists of all steps involved in supplying fuel for the nuclear reactor to
the disposal of waste products. Figure A.l1 shows a simplified picture of these steps.' Uranium is
purchased, enriched, and fabricated into fuel elements. In the case of the HTGR, thorium must also
be purchased for use as a fertile material. This fuel is placed into the reactor, and energy is produced

ORNL--DWG 74-6167

URANIUM
PURCHASE
l : THORIUM
PURCHASE
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v Fig. A.1. Nuclear fuel cycle.
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from nuclear fission and fissile material is produced from neutron capture in the fertile materials (Th
and “*U). ‘

When the fuel is removed from the core, it is shipped (after a cooling period) to a reprocessing
plant where the fission products are separated from the uranium and plutonium. The uranium is sent
back to the enrichment plant for further use. Bred fissile material may either be sold or be recycled
back through the system.

SYSTEM MASS BALANCES

Thirty-year fuel cycle mass balances were used for an HTGR, a PWR, and a CNSG system.
The PWR fuel cycle was used for both the PWR and BWR systems. Although some difference in
cost exists between the two systems, this difference is small.

The PWR uses an annual refueling scheme. A non-recycle mode is used where all plutonium
produced is sold. Reprocessed uranium is returned to the enrichment plant for reuse.

The CNSG system uses a biannual refueling, with the sale of any bred plutonium. Reprocessed
uranium is returned to the enrichment plant.

The HTGR system considered uses highly enriched uranium as fuel and thorium as the fertile
material. Bred ***U is recycled continuously throughout the reactor life, and the remaining inventory
at the end of the reactor life is sold. The reprocessed uranium from the fuel elements containing the
highly enriched uranium has a large proportion of ***U. Because of this, the credit received when this
material is returned to the enrichment plant is reduced -to 70% of what uranium- of the returned
enrichment would ordinarily be worth. The HTGR has an annual refueling scheme.

A 0.5% fabrication loss and a 1.0% reprocessing loss are used for non-recycled fuel. For the
recycled *’U and its products in the HTGR, a net loss of 1% is used.

UNIT COSTS

Estimations of the nuclear fuel cycle unit costs in 1974 dollars were made for a period of from
present until the year 2022. As one might expect, there is considerable uncertainty in predicting
prices 40 to S0 years in the future, even on a constant dollar basis. These uncertainties not only
involve technology and the ability to find the necessary urahium, but also uncertainties as to the
degree of penetration of various nuclear systems. Increased"penetration will lead to reduced unit
costs due to the economics of scale in items such as fabrication and reprocessing plants. With these
caveats in mind, we have put together our best estimates of unit prices. An attempt is also made to
give the degrees of reasonable uncertainty.

Raw Material Price

The price of U3Oz was discussed in Section 5.1. The reference price schedule used in the
economics calculations is that for the 20% above the AEC “most likely” demand case by the year
2000. The price after 2000 is assumed to rise linearly to $46.80/1b by 2022. This price schedule is also
considered to be the high price in the range of reasonable uncertainty.

The lower range of uncertainty was taken as the AEC base ore use-price estimate, assuming an
added 20% to nuclear capacity by the year 2000. We further assumed for this price schedule that
enough low-grade ore will be found so that the price never rises above $30/1b of U;Os. Plots of
uranium price vs time are shown in Fig. A.2.
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Fig. A.2. Uranium ore price.'

The effect of thorium price on system economics is small even if thorium is not recycled. In this
study we use the current value recommended by General Atomic' of $9/kg of ThO,. This price is not
varied with time.

1. C. H. George, Fuel Projects Department, General Atomic Company, personal communication to L. L. Bennett, Oct.
10, 1973.
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In our economics calculations, the cost of converting U;Os to UFs as needed in the enrichment
plant is included with the uranium purchase price. This is not a major expense. Present prices are
around $1/1b of U3O0s. This price was assumed to be an invariant throughout the study.

Separative Work

Separative work was discussed in Section 5.1. The reference price schedule used in this study
starts at $42/SWU in 1975 and increases by $1/SWU each year until it reaches $50/SWU; it remains
constant at $50/SWU thereafter. The range of reasonable uncertainty is assumed to be the range of
uncertainty in privately financed centrifuge enrichment plants, or-$40 to $60/SWU. The high side
price schedule starts at $44/SWU in 1975 and increases $2/SWU per year to 1983 and then remains
constant at $60/SWU, The low price schedule assumes a constant $40/SWU throughout. Figure A.3
shows a plot of these prices.
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Fabrication

Since each system has a different fuel element, the fabrication cost is different for each. Our
reference unit fabrication plus reconversion costs for the PWR and HTGR systems are those used in
the current cost/benefit analysis done as part of the LMFBR environmental impact statement.’

In attempting to establish a range of reasonable uncertainty for this cost, we assumed that the
PWR costs have a great deal of near-term reliability. By 1980 we assumed a +10% reliability and by
2000 a +20% reliability. The PWR fabricafion cost vs time is shown in Fig. A4.

The HTGR unit fabrication cost estimation has more uncertainty because of the variety of
HTGR fuel cycles and greater uncertainty as to penetration. A £$50/kg uncertainty was applied to
the reference fabrication cost. These costs are also plotted in Fig. A4.

The unit costs for the CNSG fuel element fabrication were estimated based on fabrication in a
PWR fuel element plant. Costs were assumed to be the same as for PWR fuel, with cost penalties
caused by cleanup of the fabrication facility due to changeover to and from the CNSG element and
additional material unit costs in fabricating the shorter CNSG element.

The cleanup cost is assumed to be carried 100% by the CNSG fuel. This cost is dependent on
plant size and may be expected to increase fabrication costs by approximately 1.6 to 2.4 times the
unit costs without cleanup.’ We estimate that the increased hardware costs would increase unit
fabrication costs by 1.12 to 1.24 times the price of a standard PWR fuel element.

The net effect is that the CNSG fuel fabrication will probably cost 1.8 to 3 times the unit cost
for PWR fuel. Our reference price schedule uses 2.4 times the PWR reference unit fabrication price.
The range of uncertainty is 1.8 and 3.0 times the PWR costs. These prices are also plotted in Fig.
A4

When doing the economics calculations, shipping costs of the fresh fuel were included with the
fabrication costs. These costs are not varied in this study and are given in Table A.l.

2. Studies and Evaluations—Civilian, HEDL Monthly Resume, December 1973, Hanford Engineering Development
Laboratory, Jan. 9, 1974, -

3. J. A. Lane et al, Evaluations of an External-Loop Pressurized-Water Reactor Steam Supply for Maritime
Applications, ORNL-4453 (Special) (November 1969).

Table A.1. Economic data

Conversion of U303 to UFg, $/1b U303 1.00
Thorium price, $/kg ThO, 9.00
Fresh fuel shipping cost, $/kg

LWR-CNSG fuel 3.50

HTGR . 25.00
Spent-fuel shipping cost, $/kg -~

LWR-CNSG fuel 6.50

CHTGR ~ : © 50,00
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Fig. A4. Fuel fabrication unit costs.

Fuel Recovery

In our economic calculations, the fuel recovery costs include shipping of spent fuel, fuel
reprocessing, waste disposal, and conversion of uranium to UFs for return to the diffusion plant.
The unit shipping charges, assumed to remain constant in time, are given in Table A.1.

For the fuel recovery cost, excluding the shipping charge, we use the cost structure assumed in
the LMFBR cost/benefit analysis work. The values used here for the PWR unit costs represent a
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significant increase in estimated cost when compared with previous estimates.”’ The current
estimates represent a more realistic approach to costs of a yet unbuilt plant and to the costs of waste
disposal. The range of uncertainty for the PWR fuel reprocéssing unit costs was taken at £10% in
1980, increasing to £20% in the year 2000. These unit costs are plotted in Fig. A.5. The CNSG
recovery costs were assumed to be the same as those for other light-water reactor fuels.

4. Reactor Fuel Cycle Costs for Nuclear Power Evaluations, WASH-1099 (December 1971).
5. Guide for Economic Evaluation of Nuclear Reactor Plant Designs, NUS-531 NUS Corporation (January 1969).
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-The HTGR recovery costs used in the LMFBR cost/ benefit analysis work are based on current
estimates of General Atomic.' We have arbitrarily applied a £20% uncertainty to these numbers.

Bred Material Worth

The light-water reactors produce saleable quantities of plutonium; HTGRs produce **U which
may also be sold. The values of these fissionable materials will probably be determined by the price
of enriched uranium, since they are a competitive fuel with **U in some types of fuel cycles. The
price of plutonium will also be strongly influenced by its use in fast breeder systems beginning
toward the end of the century. ‘ o '

Plutonium price estimates® range from about $6 to $9/g for use in plutonium recycle in PWRs

and between $15 to $25/g in fast breeder systems.® However, these estimates are based on uranium

ore price projections lower than those used in this study. Previous studies® at ORNL have used a
plutonium price of 5/6 that of fully enriched uranium. We also chose to use this price schedule as
our reference in this study. A range of uncertainty of 1/6 the value of highly enriched uranium is
also considered.

Whereas **Pu is less valuable than °U for use in thermal reactors, *’U is somewhat more
valuable. The price of **U used in this study is 7/6 = 1/6_ the value of highly enriched uranium. The
price projections for fissile plutonium and **’U used in this study are plotted in Fig. A.6.

COST EVALUATION METHODS

Average fuel-cycle costs calculated in this study for a 30-year reactor lifetime were based on
present value discounting techniques. The average, or levelized, fuel cost was determined by
computing the present value (value discounted to reactor startup) of all fuel costs and credits and
dividing this by the discounted amount of energy sold during the life of the plant.

In the discounted cash flow procedure used here, the sum of the present-worthed cash incomes
must equal the sum of the present-worthed cash expenditures. These expenditures include direct
costs such as ore purchase and fuel fabrication as well as taxes. For income tax purposes, the direct
costs are assumed to be deductible on a pro-rata basis with poWer production.

The fuel cycle cost is made up of two components, the direct cost and the indirect charges
associated with an item of cost. The direct cost contribution is obtained by summing up all costs and
credits during the reactor history and dividing this by the total energy sold with no discounting, or

Zn

= > A.l
D Z (A.D)

=t4

stV

where D is total direct cost, Z, is total fuel costs and credits during period n, and E, is energy.
produced during period n.

The indirect charges consist of return on outstanding investment, interest payments, taxes, etc.
To calculate the indirect charges, we first determine the total discounted present value of all direct

6. R. G. Schwieger, “The Nuclear Fuel Cycle: What's Happening Today?” Power, September 1973.
7. R. R. Henderson and D. J. Bauhs, “Fuel Management Simulation Studies at Westinghouse,” paper presented at
Nuclear Utilities Planning Methods Symposium, Chattanooga, Tenn., Jan. 16-18, 1974.
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fuel costs over the reactor lifetime and divide this by the discounted amount of energy delivered, or

% (+x)y""Z,

= — ., 2
T AT, (A2)

. Where x is discount factor and T is total cost before pro-rata effect. The result is the total cost, if all

expenses can be deducted for tax purposes as they occur. The total indirect charge, including the
pro-rata effect, is the difference between this total cost and the direct cost multiplied by

1.0

. A3
a-na=s) “4-3)
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or

1.0

I=(T-D) —————, (A9
TP a—ha-9
where ¢ is federal income tax rate, S is state income tax rate, and 7 is total indirect cost.
The discount factor to be used with this procedure is given by
x=(1-b)i, +_(1 -8 -S)biy, (A.5)

where b is fraction of investment from debt; 7. is earnings rate on equity after taxes; and i, is interest
rate on debt. The total fuel cycle cost (Crc), including taxes, is the sum of the direct and indirect
charges '

Crc=D+I. (A.6)

It is assumed in doing these calculations that debt and equity remain in constant proportion
throughout the life of the project. For calculational purposes, we assumed that income from energy
generated or fissile material sales during a semiannual accounting period is received at the end of the
period. Costs such as fuel purchase, fabrication, and reprocessing were charged at the beginning of
the period in which they occurred. The accounting lead and lag times used in the fuel cycle are
shown in Table A.2.

Table A.2. Fuel cycle lead times

Number of 6-
month periods
First core
U30g purchase to startup 3
Separative work purchase to startup 3
Fabrication purchase to startup 2
Reloads
U30g purchase to recharge 2
Separative work purchase to recharge 2
Fabrication purchase to recharge 1
Discharge to reprocessing payment 1
Discharge to fissile sale 2
FUEL CYCLE COSTS

Fuel cycle costs as a function of discount factor before income tax are shown in Figs. A.7 to
A9. These costs were calculated using Eq. (A.2) and are based on our reference unit cost structure
and mass balances for the PWR, CNSG, and HTGR reactor systems. Also tabulated on these
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Fig. A.7. LWR fuel cycle costs.

figures are the direct costs calculated using Eq. (A 1). Three startup dates, Jan. l 1981, 1986, and
1991, are consndered Using these curves and Eqgs. (A 4) to (A 6), the total fuel cycle cost may be
calculated for a wxde variety of tax and financial assumptions. ;

For example, using Eq. (A.5) and the utility reference case assumptions, we have 10% after tax

return on equity, 8% cost of borrowed money, 55% of investment on borrowed money, 48% federal

income tax rate, and 3% state and local income tax rate. The discount factor from Eq. (A.5) is
6.72%. For a 1986 startup of an LWR (PWR or BWR), the fuel cycle cost before income taxes from
Fig. A.7 for this discount rate is 26¢ per 10° Btu. The direct cost is 22¢/10° Btu. The indirect
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charge multiplier from Eq. (A.3) is 1.983. From Eq. (A.4), the total indirect cost is 9¢/10° Btu,
and the total fuel cycle cost from Eq. (A.6) is 31¢/10° Btu.

All the fuel cycle costs given here are based on an 809 plant factor. For other plant factors, the
indirect costs will be inversely proportional to the plant factor, while the direct costs will be
unchanged.

A summary of the fuel cycle costs calculated for the utility and industrial reference cases is given
in Table A.3. Tables A.4 and A.S give the value of the initial core and the average yearly direct fuel
cycle expenses respectively.

The fuel cycle costs calculated for the PWR and HTGR reactor systems are fairly close for the
same startup dates and economic groundrules. The calculated heat cost for the HTGR is slightly
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Table A.3. Reference fuel cycle costs for three startup dates

< 1981 : 1986 1991
t - .
ystom Utility Industrial Utility Industrial Utility ~  Industrial
LWR :
¢/10° Btu 213 327 31.0 38.0 346 434
mills/kKWhr(e) 291 3.49 3.31 4.05 3.69 463
HIGR
¢/10° Btu 302 38.7 33.0 430 359 413
 mills/kWhr(e) 267 342 291 3.80 317 4.17
CNSG
¢/10% Btu . 414 524 46.7 60.3 518 68.1
mills/kWhr(e) 4.86 6.15 548 7.07 6.08 799

Table A.4. Value ($10°) of initial core

for three startup dates
System 1981 1986 1991
LWR 29.2 352 41.0
HTGR -40.7 46.5 51.0
‘CNSG 62 7.3 . 83

Table A5, Average yearly direct fuel

cycle expenses? ($10°)
System 1981 1986 1991
LWR 16.20 17.57 18.75
HTGR 13.80 14.63 15.36
CNSG 197 2.14 2.28

%Includes initial core.

higher than that for the PWR. However, since the HTGR syStem has a higher thermal efficiency, its

electrical energy cost is slightly less than that for the PWR. The fuel cycle cost for the CNSG is
significantly higher than that for the reference HTGR or the PWR. This is mainly due to the higher
fuel enrichment in the CNSG when compared to larger LWRs. This higher fuel enrichment is
necessitated because of the higher relative neutron leakage from the small CNSG core. A CNSG
reactor of the same size as a PWR system should have the same fuel cycle costs if operated in a like

manner, including similar fueling schedules.

C
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FUEL CYCLE COST SENSITIVITIES

The effect on the fuel cycle costs of variations in the unit costs were calculated for the utility
reference economic conditions. The high and low unit cost price schedules mentioned previously
were used. The results are given in Table A.6. ‘

It can be seen from this cost breakdown that the largest dlrect cost component is the uranium
cost, followed by separative work cost. There is a large fissile sales (Pu) credit for the PWR and
CNSG systems. The HTGR, which recycles the bred ***U, has a lower fissile credit which arises from
the sale of the core at the end of life. The fabrication and reprocessing costs, although significant,
are smaller than the enriched uranium cost (uranium purchase plus separative work). For 1981
startup, the fabrication and reprocessing together account for about 20% of the PWR and CNSG
direct costs and about 329 of the HTGR direct cost for the reference (base) unit price conditions.
These percentages become smaller for later startups due to the decrease in these unit costs with time
compared to the rise in ore cost with time. ‘

Table A.6. Fuel cycle cost breakdown (¢/10° Btu)

1981 startup 1986 startup 1991 startup
Base High Low Base High Low Base High Low
PWR
Uranjum purchase 13.53 13.53 7.83 15.79 15.79 9.42 17.69 17.69 1093
Separative work 8.48 10.13 6.83 8.53 10.24 6.83 8.53 10.24 6.83
Fabrication 1.74 199 1.50 1.63 1.88 1.38 1.55 1.81 1.28
Fuel recovery 2.13 245 1.80 201 2.33 1.68 195 2.29 1.62
Fissile sales 6.03)% (5.22) 4.94) (6.42) (5.54) (5.33) (6.75) (5.79) (5.66)
Total direct cost? 19.85 22.88 13.02 21.54 24.70 1398 2297 26.24 15.00
Indirect charge® 745 7.55 594 9.44 9.76 596 11.63 12.00 7.05
Total fuel cycle cost 27.30 3043 = 1896 3098 3446 1994 34.60 38.24 22.05
HTGR : '
Uranium purchase 8.10 8.10 4.80 9.51 9.51 5.69 10.77 10.77 6.59
Separative work 6.86 8.17 5.56 695 8.34 5.56 695 8.34 556
Fabrication 3.84 4.64 3.04 3.64 4 .44 2.84 344 424 2.64
Fuel recovery 2.28 2.54 2.02 2.16 243 1.89 2.16 243 1.89
Fissile sales (1.85) (2.26) (1.16) . -(1.89) .31) (1.16) (1.93) 2.35) (1.16)
Total direct cost? 19.23 21.19 1426 20.37 2241 14.82 21.39 2343 15.52
Indirect charge® - 1094 - 1249 8.16 12.65 14.49 8.10 14.50 16.36 8.85
Total fuel cycle cost 30.17 33.68 2242 33.02 36.90 2292 35.89 39.79 24 .37
CNSG . . .
Uranium purchase 1533 15.33 8.75 18.17 18.17 10.72 20.54 20.54 12.56
Separative work - 11,10 13.23 8.96 11.20 1344 896  .11.20 13.44 8.96
Fabrication 364 452 2.76 3.38 420 2.57 321 398 244
Fuel recovery ‘191 2.20 1.62 1.82 2.11 151 177 207 147
Fissile sales 5.61) 485 . (461) (9N .14) 4.96) (6.26) - (5.38) (5:26)
‘Total direct costd 26.37 3043 1748 28.60 32.78 18.80- 3046 3465 20.17
Indirect cost® 15.01 16.08 ‘1149 18.14 1945 1162 2138 2272 1296
Total fuel cycle cost =~ 41.38 46.51 2897 46.74 §2.23 3042 5184 51.37 33.12

“Numbers in parentheses indicate fuel cycle credit.

bDirect costs are independent of financing assumptions.

€Indirect charges for utility reference case; assume 80% plant factor.
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The fissile credit shown for the high and low cost cases is not the absolute highest (more
positive) or lowest (more negative) cost. This cost is consistent with the uranium and -separative

‘work costs and a price range of 5/6 + 1/6 times the value of highly enriched ummum for plutonium

sales and 7/6 £ 1/6 the value of highly enriched uranium for **U sales.
The total cost shown for the high and low conditions are simply the totals of the individual hlgh

‘and low cost components. It is not expected that all costs will be high or low in tandem. Except for

the fact that Pu and 334 prices are based on the highly enriched uranium price, interactive effects
were not considered. Such interactions could be caused by the avallabxlxty of more low-cost
uranium, leading to the low uranium purchase cost estimate. If this were to occur, the enrichment
plant tails would probably be higher than the 0.2% used here. This would increase the ore usage and
decrease the separative work required. Also, if more uranium is available, the plutonium recycle
option in LWRs will be less attractive, and the incentive for fast breeder reactors will also be
reduced. This could lead to a decrease in plutonium demand, which would be reflected in a reduced
price.

ALTERNATE SIZE REACTORS

Fuel cycle costs were also estimated for a 1900-MW(t) PWR, a 1235-MW(t) CNSG system, and
for both a 2000-MW(t) and a 1000-MW(t) HTGR. Lifetime fuel cycle calculations were not made
for these alternate systems. The fuel cycle costs shown in Table A.7 are based on extrapolations
from the reference size PWR [3420 MW(t)] and HTGR [3000 MW(t)].

Table A.7. Fuel cycle costs (¢/ 106 Btu) for alternate size reactors

Syst Size 1981 1986 1991
stem

[MW(t)] Utility -~ Industrial - Utility  Industrial  Utility Industrial
PWR 1900 282 338 32.1 39.3 359 449
CNSG 1235 29.4 36.1 335 420 37.5 482
HTGR 2000 318 - 407 349 454 38.0 50.1

1000 348 44.6 38.3 50.0 419 553

If the size of a reactor system is decreased, there will be a greater neutron leakage from the
smaller core. A larger fissile material loading is then needed to compensate for this increased
leakage. This causes an increase in the fuel cycle costs. The fuel cycle cost for the 1900-MW(t) PWR
was estimated by computing the change in fissile loading required to compensate for the increased
fractional neutron leakage from the smaller core. The results are consistent with a comparison of a
600-MW(e) and a 1000-MW(e) PWR reactor as given in WASH-1082.%

The fuel cycle costs for the 1235-MW(t). CNSG were estimated based on information furnished
by Babcock and Wilcox with adjustments for economic assumptions and fuel element size.

8. Current Status and Future Technical and Economiq Potemiai of Light Water Reactors, WASH-1082 (March 1968).

O
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Information on the fissile material loading for a 3000- and a 2000-MW(t) HTGR was obtained
from preliminary safety analysis reports.”'® The specific inventory (kg/kW) of the 1000-MW(t)
HTGR was estimated by extrapolating from the respective 3000- and 2000-MW(t) values. The fuel
cycle costs for the 2000- and 1000-MW(t) HTGR reflect the cost penalty of the higher specific
inventories of these two systems when compared to the 3000-MW(t) reference design.

9. Preliminary Safety Analysis Report, Fulton Generating Station, Units | and 2, Philadelphia Electric Company,

January 1974, , .
10. Preliminary Safety Analysis Report, Summit Power Station, Delmarva Power and Light Company, December 1973.
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Appendix B

Steam Line Cost Study—Basis of Cost Estimate

This estimate is based on conceptual assumptions furnished by John Yarbrough of the
Engineering Mechanics Department, UCC Nuclear Division. The material listed covers the
requirements for 1 mile of line. The pipe is assumed to be in 20-ft lengths with ends beveled for
welding. The calcium silicate insulation will be installed in 2-in. layers of material premolded in
segments conforming to the diameter of the pipe. Three layers will be applied, and the insulation will
be covered with aluminum jacketing. Supports will consist of concrete footings with concrete piers
extending above the ground and saddles of metal plate. Rollers will be used to allow for expansion
and contraction.

It is assumed that road and small stream crossings can be accommodated by the arrangement of
expansion loops which are included. No provisions are made for wide stream crossings or rugged
terrain. Average accessibility and terrain conditions are assumed.

Escalation must also be applied after July 1974. Labor prices are those which are current in the
Oak Ridge, Tenn., area and will need adjusting to the area in which the work is planned. The costs
as shown indicate construction funding per mile of proposed line. No provisions for costs of land,
land rights, easements, or engineering are made in this estimate.

The calculations in Tables B.1 and B.2 were made in order to estimate the cost of a steam
pipeline, either 24 or 36 in. diameter, to deliver steam from a generating facility to distribution
points. The pipeline is 5 to 10 miles long.

No actual geography was considered, and it was assumed that all obstacles, such as roads, could
be cleared by the expansion loops (10 loops/mile) (Fig. B.1). Any larger obstacles, such as wide
rivers, would require special consideration and would result in considerable cost increase.

The design parameters obtained were not optimized or refined but are representative for
purposes of estimating cost. The steam operating condition considered was 850 psig, 525°F. An
additional condition of 2400 psig, 950°F steam was included initially but was dropped due to
excessive wall thickness requirements.

The design was based on seamless pipe: A-106 grade B for the 850 psig, 525°F condition; and
SA-199 grade 3b for the 2400 psig, 950°F condition. From availability considerations, welded pipe
may have to be substituted. This may affect the cost.

Steam traps were not included in the design but should be covered (costwise) within the 5%
contingency.

ORNL~DWG 75—-8145

Fig. B.1. Expansion loop details.
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Table B.1. Design summary?

850 psig, 525°F 2400 psig, 950°F
24 in. 36 in. 24 in. 36 in.
Pipe .
Material A-106B A-106B SA-199 SA-199
Length,” ft/mile 6200 6200 6200 6200
Wall thickness, in. . Sched.40,0.687 1_.0 2.7 4
Cost, §/ft T~ ~165
Expansion loop
U, ft . . 528 528 528
w,ft ' 150 150 150
H, ft 35 40 35
No./mile 10 - 10 10
Distance between supports, ft 56 : 65
Insulation
Thickness, in. 6 ) [ 8 9
Cost, $/ft . ~24 . ~33 ~35 ~47
90°Ells. - . o . .
Number/mile . 40 40 40 40
Cost each, $ ~1100 " ~3800 360 360
Welds,? number/mile (approximate) 360 360
9All prices current, ~5/1/74.
DTo buy in 20-ft lengths (6400 ft in 40-ft lengths). -
€Assumes hydrostatic test (will hold water).
0.t lengths, 220 welds/mile for 40-ft lengths.
Table B.2. Steam line cost study
X 5 i . a Material . Labor,
Material and description Quantity - Unit "
Unit cost ($) Total (§)  Hours Rate ($/hr) Total ($)
36-in, pipe, 1-in. wall (steel) . . - :
In place only 6200 LF 175 1,085,000 2 9.25 114,700
Welds (circumference) 360 Each - 100 36,000 80 9.25 266,400
Radiograph (welds) ) 360 Each ' 100 . 36,000 4.00 144,000
Stress relieve ) 360 Each 100 © 36,000 4.00 144,000
Supports 120 Each 500 60,000 10.00 120,000
Rigid anchors 10 Each 500 5,000 20.00 20,000
90° ells (in place o'nll) 40 Each 4000 160,000 12 9.25 4440
Insulation (St. sect.) 6200 LF 35 217,000 4 9.75 241,800
Insulation (ells)b ) ) 40 Each 630 25,200 64 9.75 24,960
: ' 1,660,200 1,080,300
Misc. . - Lo . ¢ 99,800 109,700
. S : 1,760,000 -1,190,000
24-in. pipe, sched.-40 ) B o
- In place only 6200 LF 75 ' 465,000 1 9.5 §7,350
Welds (includes align.) ~ 360 . Each 50 18,000 40 9.25 133,200
_Radiograph welds 360 °  Each 50 18,000 2.00 72,000
Stress relieve welds 360 Each 50 7 18,000 2.00 72,000
Supports 120 Each 400 48,000 6.00 72,000.
Rigid anchors 10 Each 400 4,000 10.00 10,000
90° ells (in place only) ) 40 Each 1200 48,000 4 9.25 1,480
Insulation (Calsil)b e 6200 :LF 25 155,000 2 9.25 114,700
Insulation (ells only)b 40 Each - 300 12,000 24 9.25 8,880
] . 786,000 541,610
Misc. 47,000 54,390
833,000 596,000

@LF = linear feet.
YIncludes aluminum jacket.
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Appendix C

Step-by-Step Procedure in
AEC Licensing of Nuclear
Power Reactors* |

RADIOLOGICAL SAFETY AND ENVIRONMENTAL IMPACT REVIEW

1. ‘An electric utility planning to build and operate a nuclear power plant for the purpose of
generating electricity for distribution to its service area must seek approval from the Atomic Energy
Commission.

2. The AEC licensing process for a nuclear power plant involves a two-stage procedure. The
initial stage consists of the filing and processing of an application for a construction permit. The
second stage consists of the filing and processing of an application for an operating license.
Construction of a nuclear power plant may not begin until a construction permit has been issued by
the AEC. Similarly, a nuclear power plant may not be loaded with fuel or operated until an
operating license has been issued by the AEC.

3. A construction permit application is prepared with the assistance of the utility’s contractors
including the contractor for the nuclear steam supply system. The application contains a detailed
description of the proposed site and proposed design of the plant, an accounting of the financial
qualifications of the utility as well as other information which is generally provided for in the
Commission’s Regulations on “Licensing of Production and Utilization Facilities.” At the time the
application is submitted the applicant must also submit to the AEC an environmental impact report
relating to the proposed plant. Guides to the preparation of the reports, detailing the kind of
information required to be included, have been developed by the AEC Regulatory Staff.

4. The AEC arranges for documents and correspondence relating to the case to be available for
public inspection at a local public document room (usually in a public library) established in
the vicinity of the proposed facility as well as in the AEC Public Document Room in Washington,
D.C. ‘

5. Each application is initially reviewed by the AEC Regulatory Staff to determine whether the
application, including the preliminary safety analysis report and the environmental report, contains
sufficient information to satisfy the AEC requirements for a complete application. In addition, a
substantive review and inspection of the applicant’s quality assurance program covering design and
procurement is conducted. If the application is not sufficiently complete and/or the quality
assurance program is not acceptable, the application is rejected. If the application satisfies the AEC
requirements it is formally accepted for detailed review. The initial acceptance review takes about 30
days. ,

6. AEC is required under the Atomic Energy Act to hold a public hearing before issuance of a
construction permit. The hearing is conducted by a three-man Atomic Safety and Licensing Board,
the Chairman of which is a lawyer qualified in the conduct of administrative proceedings and two

‘Reptodliced from a booklet: U.S. Atomic Energy Commission, Office of Information Services, “Now a Word about  Step-
by-Step Procedure in AEC Licensing of Nuclear Power Reactors—Radiological Safety and Environmental Impact Review,”
Washington, D.C., July 1973, .




277

other members who have appropriate qualifications. Within a few weeks of acceptance of an
application, the Commission issues a notice of the public hearing which will be held after the safety
and environmental reviews have been completed. The notice of hearing includes the basic issues
which must be considered at the hearing. Opportunity is afforded to interested members of the
public to intervene as a party to the proceeding or to participate in the form of a “limited
appearance” simply to express their views. An intervenor in the proceeding may take a position
cither in support of or against the proposed construction permit. The notice of hearing is issued at
this early stage of the licensing process, even though the actual hearing will not be held for several
months, in order to provide for full public participation in the decision making process.

Because of the quasi-judicial nature of the hearing, there are specific requirements for becoming
a full party to the proceedings by intervention. A petition to intervene, accompanied by a supporting
affidavit, must state in reasonably specific detail, the petitioner’s interest, how that interest may be
affected by the proceeding, the specific aspects of the case on which he wishes to intervene and the
basis for his contentions. In addition, the petition must be filed within the time specified in the
notice of hearing. Participation by limited appearance is less formal and the only requirement is that
a request be made to the Commission or the Licensing Board. The Regulatory Staff may hold
meetings with potential intervenors to discuss their concerns.

Within 60 days of publication of the notice of hearing in the Federal Register, a special
prehearing conference is convened to consider the petitions to intervene; to permit identification of
the issues in controversy, if any; to determine the need for discovery by the parties (obtaining further
information and documents); and to discuss a further schedule of actions.

7. In the meantime, the AEC Regulatory Staff has begun its comprehensive study of the
application for the purpose of determining whether there is reasonable assurance that the plant as
proposed can be built to operate safely with minimum environmental impact. This study which takes
several months involves a review of the technical reports submitted by the applicant, meetings with
the utility and nuclear supply system manufacturer and others as necessary to discuss the design of
the plant and details of the proposed site from the radiological safety standpoint.

After the Staff formulates its final position with respect to radiological safety, it issues a Safety
Evaluation which also is made available to the public. The safety aspects of the application then are
reviewed by the independent statutory. Advisory- Committee on Reactor Safeguards. The ACRS
furnishes its' advice on the safety of the reactor in writing to the - Atomic Energy
Commission. This letter becomes a part of the public record. - o :

The Regulatory Staff also prepares and circulates a draft environmental statement on the
impact of the proposed plant for concurrent study by other Federal and State agencies as required
under the provisions of the National Environmental Policy Act, and the regulations of the Council
on Environmental Quality and the AEC implementing that Act. After evaluation of comments
received on the draft, the Regulatory Staff prepares a Fmal Envxronmental Statement which is made
available to the public. : :

The Final Environmental Statement and Safety Evaluation, including changes in design or
other aspects of the applnwtron will be offered as ev1dence by the Regulatory Staff at the pubhc
hearing.

8. The public hearmg begins normally at the nearest sultable place in the vicinity of the
proposed plant site. If the hearing is uncontested, it may require as little as one day. In an
uncontested case, the presiding Atomic Safety and Licensing Board’s function is to consider, without
duplicating the review already performed by the Regulatory Staff and the ACRS, whether the
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application and the record contain adequate information to support the issuance of the construction
permit. However, if the hearing is contested, it may require many weeks of testimony by expert
witnesses. The time will depend on the nature of the matters in disput¢ and the vigor with which
opposing intervenors present their case. In a contested case, the Licensing Board must decide the
issues in controversy. , v

9. After the public hearing is completed, the Atomic Safety and Licensing Board issues an
initial decision. Under the Commission Regulations, if the initial decision authorizes the issuance of
a construction permit, the AEC may issue the construction permit promptly on the basis of the
initial decision. Any party to the proceeding may file exceptions to the initial decision, but such
exceptions do not interfere with any authorization to issue a construction permit or require that
construction be stopped if the permit has been issued pending any action by the Appeal Board.

10. The initial decision and any exceptions are reviewed by an Atomic Safety and Licensing

Appeal Board. Normally, the administrative review process will end with the Atomic Safety and
Licensing Appeal Board; however, the Commissioners can, on their own initiative, review particular
issues. o

11. AEC Regulations prohibit the beginning of construction of nuclear power plants and other
licensed facilities until a construction permit has been issued. This includes activities such as clearing
of land, excavation, construction of non-nuclear facilities (such as turbo-generators and turbine
buildings), or other substantial action that would adversely affect the natural environment of a site.

However, certain activities such as preconstruction monitoring to establish background
information related to the suitability of the site or to the protection of environmental values are
permitted. This includes geologic, seismic, hydrologic, and meteorologic investigations and such
clearing and building of roads and physical structures as are reasonably necessary for the purpose of
determining site suitability. These activities must be conducted in a manner that would keep their
environmental impact to a minimum.

In some cases, the AEC can issue specific exemptions which authorize certain other
preconstruction permit activities where good cause exists. However, these exemptions are made on a
case-by-case basis. '

12. After about two years of construction work, the utility files with the AEC a final technical

safety analysis and another environmental report in support of its application for an operating
license. These are subjected to the same kind of thorough safety review by the Regulatory Staff as
was the case at the construction permit stage. The ACRS again reviews the project and furnishes its
advice to the Commission. The environmental review at this licensing stage takes into account any
environmental impact matters which are significantly different from those considered earlier.

13. Soon after acceptance of the operating license application, the Commission publishes notice
that it is considering issuance of the license. The notice provides that any person whose interest may
be affected by the proceeding may petition the AEC to hold a hearing and specifies the period of
time within which such petitions must be filed. The requirements for a valid petition are the same as
those described earlier at the construction permit stage. ‘

If no hearing is requested, the AEC issues an operating license after the safety and
environmental reviews are completed and the facility is inspected to be sure it has been satisfactorily
completed and ready for fuel loading. :

If a request for a hearing is received and granted, the hearing process. proceeds in much the

same fashion as for the construction permit stage. Obviously, if a hearing is held at the operating
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license stage, it will be a contested one and authorization of an operating license would depend on a
favorable decision of the Atomic Safety and Licensing Board.

The “appeals process” in the event exceptions are filed to an initial decision at the operating
license stage is the same as indicated above for the construction permit stage.

14. During this entire process, from the start of construction through the operating lifetime of
the facility, routine monitoring is carried out by the Directorate of Regulatory Operations to insure
compliance with specifications set forth in the permit or license and other AEC Regulations.
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Appendix D

Standard Format and Content of Safety Analysis
Reports for Nuclear Power Plants

CHAPTER 1.0 — INTRODUCTION AND GENERAL DESCRIPTION OF PLANT

1.1 Introduction
1.2 General Plant Description
1.3 Comparison Tables
1.3.1 Comparisons with Similar Facility Designs
1.3.2 Comparison of Final and Preliminary Information
1.4 Identification of Agents and Contractors
1.5 Requirements for Further Technical Information
1.6 Material Incorporated by Reference

CHAPTER 2.0 — SITE CHARACTERISTICS

2.1 Geography and Demography
2.1.1 Site Location
2.1.2 Site Description
2.1.3 Population and Population Distribution
2.1.4 Uses of Adjacent Lands and Waters
2.2 Nearby Industrial, Transportation and Military Facilities
2.2.1 Locations and Routes
2.2.2 Descriptions
2.2.3 Evaluations
2.3 Meteorology
2.3.1 Regional Climatology
2.3.2 Local Meteorology
2.3.3 Onsite Meteorological Measurements Programs
2.3.4 Short Term (Accident) Diffusion Estimates
2.3.5 Long Term (Routine) Diffusion Estimates
2.4 Hydrologic Engineering
2.4.1 Hydrologic Description
2.4.2 Floods
2.4.3 Probable Maximum Flood (PMF) on Streams and Rivers
2.4.4 Potential Dam Failures (Seismically Induced)
2.4.5 Probable Maximum Surge and Seiche Flooding
2.4.6 Probable Maximum Tsunami Flooding
2.4.7 Ice Flooding
2.4.8 Cooling Water Canals and Reservoirs
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2.4.9 Channel Diversions
2.4.10 Flooding Protection Requirements
2.4.11 Low Water Considerations
2.4.12 Environmental Acceptance of Effluents
2.4.13 Groundwater
2.4.14 Technical Specifications and Emergency Operation Requirements
2.5 Geology and Seismology
2.5.1 Basic Geologic and Seismic Informatlon
2.5.2 Vibratory Ground Motion
2.5.3 Surface Faulting
2.5.4 Stability of Subsurface Materials
2.5.5 Slope Stability

CHAPTER 3.0 — DESIGN OF STRUCTURES, COMPONENTS, EQUIPMENT, AND SYSTEMS

. 3.1 Conformance With AEC General Design Criteria

3.2 Classification of Structures, Components and Systems
3.2.1 Seismic Classification
3.2.2 System Quality Group Classification
3.3 Wind and Tornado Loadings
3.3.1 Wind Loadings
3.3.2 Tornado Loadings
3.4 Water Level (Flood) Design
3.4.1 Flood Elevations
3.4.2 Phenomena Considered in Design Loading Calculations
3.4.3 Flood Force Application
3.4.4 Flood Protection
3.5 Missile Protection
3.5.1 Missile Barriers and Loadings
3.5.2 Missile Selection
3.5.3 Selected Missiles
3.5.4 Barrier Design Procedures
3.5.5 Missile Barrier Features

3.6 Protection Against Dynamic Effects Associated With the Postulated Rupture of Piping
3.6.1 Systems in which Design Basis Piping Breaks Occur
3.6.2 Design Basis Piping Break Criteria
3.6.3 Design Loading Combinations
3.6.4 Dynamic Analyses
3.6.5 Protective Measures:
3.7 Seismic Design
3.7.1 Seismic Input
3.7.2 Seismic System Analysis
3.7.3 Seismic Subsystem Analysis
3.7.4 Seismic Instrumentation Program
3.7.5 Seismic Design Control
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3.8 Design of Category I Structures
3.8.1 Concrete Containment
3.8.2 Steel Containment System
3.8.3 Concrete and Structural Steel Internal Structures of Steel or Concrete Containments
3.8.4 Other Category I Structures
3.8.5 Foundations and Concrete Supports
3.9 Mechanical Systems and Components
3.9.1 Dynamic System Analysis and Testing
3.9.2 ASME Code Class 2 and 3 Components
3.9.3 Components Not Covered by ASME Code
3.10 Seismic Design of Category I Instrumentation and Electrical Equipment
3.10.1 Seismic Design Criteria
3.10.2 Analyses, Testing Procedures and Restraint Measures
‘ 3.11 Environmental Design of Mechanical and Electrical Equipment '
3.11.1 Equipment Identification
3.11.2 Qualification Tests and Analyses .
‘ 3.11.3 Qualification Test Results
: 3.11.4 Loss of Ventilation

CHAPTER 4.0 — REACTOR

4.1 Summary Description
4.2 Mechanical Design
4.2.1 Fuel
4.2.2 Reactor Vessel Internals
4.2.3 Reactivity Control Systems
4.3 Nuclear Design
4.3.1 Design Bases
4.3.2 Description
4.3.3 Analytical Methods
4.3.4 Changes
4.4 Thermal and Hydraulic Design
4.4.1 Design Bases
4.4.2 Description
4.4.3 Evaluation
4.4.4 Testing and Verification
4.4.5 Instrumentation Requirements

CHAPTER 5.0 — REACTOR COOLANT SYSTEM AND CONNECTED SYSTEMS

5.1 Summary Description
5.1.1 Schematic Flow Diagram
5.1.2 Piping and Instrumentation Diagram
5.1.3 Elevation Drawing
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5.2 Integrity of Reactor Coolant Pressure Boundary
5.2.1 Design of Reactor Coolant Pressure Boundary Components
5.2.2 Overpressurization Protection .
5.2.3 General Material Considerations
5.2.4 Fracture Toughness '
5.2.5 Austenitic Stainless Steel ,
5.2.6 Pump Flywheels : _
5.2.7 Reactor Coolant Pressure Boundary Leakage Detection Systems -
5.2.8 Inservice Inspection Program
5.3 Thermal Hydraulic System Design
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6.3.1 Design Bases
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6.X.1 Design Bases
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7.7 Control Systems Not Required for Safety
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8.1 Introduction
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Appendix E

Stahdard Format and Content of Environmental

Reports for Nuclear Power Plants

1. PURPOSE OF THE PROPOSED FACILITY

1.1 Need for power
1.1.1 Load characteristics
1.1.2 Power supply
1.1.3 Capacity requirement
1.1.4 Statement on area need
1.2 Other objectives
1.3 Consequences of delay
2. THESITE
2.1 Site location and layout
2.2 Regional demography, land and water use
2.3 Regional historic, scenic, cultural and natural landmarks
2.4  Geology
2.5 Hydrology
2.6  Meteorology
2.7  Ecology
2.8 Background radiological characteristics
2.9  Other environmental features
3. THE PLANT
3.1 External appearance
3.2 Reactor and steam-electric system
33 Plant water use
3.4  Heat dissipation system
3.5 Radwaste systems
3.6  Chemical and biocide wastes
3.7 Sanitary and other waste systems
38 Radioactive materials inventory
3.9  Transmission facilities

4. ENVIRONMENTAL EFFECTS OF SITE PREPARATION, PLANT AND TRANSMISSION
FACILITIES CONSTRUCTION

4.1
4.2
4.3

Site preparation and plant construction
Transmission facilities construction
Resources committed
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5. ENVIRONMENTAL EFFECTS OF PLANT OPERATION
5.1 Effects of operation of heat dissipation system
5.2  Radiological impact on biota other than man
5.2.1 Exposure pathways
5.2.2 Radioactivity in environment
5.2.3 Dose rate estimates
5.3  Radiological impact on man
5.3.1 Exposure pathways
5.3.2 Liquid effluents
5.3.3 Gaseous effluents
5.3.4 Direct radiation
5.3.4.1 Radiation from facility
5.3.4.2 Transportation of radioactive materials
5.3.5 Summary of annual radiation doses
5.4  Effects of chemical and biocide discharges
5.5  Effects of sanitary and other waste discharges
5.6  Effects of operation and maintenance of the transmission system
5.7  Other effects
5.8  Resources committed
59  Decommissioning and dismantling

6. EFFLUENT AND ENVIRONMENTAL MEASUREMENTS AND MONITORING PROGRAMS
6.1 Applicant’s pre-operational environmental programs
6.1.1 Surface waters
6.1.2 Ground water
6.1.3 Air
6.1.4 Land
6.1.5 Radiological surveys
6.2  Applicant’s proposed operational monitoring programs
6.2.1 Radiological monitoring
6.2.2 Chemical effluent monitoring
6.2.3 Thermal effluent monitoring
6.2.4 Meteorological monitoring
6.2.5 Ecological monitoring
6.3  Related environmental measurement and monitoring programs

7. ENVIRONMENTAL EFFECTS OF ACCIDENTS
7.1 Plant accidents involving radioactivity
7.2 Other accidents

8. ECONOMIC AND SOCIAL EFFECTS OF PLANT CONSTRUCTION AND OPERATION
8.1 Benefits
8.2 Costs
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9. ALTERNATIVE ENERGY SOURCES AND SITES

9.1
9.2

9.3

Alternatives not requiring the creation of new generating capacity
Alternatives requiring the creation of new generating capacity
9.2.1 Selection of candidate areas

9.2.2 Selection of candidate site-plant alternatives
Cost-effectiveness comparison of candidate site-plant alternatives

10. PLANT DESIGN ALTERNATIVES

10.1
10.2
10.3
10.4
10.5
10.6
10.7
10.8
10.9
10.10

Cooling system (exclusive of intake and discharge)
Intake system '
Discharge system

Chemical waste treatment

Biocide treatment

Sanitary waste system

Liquid radwaste systems

Gaseous radwaste systems

Transmission facilities

Other systems

11. SUMMARY BENEFIT-COST ANALYSIS

12. ENVIRONMENTAL APPROVALS AND CONSULTATIONS

13. REFERENCES

TABLES

Table 1 Benefits from the Proposed Facility

Table 2 Monetized Bases for Generating Costs

Table 3 Environmental Factors to be Used in Comparing Alternative Plant Systems
Table 4 Basic Tabulation to be Used in Comparing Alternative Plant Systems

Table 5 Basic Tabulation to be Used in Comparing Alternative Transmission Routes
Table 6 Cost Description of Proposed Facility and Transmission Hookup

APPENDICES

1. Questionnaire for Eliciting Data for Radioactive Source-Term Calculations
2. Example of Charts Showing Radiation Exposure Pathways
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Appendix F

Population Risk Profiles for Texas and
Louisiana Industrialized Areas
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Fig. F.7. Population risk factors for Baton Rouge, La.
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